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Section I - Overview of New England Market Performance & Developments 2001-2002

Executive Summary
The annual report describes the third year of the performance and operation of the competitive wholesale electricity markets in New England for the period May 2001 through April 2002.  ISO New England Inc. (ISO-NE) administers the wholesale electricity markets and manages the day-to-day reliable operation of the bulk generation and transmission system within the six-state New England region.

This report discusses the major initiatives undertaken during the May 2001-April 2002 fiscal year (FY 2001) and provides information on the performance of the New England electricity market for the year.  Among the major initiatives, ISO-NE and stakeholders in the New England electricity market have developed new market rules to improve operational efficiency through implementation of a Standard Market Design (SMD) with multi-settlement markets using locational marginal pricing.
  Other initiatives enhanced opportunities for trading with other regions.  With respect to market operations, electricity prices were less volatile and on average lower than in the previous year.  Uplift levels declined from prior years.
  Independent market assessments conducted during the year show that the region’s participants and markets generally behave consistently with competitive expectations.

A.
Summer 2001 Reform Package

There were many substantial changes in the New England wholesale electricity market rules and operational procedures during FY 2001.   Perhaps the most important of these changes was the development of the Summer 2001 Reform Package, which was implemented on May 1, 2002.  During the summer of 2001, the expected relationship between the Energy Clearing Price (ECP) and higher load levels was not observed, raising concerns about potentially inefficient pricing during peak load periods.    ISO-NE’s Board of Directors requested that its Independent Market Advisor (Dr. David Patton) review these events.  Concurrently ISO-NE engaged PricewaterhouseCoopers (PWC) to examine the real-time operation of the market system for the month of August 2001.  In February 2002, ISO-NE submitted to the Federal Energy Regulatory Commission (FERC) a package of reforms in response to the findings in the Independent Market Advisor’s Report and PWC’s evaluation of the dispatch software.

The Reform Package makes market-clearing prices for energy and reserves more reflective of market conditions, thus increasing the efficiency of the market by sending appropriate price signals to customers and generators.  

The analysis of summer 2001 pricing concluded that the inefficient ECPs were primarily attributable to the then-existing market rules and procedures, namely: (a) a large amount of capacity dispatched out-of-merit order or otherwise ineligible to set the ECP; (b) lack of appropriate reserve prices; and (c) significant impediments to efficient trading between New York and New England during peak periods when price differences prevail.  The market rules introduced as part of the Reform Package address many of these problems by increasing the pool of units eligible to set the ECP, payment of opportunity costs in the reserve markets, and improved rules governing transactions with New York. 

The implementation of the Reform Package resulted in corresponding modifications to Market Rule and Procedure 17 (MR17).  MR17 now includes provisions for monitoring transactions from high-cost to low-cost areas, to identify the use of Short Notice External Transactions to raise the ECP in ISO-NE's market. Generating units are also monitored for compliance with the requirement that NEPOOL participants bid the physical low-operating limits of their units (MR 3).  Finally, a pool-wide competition screen has been developed to determine whether resources should be subjected to congestion market-power screens when run out-of–merit during transmission-constrained periods.

B.
Other Market Developments

There were other noteworthy market rule changes during the last fiscal year.  On April 26, 2001, FERC approved changes to NEPOOL tariffs to implement Net Commitment Period Compensation (NCPC) and Three-Part Bidding, effective July 1, 2001.  The introduction of NCPC and Three-Part Bidding has contributed to the reduction in uplift costs.  Uplift costs in FY 2001 decreased by 43 percent compared to the previous year's level.  

During the year, MR 17 was revised to require mitigation affecting unit commitment or dispatch to be applied only prospectively.  Reference price screens in MR17 were modified to calculate reference prices for Hot and Cold Startup and No-load bids.  Investigation Thresholds have also been modified to include a section for Start-Up and No-load bids.  The Hourly Market Impact and Uplift Threshold screen in MR17 was modified to reflect NCPC.  

ISO-NE released its first Regional Transmission Expansion Plan (RTEP01) during FY 2001.  RTEP01 identifies areas where potential reliability problems exist in the context of maintaining power system reliability, efficiency, and competitive wholesale electricity markets.  RTEP01 identifies potential reliability and transmission congestion problems in Southwest Connecticut, the Maine/New Hampshire interface and the Greater Boston area.  RTEP02 is scheduled for completion in fall 2002.

Over the past year ISO-NE took initiatives to address the reliability concerns in Southwest Connecticut.  In particular ISO-NE developed and implemented an Emergency Capability Supplement program for Southwest Connecticut.  On February 27, 2002, ISO-NE issued a Request for Proposals soliciting approximately 80 MW in Southwest Connecticut either through load response or supply resources.  The Request for Proposals resulted in 83.6 MW of additional system resources of which over 69 MW were temporary peaking generating units.  In the longer term, ISO-NE has supported licensing efforts for a 345 kV transmission line upgrade that would increase transfer limits into the Southwest Connecticut area.

On May 18, 2001 the FERC issued an order-approving establishment of a new Load Response Program for New England in 2001.  The summer of 2001 Load Response Program received subscriptions for a total of 65.6 MW.  The load response program is divided into Class I (Demand Response) and Class II (Price Response).  The Class I program is an emergency interruptible load program where end-users offer a guaranteed level of interruption, responding within 30 minutes to system reliability threats.  The Class II program is a price responsive program where end-users are paid the value of their foregone energy consumption when they respond to an ISO-NE notice. To reduce some program barriers observed by Participants marketing the program, improvements were made to the load response programs for the Summer 2002.  These program revisions were implemented to encourage increased participation.  The Summer 2002 program provides a minimum payment of $100/MWh, with a two-hour minimum response payment for Class I interruptible loads.  Further, the period that these Class I interruptible loads must be available for interruption was reduced from 2300 to 1800 hours.  This change makes the program requirements accord better with the typical business day for more of the facilities that wish to participate in this program.    Load that provides economic response, Class II, receives a congestion cost multiplier applied to the ECP in constrained areas.  As of August 2002, the Load Response Program registered over 202 MW of which 99 MW is in SWCT, including the 83 MW from the Southwest Connecticut initiative.  As demonstrated in succeeding sections of this report, the load response program and the Southwest Connecticut initiative allow for a considerable increase in the level of competitiveness in the Southwest Connecticut region.

C.
Market Performance.

In terms of market performance, average prices in ISO-NE’s real time energy market decreased nearly 31 percent from $51.86/MWh in FY 2000 to $36.04/MWh in FY 2001.  As explained in Section II of this report entitled “Market Performance,” lower oil and natural gas prices significantly contributed to this price decrease.  Figure 1 below shows Energy Clearing Prices for New England during the first three years of the market.  The figure demonstrates that the fuel price-adjusted ECP in New England over the past three fiscal years has remained fairly constant.  The figure indicates that unadjusted Energy Clearing Prices for FY 2001 returned to levels very close to those in FY 1999.

Figure 1- New England Energy Clearing Prices ($/MWh)
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Similar to the ECP, All–In Energy Prices, comprising capacity, energy, ancillary service and uplift costs, decreased by approximately 30 percent from FY 2000 to FY 2001.  Table 1 shows the trends in All-In Energy Price and its components over the last three years in $/MWh.   The table shows that energy continued to be the dominant portion of All-In Energy Prices.  It also shows that each year uplift costs fell as a percentage of all costs.

Table 1 - New England All-In Energy Price ($/MWh)
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New England continued to attract investment in new generation capacity, keeping pace with the region's steadily growing demand for electric power and providing the economic and environmental benefits of the latest generating technologies.  Over 1,300 MW of new capacity began operating during FY 2001.  Similar levels of new generation are expected to come on-line over the next couple of years.  The increased levels of generation capacity have allowed for a substantial increase in current and forecasted reserve margins.  Figure 2 shows the trend in reserve margins from 1999 through 2006.  Forecasts are based on project on-line dates of units currently under construction and announced retirements as of June 2002.

Figure 2 - 1999-2001 Actual and 2002-2006 Forecasted Summer Reserve Margin
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Figure 2 shows a substantial increase in reserve margins, from a low of approximately 10 percent in 2001 to a projected increase in mid-2002 to approximately 30 percent.

During FY 2001, ISO-NE conducted or supported a number of major studies of market competitiveness.  An external study by James Bushnell and Celeste Saravia of the University of California at Berkeley and an internal study by ISO-NE developed measures of actual market performance based on comparisons with competitive benchmarks. These studies help to indicate the health of the markets.  If this analysis identifies market inefficiencies (expressed as excessive persistent markups over the competitive benchmark), then further analysis must be conducted to determine the potential causes of these inefficiencies and to remedy them.  A third study, produced in May 2002 by Dr. David Patton, the independent market advisor to the ISO-NE Board of Directors, focuses specifically on behavioral causes of market inefficiency, market participants’ withholding of generating resources.  The three studies indicate that New England’s electricity markets have been workably competitive. 
I.
Key Market Developments

A.
Introduction

During FY 2001 ISO-NE implemented a number of efficiency-enhancing market rules.  Perhaps the most important of the improvements was the “Summer 2001 Reform Package.”  In addition, ISO-NE implemented Three-Part Bidding and Net Commitment Period Compensation (NCPC) designed to allow more bidding flexibility and reduce “uplift.”  ISO-NE also introduced a “DDP Filter,” which reduces large and unnecessary swings in Desired Dispatch Point instructions sent to generators through electronic dispatch software.  These and other enhancements during FY 2001 are discussed below.

B.  Summer 2001 Reform Package

During the summer of 2001, the New England control area experienced record-setting loads.  At high loads, there was an apparent inconsistency between load levels and clearing prices, as the ECP did not efficiently reflect the corresponding scarcity in supply.  Furthermore, during these periods there was considerable variation in the ECP from one hour to the next as external contracts were dispatched to relieve capacity shortages.  ISO-NE’s initial review of the ECPs for this period indicated that in many hours prices had been established at inefficient and counterintuitive levels.  ISO-NE’s Board of Directors requested that its independent market advisor, Dr. David Patton, review these events and produce a report.  Dr. Patton's November 2001 report confirmed ISO-NE’s initial conclusions that the ECP was often set at inefficiently low levels, particularly during times of high demand, due to the large amount of capacity operating out of merit and ineligible to set the ECP.  

As a further response to peak-load pricing concerns, ISO-NE engaged PricewaterhouseCoopers (PWC) to examine the real time operation of the market system for the month of August 2001.  PWC evaluated the accuracy of ISO-NE’s dispatch software in computing Real Time Marginal Prices (RTMPs) in accordance with the Market Rules and Procedures and System Operating Procedures.  The audit confirmed that ISO-NE’s operations were consistent with the Market Rules, but identified several instances in which there were inconsistencies between several Market Rules.

Based on the assessment of prices during the summer of 2001 and the results of the PWC analysis, ISO-NE formulated a package of market reforms (the “Reform Package”) designed to improve market pricing and alleviate barriers to trading between the New York and New England control areas.  The Reform Package was filed with the FERC on February 27, 2002 and sought approval of several reforms in the New England energy and reserves markets.  The proposed reforms are intended to address many of the economic inefficiencies identified by Dr. Patton.  Furthermore, the implementation of SMD is expected to resolve additional problems identified in Dr. Patton’s report that could not be addressed in the Reform Package.  The Reform Package includes Market Rule changes:

· Permitting peaking units operating at their low operating limits and external contracts that can be committed and decommitted hourly (though not dispatchable on a five- minute basis) to be considered in the calculation of the ECP for those five-minute intervals when they are economic for energy or required to supply spinning reserves or Operating Reserves in shortage conditions.

· Requiring owners of all generating units to bid a low operating limit based on physical and economic characteristics of the unit.

· Providing opportunity cost payments to units that provide non-spinning reserves at times when they are in-merit for energy.

· Providing for availability bids, subject to a bid cap, from units offering non-spinning reserves.

· Providing for reverse-cascading of reserve prices so that ten-minute spinning reserves are never paid less than ten-minute non-spinning reserves, and ten-minute non-spinning reserves are never paid less than thirty-minute operating reserves.

· Increasing the transparency of the Reserve Markets by including units to serve as Replacement Reserves in the Thirty-Minute Operating Reserve market.

· Encouraging intra-day transactions between control areas by supporting them in unit commitment.

· Proposing certain technical rule changes principally intended to rectify inconsistencies among the various Market Rules.

C. Three-Part Bidding and NCPC

On July 1, 2001, ISO-NE implemented Three-Part Bidding and Net Commitment Period Compensation.  Together, these changes were intended to decrease the volume of energy uplift charges borne by the Pool, reverse the trend towards inflexible bidding of generators, and support the convergence of the New England, New York and PJM electricity marketplaces.  Three-Part Bidding and NCPC are components of SMD and similar to mechanisms currently used in New York and PJM.

Three-Part Bidding and NCPC have contributed substantially to a 43 percent decrease in uplift costs.  A reserve-sharing agreement
 (SAR) with the New York control area for up to 300 MW, which went into effect in February 2001, is also partly responsible for the decrease in uplift resulting from the more efficient dispatch afforded by the agreement. Decreased coal, oil and gas prices also have had an impact on reducing energy and congestion uplift.  However, ISO-NE’s review of bidding information indicates that Three-Part Bidding and NCPC account for much of the decrease in uplift costs.  Market data indicate that after the implementation of NCPC and Three-Part Bidding, participants modified unit bid parameters and bids to reflect increased flexibility available under Three-Part Bidding.

D.
Revision to formula calculating DDP compliance

ISO-NE has been continually refining and improving its dispatch procedures and rules to enable more efficient and cost-effective system operations; this helps both the operators of generating units and ISO-NE control room staff.  In this context, over the summer and fall of 2001, ISO-NE began working closely with NEPOOL Participants to revise the formula that determines whether a generator is following its Desired Dispatch Point (DDP) instructions.
  The results of these efforts were two filings by NEPOOL in October and November 2001 concerning proposed changes to Market Rule 5.  The original DDP formula identified a generator as non-compliant with the dispatch rules even when the “non-compliance” was minimal or otherwise justified.  The revised formula effectively expands the acceptable bandwidth for determining whether a generator is operating at its DDP.  On December 21, 2001, FERC issued an order accepting NEPOOL’s proposed tariff revisions.  FERC agreed that generators should not be flagged as non-compliant for deviations from the DDP that are minor or beyond the generator’s reasonable control.  
E. DDP Filter

The DDP filter is a system that notifies operators of the impending dispatch of relatively expensive generation.  This notice allows operators to determine whether that generation is essential or whether the call for additional generation is a consequence of the dispatch model not looking far enough into the future.  Prior to the implementation of the DDP filter in July 2001, the Scheduling Pricing and Dispatch (SPD) software would send DDP instructions that occasionally would result in inappropriate price signals that were inconsistent with the market rules.  The implementation of the DDP Filter prevents SPD from sending such inappropriate DDPs.  ISO-NE’s data indicate that the installation of the DDP filter has resulted in a drop in administrative price corrections.  In FY 2001 89 price corrections were attributable to “software errors,” compared with 205 corrections for the same category in FY 2000.

F. Special Interim Market Rule

The Special Interim Market Rule (the “Interim Rule”) governs Energy and Reserve prices during capacity-constrained conditions.  The Interim Rule was initially filed on November 1, 2000 in compliance with a FERC order that established temporary bid caps for the energy market during the actual or expected application of Operating Procedure No. 4 (OP4 - action during a capacity deficiency).  The FERC order also established bid caps for the AGC market and accepted a proposed extension of bid caps in the reserve markets.   

On March 9, 2001, ISO-NE filed a request to amend the Interim Rule to extend the temporary price limitations in the applicable markets into the future.  This Amended Interim Rule also clarified the circumstances when the NEPOOL markets would not be workably competitive, thereby expanding the period when the caps were in effect from OP4-declared hours to include: (a) the entire 24-hour operating day following the declaration of a Capacity Shortage during the (day-ahead) unit commitment process and (b) dispatch periods during which the selection of an in-merit resource to provide energy would cause a reserve shortage and require ISO-NE to utilize out-of-merit resources to provide energy so that internal resources could be used for reserves.  In addition, reserve bids were to be capped at the ECP rather than the hourly clearing price for reserves, and the $1000/MWh energy bid caps were to be extended during periods of capacity shortage. Because the rule specified that reserve bids were to be capped at the ECP, reserve caps were to be administered at the five-minute level.  

On November 1, 2001, a new version of the Amended Interim Rule went into effect.  Under the Amended Interim Rule, energy bids are capped at $1000/MWh during all hours, rather than only during periods of capacity shortages. Hourly clearing prices for reserves are now capped at the ECP during all hours and are administered at the hourly level, rather than at the five-minute level.  The Amended Interim Rule will remain in effect until SMD is implemented, at which time a substantially similar safety net bid-limitation regime is expected to take effect.

G. New Mitigation Screens in Market Rule 17 

The primary revisions to MR17 from May 2001 through April 2002 were changes in the Reference Price Screens and Investigation Thresholds, above which bids can be investigated for possible mitigation.
  Separate Reference Prices are now calculated for Hot and Cold Startup and No-Load Prices; however, there are no changes to the Reference Price calculations for Energy and AGC Block Prices. Startup and No-Load bids face potential mitigation if they cause an increase of 200 percent above the respective Reference Prices. Changes to MR17’s market mitigation screens arose due to two significant events: (a) the introduction of Three-Part Bidding and NCPC and (b) the implementation of the Summer 2001 Reform Package effective May 2002.

1.
Three-Part Bidding and NCPC (FERC Docket ER01-2144-000)

On April 26, 2001, FERC approved changes to the market rules to implement Three-Part Bidding and NCPC, effective July 1, 2001. Three-part bids consist of separate bids for (1) hot and cold start-up, (2) no-load and (3) incremental energy, rather than single-part energy bids to cover all three elements.  NCPC replaces hourly uplift, including the LOL uplift payment mechanism, which produced large uplift payments, most noticeably during the summer of 2000.  By adopting both Three-Part Bidding and NCPC, ISO-NE compensates generators more accurately for out-of-merit operations, promotes generating-unit operating flexibility, and reduces uplift payments. 

The changes to MR17’s mitigation screening procedures include:

· Mitigation affecting unit commitment or dispatch will be applied only prospectively.

· The “Reference Price Screens” in MR17 Section 17.2.2.1 were modified to incorporate the calculation of separate reference prices for Hot and Cold Start-up and No-Load.  

· Reference Prices for Hot and Cold Startup are 90-day average prices adjusted for changes in fuel prices, provided the units was started up for Energy at least 15 times during the previous 90 days, not counting instances of zero or negative bids, congestion, reactive power, and out-of-merit operation denied uplift.  The Reference Price for No-Load bids is the arithmetic average of the unit’s in-merit bids.  

· Reference Prices for Start-Up and No-Load generating units that are not eligible for the 90-day average price calculations due to an insufficient number of in-merit bids, are determined by the first of the following measures that can be calculated: (a) an averaging of competitive bids of one or more similar units or (b) a level agreed upon by ISO-NE and the market participant submitting the bid(s) prior to the occurrence of the conduct being examined by ISO-NE. 

· Investigation Thresholds in MR17 Section 17.2.2.2 were modified to include a section for Startup and No-Load bids.  This section specifies that increases of 200 percent or more over the Reference Price will warrant investigation; this is the same threshold used by the New York ISO. Unlike Energy Bid Blocks, there is no minimum dollar threshold for investigating Startup and No-load bids; ISO-NE will revisit this issue as bid data become available over time. 

· For units whose bid physical characteristics have changed significantly, the Investigation Threshold is based on the smallest historical bid value determined from bids during the first 89 operable days when Three-Part Bidding was in effect.  If such data are unavailable or inappropriate for a unit, ISO-NE will use historical bid values from similar units to calculate that Investigation Threshold value.

· The Hourly Market Impact and Uplift Threshold screen in MR17 Section 17.2.3 was modified to reflect the implementation of NCPC.  While maintaining the threshold parameters of 100 percent and $10/MWh above the uplift reference prices as a condition for pursuing mitigation action, MR17 includes a formula for the NCPC reference price that links that price to the differential between bid-block prices and the ECP.  

2. 
Summer 2001 Reform Package changes to MR17 mitigation screens

On May 1, 2002, ISO-NE implemented a number of changes to MR17 in response to recommendations of the independent market advisor (the “Reform Package”). These changes were filed by ISO-NE on February 27, 2002 and approved by FERC on April 26, 2002.  The changes to MR17 contained in the Reform Package include the following:

· Monitoring of transactions from high-cost to low-cost areas, in order to identify the use of Short Notice External Transactions (SNETs) to raise the energy-clearing price in ISO-NE’s single-settlement markets. 

Although the Reform Package recommends that ISO-NE remove barriers to inter-area transactions, the potential exists for participants to sell from a higher-priced region (e.g., New England) to a lower-priced region (e.g., New York), thereby effectively withholding generation and artificially raising prices in the high-priced region.  MR17 states that if the market impact of these transactions results in an aggregate change in the ECP of greater than $100/MWH over a day, and the NEPOOL Participant does not provide a satisfactory explanation for this conduct, in the future, ISO-NE may prohibit such transactions by the NEPOOL Participant. 

· Monitoring units for compliance with the requirement that NEPOOL Participants bid the physical LOLs of their units (Market Rule 3).

The maximum biddable LOL
 value is the greater of (a) the lowest level at which the unit can reliably operate for a sustained period of time (b) the highest level supportable by environmental restrictions or (c) the highest level at which a unit’s incremental heat rate is minimized.  Therefore, ISO-NE will monitor strategic bidding of high LOL values that reduce operational flexibility and available reserves.

· Adding a Pool-Wide Competition Screen (Section 17.3.1.1 of MR17) to determine whether to mitigate resources run out-of-merit during periods of transmission constraints.

This screen applies when the system TMOR reserve requirement was not met during any hour of a dispatch day.  The screen was incorporated into the ex post congestion-mitigation process (previously consisting of competition and price screens only) to avoid penalizing resources for providing energy in a congested area when their energy would actually have been in merit but for the need for congestion-related out-of-merit dispatch.

H. ICAP Amendments to Market Rule 4 

ISO-NE promoted the development of new rules to address ICAP imports from New York.  If the Market Rules for importing capacity and energy into New England from New York had not been revised, the total amount of ICAP could have exceeded the Total Transfer Capability (TTC) of the New York ties.  ISO-NE worked with NEPOOL to identify the appropriate market rule changes that, while honoring existing long-term agreements for the ties, would allocate tie capacity fairly and efficiently.  On February 12, 2002, NEPOOL submitted proposed changes to Market Rule 4, Contract Submittal, and the Monthly External ICAP Verification Form (Appendix 4-M) that amend the procedures for submitting external transactions across the New York-NEPOOL interface. On April 12, 2002, FERC approved NEPOOL’s proposed changes to MR4.

I. Southwest Connecticut Congestion

Over the past year, ISO-NE has participated in several forums to highlight the significant reliability problem in the Southwest Connecticut area.  The transmission infrastructure in Southwest Connecticut (SWCT) is inadequate to ensure that supply will reliably meet load within that area.  Transmission limitations not only prevent the import of less expensive energy, but they also limit the output of local generation, resulting in congestion uplift costs.  Due to short-circuit limitations, major transmission upgrades are necessary to accommodate new generation within SWCT.  In addition, several generating units located in critical areas of SWCT may deactivate or retire, which could further reduce the reliability of the SWCT sub-area.

To improve the reliability of the SWCT sub-area starting in the summer of 2002, ISO-NE issued a Request for Proposals that resulted in the installation of over 80 MW of additional system resources comprised of temporary generators, existing emergency generators, and load response in SWCT (discussed further below in the Load Response Section).  Also, “quick fixes” are in place to improve local voltage problems.  Longer-term improvements are planned to further address voltage problems by summer 2004 and to replace overstressed circuit breakers in the Norwalk area; these changes may allow for some modest addition of generation.  Finally, ISO-NE has supported licensing efforts for a 345 kV line from Plumtree to Norwalk and the eventual plans for closing the 345 kV loop back to Beseck Junction.  These facilities would greatly ameliorate the area’s reliability problems and accommodate further generation expansion.  Although the Southwest CT area could pose persistent reliability problems in the future, the solicitation and engagement of additional system resources for the area and the development of a load response program have contributed to a significant increase in the level of competitiveness there.

The Southwest Connecticut reliability issue is discussed further in the context of the Regional Transmission Expansion Plan and the Load Response Program.

J. Regional Transmission Expansion Plan

In October 2001, pursuant to Section 51 of the NEPOOL Open Access Transmission Tariff (NOATT) and in compliance with FERC Order 2000, the ISO released the first Regional Transmission Expansion Plan (RTEP01) for New England.  RTEP01 identifies areas that need improvement to ensure power system reliability, efficiency and competitive wholesale electricity markets.  ISO-NE's RTEP is one of the most comprehensive evaluation processes of a bulk electric power system in the country and has been cited as a model for other regions.  One of the main features of the NOATT is that it allows ISO-NE to issue solicitations, under certain conditions, for the construction of upgrades included in the plan.  Conclusions from the RTEP01 plan include:

· Severe reliability problems could exist when a particularly large single generation source in the SWCT sub-area is unavailable.  Bus by bus analysis shows that transmission reinforcements are required in the SWCT and Norwalk (NOR) sub-areas. These reliability problems could be mitigated with additional transmission, generation or targeted demand-side management programs.

· The Maine/New Hampshire interface is currently constrained, and generation located in Maine is sometimes “locked-in.”  New generation south of the interface will mitigate the economic congestion, but the locked-in generation conditions will cause persistent congestion and reliability problems.  The addition of any significant amount of generation in Maine or increasing the import capacity from New Brunswick would reduce the forecasted Maine/New Hampshire transfer margins.

· Significant transmission congestion will exist from an economic viewpoint, primarily due to export constraints from Maine, southeastern Massachusetts and Rhode Island, and import constraints in southwestern Connecticut and Greater Boston.  The congestion costs could range from $125 to $600 million per year depending on study assumptions.

· RTEP01 also discusses how the impending implementation of SMD, which includes location-based pricing, will highlight the need for the location of new generating units, upgrades to transmission facilities and demand-side management programs in transmission-constrained areas.  The RTEP for 2002 is scheduled for completion in the fall.  A draft report is currently under review by the Transmission Expansion Advisory Committee (TEAC).

K. Load Response

In December 2001, ISO-NE and NEPOOL made filings with the FERC regarding the Load Response Program.  The filings sought to expand and improve the program for the summer of 2002.  The goal of the program is to promote demand responsiveness in the NEPOOL Control Area and improve system reliability, which will subsequently enhance the competitiveness of the wholesale power markets.  The market rule changes are designed to increase participation in the program by: (1) providing customers with greater price certainty; (2) revising the response time period; (3) providing for locational value for load response in constrained areas; (4) providing some of the participating customers with a “low-tech” option of receiving interruption notices, and (5) providing Installed Capability (ICAP) credit for some customers.

L. Load Response Program Southwest Connecticut Emergency Capability Supplement (LRP-ECS).

As discussed, SWCT currently faces a reliability situation which, if not addressed expeditiously, could result in load shedding when load is high or resources are not fully available.  Calculations by ISO-NE suggest that if the reliability situation in Southwest Connecticut is not addressed, then the region risks shedding 50 to 100 MW of firm load for as many as ten hours at a time, two to four times a year.  To reduce the likelihood of load shedding in the Southwest Connecticut area, on February 27, 2002 ISO-NE issued a Request for Proposals (“RFP”) for the Load Response Program Southwest Connecticut Emergency Capability Supplement (LRP-ECS) soliciting approximately 80 MW in SWCT from load response and supply resources.  The LRP-ECS seeks to avoid reduction of firm load via voluntary load curtailments or emergency generator use and the establishment of new limited-use peaking capability.  The LRP-ECS will be in effect from June 1, 2002 through September 30, 2002 at least.  The program may be continued beyond this term based on reliability needs and the required approvals of both NEPOOL and the FERC.  

As of May 2002, over 143 MW have been registered for the 2002 Load Response Program, including 83 MW from the Southwest Connecticut initiative.  About 35 MW of load is presently “active,” i.e., available for interruption.

M. Recallability of ICAP 

In a continued effort to eliminate seams between control areas, ISO-NE developed market rules allowing New England generators to sell ICAP into New York on a non-recallable basis.  On November 20, 2001, the FERC accepted a filing by NEPOOL allowing New England generators to sell reserve capacity into New York on a non-recallable basis.  ISO-NE’s efforts under the auspices of the Northeast ISO Memorandum of Understanding (MOU) assisted in making a broader range of ICAP resources available throughout New York and New England thereby harmonizing the two Control Areas’ recallability provisions and facilitating the goal of a single Northeast market.
II.  Market Performance

A.
Introduction

This section of the Annual Markets Report provides data about basic market indices such as the Energy Clearing Price, reserve prices, price volatility, and the all-in cost of wholesale power.  The behavior of these indicators is discussed in the context of the primary drivers, such as fuel prices, generating capacity and weather patterns.

The ECP is the most watched market indicator as the energy market accounts for approximately 90 percent of the all-in cost of wholesale power. During FY 2001, ECPs decreased by 30.5 percent compared to the previous year.  The significant decline in prices is consistent with similar declines in fuel prices and with increased generating capacity.  The electricity market also saw lower levels of price volatility and significantly lower levels of uplift as compared with previous years.  Both lower fuel prices and revised uplift rules (NCPC) have contributed to the lower levels of uplift.  Bilateral ICAP prices also declined, consistent with increased generating capacity.  The combination of lower ECPs and ICAP prices resulted in the all-in cost of wholesale power decreasing by 30 percent from FY 2000 to FY 2001.

The following section provides an overview of some of the key measures of outcomes in the New England electricity market during FY 2001.  The overview is followed by a discussion of the supply and demand for electricity including Net Capacity in the system.  ECP trends and movements are discussed, including volatility and comparisons with other Control Areas, followed by a brief discussion of the role of ancillary services and of the significant decline in uplift and congestion costs.  The section concludes with a calculation of the All-In Price of Wholesale Power.

B.
Overview of FY 2001 Market Performance 

ECPs, fuel prices, ICAP prices and uplift were all substantially lower in FY 2001 than in the previous year.  The average load-weighted ECP declined by 30.5 percent from FY 2000 to FY 2001, while the All-In Price of Wholesale Power declined by 30 percent during the same period.  This contrasts with the price rises experienced during FY 2000, which were driven primarily by higher fuel costs. The figure below provides comparisons of monthly average ECPs for the past three fiscal years to illustrate this year-on-year price behavior.

Figure 3 - Monthly Average ECP FY 1999-FY 2001
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ECPs in New England in the first quarter (May through July 2001) followed a pattern that was similar to those in other energy markets in the Northeast, and reflected the national pattern of declining prices for natural gas and oil.  The trend of decreasing oil and natural gas prices continued through October 2001 and contributed, in part, to the relatively moderate ECPs in New England during the second quarter.  Exceptions to the trend occurred in July and August 2001, when hot weather and high loads resulted in higher ECPs.  On August 9, 2001, New England established a new all time high peak demand of 24,967 MW.  

In the third quarter, a combination of lower fuel prices and relatively warm weather through November and December resulted in much lower electricity prices compared to the preceding year.  

Finally, during the fourth quarter (February – April 2002), average gas prices increased about 20 percent compared with the third quarter, while fuel oil (No. 6) prices increased roughly 16 percent.  FY 2001 ended with ECPs substantially lower than the prices set in the fourth quarter of FY 2000. 

Apart from the significant decrease in the prices of fuels, the other major factor that allowed electricity prices to decrease during FY 2001 was a substantial increase in the amount of installed generating capacity. The section below considers supply, demand, and the Net Capacity situation during FY 2001. 

C.
Supply, Demand and Net Capacity

1.
Supply and Demand

Summer 2001 was warmer than normal.  System loads as measured by the Net Energy for Load (NEL), in July and August 2001 were higher by 2.6 percent and 9.6 percent, respectively, than in the same months of the previous fiscal year.  On the other hand, during the fall and winter, the NEL was lower by 3 percent in November 2001, 7.6 percent in December 2001 and 4.0 percent in January 2002 when compared to the same months in 2000/2001.  On average, for the whole of FY 2001 the NEL was around 1.5 percent lower than in FY 2000.  

Approximately 1,300 MW of new generation capacity came on-line in New England between May 2001 and April 2002, while approximately 350 MW was retired during the same period.  This is in addition to 1,400 MW added during calendar year 2000.   This new generation was an important factor in New England's ability to meet load during the summer of 2001.

Figure 4 shows the average capacity on outage each weekday over the last six years.  The total scheduled outages during the week declined by over 25 percent between FY 2000 and FY 2001 while unplanned outages increased by 39%.   Unplanned outages remained below the average level experienced in the three years prior to the opening of the markets.

Figure 4 - Average Megawatts of Outage Each Weekday
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2.
Net Capacity Available

The total capacity made available for a given hour is the sum of all New England generators’ High Operating Limits (HOLs), plus available capacity from firm external contracts (E2 Capacity), minus exports.  Many of the available external contracts do not flow regularly because their prices are higher than the price of available internal resources.  External contract capacity included here is limited to the amount for which there is physical import capability. Total capacity does not include generators that are on outage and possible emergency purchases, but does include generators that may be unavailable in the hour due to start time or transmission constraints. In Figure 5, load and reserves are subtracted from total capacity and the net, or excess, capacity is reported.  Net Capacity exceeded 2,000 MW in 98.5 percent of hours in the third year of market operation.  This value is similar to that for the previous two years of market operations.  In FY 1999 and FY 2000, net capacities were above 2000 MW, 96 percent and 99 percent of the time, respectively.

Figure 5 - Net Capacity, May 1999 - April 2002


[image: image6.wmf]0%

2%

4%

6%

8%

10%

12%

14%

16%

18%

 <0 

 0-999 

 1000 - 1999 

 2000 - 2999 

 3000 - 3999 

 4000 - 4999 

 5000 - 5999 

 6000 - 6999 

 7000 - 7999 

 8000 - 8999 

 9000 - 9999 

 10000 - 10999 

 11000 - 11999 

 12000 - 12999 

 13000 - 13999 

Net Capacity Range (MW)

Percentage of Hours

 1999-2000 

 2000-2001 

2001-2002


Figure 5 above shows that the Net Capacity situation changed significantly this year.  During FY 2001, Net Capacity in the 0 to 4,000 MW range occurred for a much smaller percentage of hours than in the previous two years.  Net capacity in the 10,000 MW to 14,000 MW range occurred for a much greater percentage of hours than in the previous years.  This information is consistent with the Average Net Capacity for each of the three years as shown in Table 2.

Table 2 - Average Net Capacity

	FY 1999
	FY 2000
	FY 2001

	6,273
	7,228
	8,851


The Average Net Capacity increased by more than 1,600 MW from FY 2000 to FY 2001.  This is the result of reduced NEL and new capacity additions.

3. Unit Availability 

Overall generator unit availability factors in the New England control area have gradually increased over the past few years as shown in Table 3.  The increased availability of nuclear plants has had the greatest effect on the overall improved availability from the middle and late 1990’s when several large nuclear facilities were out of service.

Table 3 - New England System Weighted Equivalent Availability Factors (Percent)

	
	

	
	1995
	1996
	1997
	1998
	1999*
	2000
	2001
	FY May 01-Apr 02

	System Average
	79
	78
	75
	78
	81
	81
	87
	86

	
	* 1999 represents May – December data only


The increased unit availability is also due in large part to the break-in of recently commissioned combined-cycle power plants.  When these plants were commissioned, they typically performed below design criteria.  However, subsequent to their break-in and with the introduction of design modifications, their performance has improved and availability is approaching the technology’s target levels.

Over the past year, ISO-NE staff has visited several new combined-cycle plants, and staff's discussions with plant operations personnel confirm that greater attention is being paid to design problems to ensure quick upgrades. Generating-plant manufacturers are currently modifying and reconfiguring design specifications.  These modifications will be implemented in future combined-cycle power plants, which should ultimately improve power system reliability.

In terms of the trend in unit outage, data indicate that short-term outages are being scheduled over weekends, rather than having long maintenance outages scheduled far in advance.  Both the spring and fall months continue to be the periods with the highest number of outages, as illustrated in the Figure 6.  The figure shows total outages in megawatts (MW) for May 2001 through April 2002 and as a percentage of total available capacity (as measured by Summer Claimed Capability).  

Figure 6 –Generator Unit Outages May 2001- April 2002
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The foregoing discussion has provided a broad analysis of the primary drivers such as fuel prices, weather and installed capacity in the determination of the ECP in New England during FY 2001.  The following sections discuss in more detail the behavior of the market indicators in the Energy and Ancillary Services markets.

D.
Energy Clearing Prices

The third year of competitive electricity markets in New England witnessed, on average, substantially lower energy clearing prices than in 2000-2001.  This decrease is primarily attributable to lower fuel prices.  The time-weighted average ECP fell 32 percent, from $49.16/MWh in FY 2000 to $33.48/MWh in FY 2001, while the load-weighted average price decreased by 31 percent, from $51.86/MWh to $36.04/MWh. Based on the experience over the past three years, and on an analysis of the effect of fuel prices on ECPs (also discussed in Section III), it is evident that changes in ECPs are very strongly correlated to movements in spot fuel prices.

Table 4 provides a comparison of broad indicators from the first three years of market operation.

Table 4 - Broad Indicators, 1999-2000, 2000-2001, 2001-2002

	Indicator
	1999-2000
	2000-2001
	2001-2002

	Average ECP - Time Weighted
	30.93
	49.16
	33.48

	Average ECP - Load Weighted
	33.26
	51.86
	36.04

	Average Hourly MW Load
	14,399
	14,916
	14,792

	Peak Hour MW Load
	22,523
	22,024
	24,967

	Percentage of system load met through the Spot Market
	16%
	24%
	26%


With the exceptions of July and August 2001, in every month in FY 2001 the ECP was at least 9 percent less than in the same month of FY 2000.  Warm and humid conditions during two heat waves in July and August resulted in prices that were higher than the previous year's prices by 41 percent and 3 percent, respectively. 

Figure 7 shows the ECP duration curve for each of the last three years.  Prices were less than $50 for 96 percent of the time (8420/8784 hours) in 1999-2000, 68 percent of the time (5931/8760 hours) in 2000-2001, and 93 percent of the time (8139/8760 hours) in 2001-2002.  Prices above $100 are not shown. In each of the three years, approximately 1 percent of the prices were at or above $100.

Figure 7 - Energy Clearing Price Duration Curve for Prices Below $100

1999-2000, 2000-2001, and 2001-2002
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1.
Price Volatility

On average, in the third year of operations price volatility (as measured by the standard deviation) decreased by more than 68 percent compared to the second year.  As previously documented, the high volatility in the second year was due almost entirely to events of May 8, 2000.   Volatility is generally highest during the summer peak load months, and indeed July and August saw the highest volatility levels in FY 2001.  A comparison of the standard deviations for July and August for the three-year period 1999-2001 is provided in Table 5.

Table 5 - ECP Standard Deviations  - July & August 1999-2001

	Month / Year
	1999
	2000
	2001

	July
	$56.46
	$12.01
	$127.44

	August
	$6.90
	$14.66
	$53.01


The ECP standard deviation was $127 in July 2001 and $53 in August 2001 as compared to $12 and approximately $15 in FY 2000.  Although July 2001 was cooler and drier than average for the month in New England, the control area experienced capacity deficiencies on three days.  System conditions on those three days (July 23-July 25) were designated as OP-4, and there were 13 hours when the ECPs were $1,000 (the level at which bids are capped).  Although the average monthly system load in July was lower than that in June, for example, the peak load in July was significantly higher and closer to the available operating capacity.  A subsequent heat wave during August 2001 led to new record levels in electricity demand.  

In both July and August 2001, a small number of very high ECPs significantly increased the volatility level for the whole month. To evaluate volatility of more typical hours, more robust statistical measures of volatility, the Median Absolute Deviation and the Inter Quartile Range, are provided in Table 6.  Those measures supplement the calculated standard deviation and reduce the impact of large outliers.
 

Table 6 - ECP Volatility by Year

1999-2000, 2000-2001, 2001-2002

	ECP
($/MWh)
	ECPMean
	ECP Median
	Standard
Deviation
	ECP

Minimum
	ECP

Maximum
	Median
Absolute
Deviation
	Inter
Quartile
Range

	1999-2000
	30.93
	27.50
	34.30
	-2.75
	1,003.21
	5.63
	11.25

	2000-2001
	49.16
	44.40
	132.69
	-6.45
	6,000.00
	8.57
	17.26

	2001-2002
	33.48
	30.00
	42.43
	-4.04
	1,000.00
	6.26
	12.83


The table shows that measured by any of the three metrics shown, volatility during FY 2001 was significantly lower than in the previous year.  FY 2000 was exceptional due to the high and volatile fuel prices, and the extreme ECPs experienced on May 8, 2000.  

2.
Comparison with Other Pools

Figure 8 compares New England’s electricity market price duration curve with those of the other Northeastern control areas (New York and PJM).
  For the highest 700 priced hours, ECPs in New England have been lower than those in New York and PJM.  For the next 3300 highest prices hours, ECPs in New England were lower than those in the New York control area.  Finally, for the remaining 4800 (lowest priced) hours, New England and New York ECPs were nearly equivalent.  These differences largely reflect the generating mix available in each market.  
Figure 8 - Energy Price Duration for ISO-NE, PJM, and NYISO Prices below $100

May 2001 – April 2002
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E.
Ancillary Services

1.
Spinning and Non-Spinning Reserves

The total value (the clearing price multiplied by the MW requirement) of the reserve markets (TMSR, TMNSR, TMOR) in the third year of market operations was roughly the same as in the second year of the markets.  It decreased 1 percent, from about $19.0 million in the second year to $18.8 million in the third year.  Except for July and August 2001 in the TMOR and TMNSR markets, the volatility of reserve prices decreased from FY 2000 to FY 2001.

2.
Automatic Generation Control (AGC)

The AGC market has continued to be relatively stable.  Average daily prices over the three-year period have ranged from about $2.50 to $5.95 per RegHr. Volatility continued to decrease slightly in the third year. The total value in the AGC market increased 13 percent, from around $21.6 million in the second year to $24.4 million in the third year. This increase is due in part to continued greater utilization of AGC resources under Electronic Dispatch.
F.
Uplift and Congestion

Energy uplift and uplift attributable to congestion decreased substantially from FY 2000 to FY 2001.
 The decrease is attributable to several factors. The primary contributors to lowering uplift are the introduction of Net Commitment Period Compensation (NCPC) and Three-Part Bidding, lower fuel prices, reserve sharing and the scheduling of transmission outages to reduce uplift.  Three-Part Bidding and NCPC are components of SMD, which are similar to mechanisms currently used in New York and PJM.  
1.
NCPC

The implementation of NCPC on July 1, 2001 changed uplift from an hourly calculation to a daily calculation thereby, making it consistent with unit commitment.
  NCPC is a method of uplift compensation for the Energy market that minimizes uplift costs and encourages generators to submit flexible unit characteristics in their bids.  Three-Part Bidding is a bidding protocol that allows discrete bids for start-up costs, no-load costs, and incremental energy costs. With the introduction of NCPC, the energy uplift calculation was subsumed into the overall NCPC calculation.  Figure 9 compares the levels of uplift prior to the introduction of NCPC (July 2000 through April 2001) and in the post-NCPC period (July 2001 through April 2002).  

Figure 9 –Congestion & Energy Uplift (July 2000 – April 2001) vs.

NCPC Uplift  (July 2001 – April 2002)
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Total NCPC uplift from July 2001 through April 2002 declined by approximately 38 percent from total uplift in the July 2000 – April 2001 period. The substantial decrease in uplift levels subsequent to the introduction of NCPC and Three-Part Bidding suggests that NCPC and Three-Part Bidding have served to decrease the levels of energy uplift. 

2.
Transmission Congestion

Uplift due to transmission congestion arises when generating resources are dispatched out of merit order to alleviate transmission constraints.  Transmission constraints, in turn, can exist due to insufficient transmission capacity, line outages attributable to the maintenance or construction of lines and generating units, and forced outages of transmission facilities. 

Figure 10 shows the percentage of transmission congestion, in MWh, attributable to New England areas in FY 1999, 2000, and 2001.  The figures shows that 75 percent of the New England congestion uplift in MWh during FY 2001 occurred in the Northeast Massachusetts/Boston (NEMA/Boston) area.  Compared to the previous year, the relative contribution of the NEMA/Boston area to transmission congestion increased by approximately 80 percent.  The relative portion presented by the NEMA/Boston area increased due to the significant decline in congestion costs attributable to the Southwest Connecticut area.  The percentage share of Southwest Connecticut declined from 26 percent in 2000-2001 to 8 percent in 2001-2002. The decrease in transmission congestion levels in Southwest Connecticut is attributable to the improved availability of generating capacity in the Southwest Connecticut area over the past year.  During the previous year, newly installed units experienced several start-up problems.  More recently the availability of these units has increased.

Figure 10 - Transmission Congestion MW by Area - Percentage of Total System

1999-2000, 2000-2001, and 2001-2002
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Figure 11 shows congestion uplift payments and NCPC uplift payments for congestion hours and associated MWh.  Aside from the depressing impact on uplift of NCPC implementation in July 2001, higher ECPs during the summer of 2001 imply lower uplift payments for the same amount of congested MWhs (see also Figure 12).  Congestion MWh decreased from the previous year by approximately 21 percent, from 4,437,026 MWh to 3,526,712 MWh. Figure 12 shows congestion uplift costs (unmitigated and mitigated) per MWh of system load from the beginning of the markets through June 2001 and NCPC uplift per MWh of system load from July 2001 onward.  Since July 2000, mitigated congestion and NCPC payments have been relatively stable at approximately $0.75 per MW of system load.

Figure 11 - Congestion Uplift and NCPC Uplift for Congestion Hours

May 2001 – April 2002
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Figure 12 - Unmitigated, Mitigated, and

NCPC Uplift Cost Per MW of System Load

May 1999-April 2002
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Figure 13 and Figure 14 show the causes of transmission constraints (and consequent contribution to uplift) for the NEMA/Boston and Connecticut Areas.  In these two areas, most of the congestion in the market's third year was attributable to load pocket (area) situations. This is similar to the pattern in the second year of market operations.  In contrast, in the first year of market operation, construction, maintenance, and VAR support also contributed significantly to congestion costs.

Figure 13 - Cause of Congestion Uplift, NEMA & Boston Area

September 1999-April 2002
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Figure 14- Cause of Congestion Uplift, Connecticut Area

September 1999 – April 2002
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G.
The All-In Price of Wholesale Power

Table 7 below shows the All-In Price of Wholesale Power, incorporating the costs of energy, capacity, uplift/NCPC and ancillary services in an annual load-weighted average $/MWh value. This table shows the relative weight of each of the market components (energy, AGC, reserves and uplift) together with an ICAP value derived from the bilateral market.
  The all-in wholesale power price decreased by 30 percent from FY 2000 to FY 2001 with all components but ancillary services falling relative to the previous year.  The share of energy in the overall price remained roughly the same from FY 2000 to FY 2001 at 90.5 percent with the average ECP falling significantly in tandem with fuel prices. The decline in the relative proportion of uplift is due in part to the implementation of NCPC and Three-Part Bidding as well as reserve sharing with NY.  The reduction in the relative proportion of ICAP is attributable to the decrease in the average price for ICAP traded in the bilateral market.

Table 7 - All-In Price of Wholesale Power (Load Weighted)

	Market
	May 1999-April 2000
	May 2000 - April 2001
	May 2001-April 2002

	Energy
	         33.26 
	86.6%
	           51.86 
	90.5%
	         36.04 
	90.6%

	Ancillary (Reserves & AGC)
	           0.61 
	1.6%
	             0.31 
	0.5%
	           0.33 
	0.8%

	Uplift
	           1.19 
	3.1%
	             1.67 
	2.9%
	           0.97 
	2.1%

	Capacity (Bilateral ICAP)
	           3.33 
	8.7%
	             3.44 
	6.0%
	           2.57 
	6.5%

	Grand Total
	         38.40 
	100.0%
	           57.27 
	100.0%
	         39.90 
	100.0%


The Technical Review provides more detail on the calculations in Table 7.

H.
Performance of the 2001 Load Response Program

On May 18, 2001 the FERC issued an order-approving establishment of a new Load Response Program for New England in 2002.  The Load Response Program received subscriptions for a total of 65.6 MW.  The 2001 Load Response Program was initiated seven times during the summer 2001.  Six of the events were initiated for price response (Class II). The price response program received enrollments for a total of 59 MW.  One event was for demand response (Class I).  The demand response program received enrollments for a total of 7MW.  The Class I registrations pertained to 18 sites, while Class II registrations pertained to 106 sites.  ISO-NE credited NEPOOL Participants slightly more than $228,000 during the seven load response events.  Accounting for all credits made to Participants in the 2001 Load Response Program, the payments averaged $420/MWh for the events during the summer. 

III. 
Market Analysis

A.
Introduction

Over the past year, a number of major studies examined the competitiveness of New England’s electricity markets and the role of market rules in fostering competitive outcomes.  These studies were undertaken in response to requests by market participants and ISO-NE to provide independent assessments of the energy and reserve markets.  These studies focused on participant behavior and implicity on how this behavior is affected by market rules and procedures.  

The first of these studies, “An Empirical Assessment of the Competitiveness of the New England Electricity Market” (“Bushnell & Saravia”), was issued in January 2002 by James Bushnell and Celeste Saravia of the Energy Institute of the University of California at Berkeley.  Bushnell & Saravia benchmark New England’s energy market against a simulated competitive outcome and compare the New England market’s performance with the performance of the PJM and California markets.  

The second study (“Internal Market Assessment”) is ISO-NE’s internal competitive benchmark analysis constructed along the lines of Bushnell & Saravia.  The Internal Market Assessment updates the Bushnell & Saravia analysis to include FY 2001 and will serve as a basis for ongoing analysis of the competitiveness of New England’s electricity markets.  The assessment will be carried forward as ISO-NE implements SMD later this year. 

A third study, “ A Competitive Assessment of the Energy Market in New England” (“Competitive Assessment”) was issued in May 2002 by Dr. David Patton, who serves as the independent market advisor to the Board of Directors of ISO-NE.  This study is a companion to "An Assessment of Peak Energy Pricing in New England during Summer 2001", and generally focusing on participant behavior rather than market rules.

The collective message of these studies is that New England’s electricity markets are workably competitive.  This conclusion is reached both by a “macro” analysis of a market’s overall results (Bushnell & Saravia, ISO Model) and by “micro” analysis of market participants’ conduct ("Competitive Assessment").  The three studies are consistent with ISO-NE’s other ongoing analyses, which show that the New England markets generally exhibit characteristics of competitive markets.  Results of other ISO analyses are provided at the end of the section.

1.
Bushnell & Saravia 

a.
Introduction

In 2001, ISO-NE, in conjunction with the Maine Public Utilities Commission and the Massachusetts Attorney General’s Office, engaged Dr. James Bushnell and Celeste Saravia of the University of California Energy Institute to evaluate the competitive performance of New England’s wholesale electricity markets. Prior to examining the New England markets, Dr. Bushnell co-authored similar studies of California’s electricity markets, using a methodology known as competitive benchmark analysis (“CBA”), which has also been applied successfully to study electricity markets in the United Kingdom and PJM.  Bushnell & Saravia used the CBA methodology in their New England study. 

Bushnell & Saravia develop the competitive benchmark, and use it to compare the performance of New England’s electricity markets to those of PJM and California.   Performance is measured as a percentage markup of prices over the competitive benchmark.   If high markups over the competitive benchmark persist, then there is likely to be an inherent flaw in the market that is impeding competitive outcomes.  Benchmark analysis can provide diagnostic guidance for investigating the causes of persistent high markups, such as concentrated ownership or transmission bottlenecks, but requires other analytical tools to identify the problems more precisely.
 

Comparing the clearing prices for energy in the New England, PJM and California markets to their respective competitive benchmarks, Bushnell & Saravia find that during the comparison period, New England’s wholesale electricity markets were consistently more competitive than those of PJM and California.   The comparison period of May to December 1999 covers the initial months of New England’s restructured wholesale markets, when both the restructured PJM and California markets had been underway for over a year.  

b.
Methodology

The competitive benchmark (“benchmark price”) is an estimate of the wholesale market price that would result if each market participant acted as a price taker and the market operated efficiently.  The benchmark price accounts for fuel costs (including environmental costs), unit availability, imports, and the particular characteristics of hydro and must-take production. It thus represents the incremental costs associated with the cheapest unit that is not needed to serve demand in a given hour.  

Bushnell & Saravia address the specific issues of modeling thermal unit availabilities and high opportunity cost/low direct cost units as follows: 

· Thermal unit availability. Bushnell & Saravia model thermal unit availabilities by conducting Monte Carlo simulations on the probability that a certain unit will have a forced outage in a given hour. 

· Units with high opportunity costs but low direct costs.  Bushnell & Saravia model these units as follows:

· For nuclear, cogeneration and small thermal units, Bushnell & Saravia use the units’ energy bid prices and availabilities as proxies for their actual marginal costs and availabilities.  

· For hydro and geothermal units, Bushnell & Saravia (a) assume that the observed release of hydro energy is the optimal schedule that would result in least-cost production in a competitive market and (b) calculate the marginal cost of satisfying the non-hydro demand with thermal resources.  

Bushnell & Saravia note that these modeling approaches bias the competitive price upward and thus the results understate the markup of actual over competitive prices.

c.
Comparisons of actual data to the competitive benchmark

Bushnell & Saravia compare the competitive benchmark to three measures of the wholesale market price:

· ISO-NE’s reported Energy Clearing Price (ECP). While the ECP is a single system-wide measure of market price, it reflects ISO market rules, physical dispatch constraints, and participant behavior in response to those rules.

· The price at which market demand intersects the aggregate supply curve from all generating units’ price bids (“bid-intercept”). This is the “cleanest” measure of bidding behavior to which the benchmark price can be compared.

· The price at which market demand served by thermal units intersects the aggregate supply curve from thermal units’ price bids (“thermal intercept”). 

Bushnell & Saravia’s three comparisons use quantity-weighted Lerner indices (“QWLI”).  The conventional Lerner index, defined as the magnitude of the price-cost margin as a percentage of price, is widely used to assess the competitiveness of market outcomes. The QWLI weights each hour’s Lerner index by its respective ISO-NE total system-wide load. For electricity markets, the QWLI is more appropriate than a pure arithmetic average; because electricity is a non-storable service, effective inter-temporal arbitrage is not possible.  

d.
Results 

i. Bushnell & Saravia’s Comparisons for Three Market Price Measures
Table 8 shows Bushnell & Saravia’s comparisons for the three market price measures for the period May 1999 through September 2001.

Table 8 - Bushnell & Saravia Three Market Price Measure Results

	Price Measure
	Price ($/MWh)
	Quantity-weighted Lerner index

	Competitive Benchmark Price
	37.29
	
	

	Energy Clearing Price (ECP)
	40.17
	
	12%

	Aggregate Bid Intersection Price
	37.82
	
	  4%


	Thermal Bid Intersection Price
	42.27
	
	11%


Source:  Bushnell & Saravia (2002) "An Empirical Assessment of the Competitiveness of the New England Electricity Market," pp. 14-16.

Bushnell & Saravia indicate that differences among the wholesale market price measures are affected by the following:

· The difference between day-ahead bid commitments and real-time operations;

· ISO-NE’s management of transmission congestion, by which expensive units displace cheaper units due to their advantageous location in reducing congestion;

· Unit operating constraints such as ramping times and minimum operating levels;

· The ability and incentives of market participants to self-schedule.

ii.
Comparison of New England with other electricity markets

Bushnell & Saravia then compare the New England results to similar studies of the California and PJM markets for the period May 1999 through December 1999. Table 9 presents a summary comparison of the results of those studies.

Table 9 - Bushnell & Saravia Quantity-weighted Lerner Index for Three Markets

 May – December 1999

	Market
	Market Price (ECP)

($/MWh)
	Competitive Benchmark Price ($/MWh)
	Quantity-weighted Lerner Index

	New England
	31.23
	29.95
	10%

	PJM
	32.66
	28.54
	25%

	California
	32.07
	28.06
	17%


Source:  Busnell & Saravia (2002) "An Empirical Assessment of the Competitiveness of the New England Electricity Market," pg. 9.

Table 10 outlines differences among the three markets that Bushnell & Saravia believe may explain some of the variation among their quantity-weighted Lerner indices.

Table 10 - Difference Among Three Markets Studied by Bushnell & Saravia
	Market
	Ownership
	Market design
	Regulation
	Capacity payments

	New England
	Somewhat concentrated
	Centralized. Uniform transmission pricing.
	Bid caps
	Yes

	PJM
	Concentrated (significant capacity retained by incumbent utilities)
	Very centralized;

Location-based transmission pricing
	Bid caps and price caps
	Yes

	California
	Diverse
	Less centralized; Zone-based transmission pricing
	Price caps
	No


Source: UCEI Presentation by J. Bushnell and C. Saravia, “An Empirical Assessment of the Efficiency of the New England Electricity Market,” March 22, 2002.

iii.
Caveats associated with the Bushnell & Saravia study  

· Sensitivity of results to market rules

Comparisons of the energy clearing price (ECP) with the benchmark are highly sensitive to market rules, such as those governing congestion management, unit operating characteristics, and the “hedging” effects of states’ competition transition fees. 

· Benchmark analysis measures market competitiveness, not necessarily market power.

Prices can exceed the competitive benchmark for reasons other than the exercise of market power.  For example, confusion by market participants with respect to new market rules may result in market inefficiencies, which benchmark analysis identifies. 

· The analysis covers a period with significant rule changes
For example, the Bushnell & Saravia study straddles the July 1, 2001 date when Three-Part Bidding and NCPC were introduced in New England.  The benchmark price, however, is strictly an energy price, and it excludes start-up and no-load costs.  In making cross-market comparisons, rule changes in these markets must be accounted for as well.

2.
Conclusions

Bushnell & Saravia demonstrate that New England’s wholesale electricity market is workably competitive.  As measured by the competitive benchmark analysis, the New England market outperformed the PJM and California markets during the comparison period.  

To continue to ensure workably competitive markets in the future and to improve upon this performance, however, ISO-NE must continue to refine market rules and procedures and maintain vigilant market monitoring and mitigation.  In its role as market monitor, ISO-NE intends to update this benchmark assessment over time.

B.
ISO-NE’s competitive benchmark development


1.
Introduction

ISO-NE’s Market Monitoring and Mitigation Department has developed a tool (“ISO model”) designed to conduct competitive benchmark analyses in a manner similar to that of Bushnell & Saravia.  This tool will be used to identify trends in the competitiveness of New England’s electricity market.  Like the Bushnell & Saravia model, the ISO model calculates the marginal production costs for each generating plant in New England, and it compares these costs to (a) the actual hourly bids submitted by generators and (b) the energy-clearing price as calculated by ISO-NE.   The ISO model does not separately model a thermal bid-intersection price as the Bushnell & Saravia model did. 

2.
Methodology

The ISO model closely follows the methodology used by Bushnell & Saravia.  However, some differences in data sources and modeling techniques produce differences between the Bushnell & Saravia analysis and the ISO analysis. With regard to modeling, the primary differences are:

· The ISO model addresses generating-unit availability by derating each unit’s High Operating Limit (HOL) by its historical forced outage rate (the 5-year forced outage rate, if available), rather than by using Monte Carlo simulation techniques.  Due to the convexity of the supply curve this will systematically understate the benchmark price producing a more conservative result.

· The ISO model applies the unit-specific 5-year forced outage rates for each asset to derive the competitive benchmark.  To calculate the competitive benchmark, Bushnell & Saravia apply forced outage rates (from NERC's Generating Unit Statistical Brochure) to only 111 modeled thermal units.

· The ISO uses metered settlements load, adjusted for under 5 MW generators.  Bushnell & Saravia use the sum of metered generation output.  While conceptually these are the same, in practice there are slight differences.

Bushnell & Saravia also utilize different data inputs than the ISO model does.  The ISO model uses vendor-supplied data for fuel prices and environmental permit prices, and ISO-NE Power Supply and Reliability group data for heat rates, forced outage rates and transport costs.  Bushnell & Saravia use vendor-supplied data and EIA data for fuel prices, EPA data for environmental permit prices and heat rates, and NERC information for forced outage rates.  These data differences lead to modest differences in results for specific time periods, but produce similar results over longer time periods.

Future ISO-NE Annual Reports will include the results of the ISO model as well as supporting analysis of trends in the markets’ competitiveness.  In future years, the ISO model will address generating unit availability by integrating Monte Carlo simulation into the competitive benchmark calculation, thus recognizing the random nature of forced outages.

3. Results 

Below are the results for both the Bushnell & Saravia study and the ISO model for the May to September 2001 time period.  This period of overlap allows comparison of the ISO model to the Bushnell & Saravia model.  The results are similar despite the methodological differences noted above.  This provides confidence that the newly developed ISO model is behaving as intended.

Table 11 – Comparison of the Price Measures by Bushnell & Saravia

 and the ISO Model for May – September 2001

	
	Competitive benchmark price (mean, not quantity-weighted)

($/MWh)
	ECP-based quantity-weighted Lerner index


	Bid-intersection based quantity-weighted Lerner index



	
	ISO-NE
	Bushnell & Saravia
	ISO-NE
	Bushnell & Saravia
	ISO-NE
	Bushnell & Saravia

	May-September 2001
	36.49
	34.58
	17%
	23%
	4%
	4%


Using the same data sources, the ISO model produces the following results for all of FY 2001:

Table 12 – ISO Model Market Price Measures – FY 2001
	Price Measure
	Price ($/MWh)
	0Quantity-weighted Lerner index

	Competitive Benchmark Price
	33.91
	

	Energy Clearing Price (ECP)
	36.00
	  6%

	Aggregate Bid-Intersection Price
	32.84
	  -3%


The results suggest that the market continued to behave competitively for the period beyond the Bushnell & Saravia study.  One interesting result is that the aggregate bid-intersection measure produces a negative mark-up, suggesting that producers were selling below cost.  The –3% QWLI for the aggregate bid-intersection measure is driven primarily by the measure during off-peak hours, when the bid-intersection price is well below the competitive benchmark.

For FY 2001, the bid intersection QWLI for hours ending one through six was -24%.  Excluding these hours raises the bid intersection QWLI from –3% to 0%.  Self-scheduled units are treated as zero bid prices in the model, as are hydro units. Combined with zero or near-zero bids of some large baseload plants, the ISO model could meet pool-wide energy demand in an unconstrained system during nighttime hours at very low cost.  In over 250 of these hours, the ISO model produces a zero bid-intersection price.  The competitive benchmark, however, reflects marginal cost inputs that are only zero for hydro units, and thus are often significantly higher than the bid intersection values during low demand periods. This problem may be more acute in the ISO model than in the Bushnell & Saravia model because the ISO model calculates marginal production costs for all units, while the Bushnell & Saravia model does so for only a subset of approximately 110 thermal units. The summer results do not reflect this difference because of relatively high overnight demand.

ISO-NE will revisit the issue of modeling off-peak hours in the context of on-going refinement of the ISO model. 

C.
Patton May 2002  “A Competitive Assessment of the Energy Market in New England”
1.
Introduction

In May 2002, Dr. David Patton, ISO-NE’s Independent Market Advisor, issued a report entitled “A Competitive Assessment of the Energy Market in New England” ("Competitive Assessment") that evaluates the competitive performance of the New England wholesale market during 2001 by examining whether the conduct of market participants was consistent with expectations of competitive behavior. The May 2002 Competitive Assessment Report seeks to identify participants’ efforts to increase market prices by withholding generating resources from the market.  The report, with its focus on participants’ specific conduct, complements Bushnell & Saravia’s study of general market competitiveness.  Using these different approaches, both studies conclude that the NEPOOL energy market is workably competitive but requires monitoring and well-designed market rules to remain so.  

2.
Methodology 

Dr. Patton focuses his analysis of market participants’ conduct on economic withholding
 and physical withholding.
 He notes that evaluating withholding is particularly appropriate for analyzing market power issues in New England’s electricity markets, because bidders offer schedules of prices and quantities indicating how much energy they are willing to generate at a given price level.  If these markets were competitive, then bidders would maximize their profits by offering all of their in-merit resources in the market.  However, in less competitive markets, a bidder's most profitable strategy may be to withhold resources and profitably raise prices.  Dr. Patton's evaluation is predicated on the following working hypotheses regarding physical and economic withholding:

a. The incentive to withhold increases during periods of high demand when prices are relatively sensitive to changes in supply.  That is, all else equal, withholding increases in high-demand conditions.

b. The incentive to withhold increases with the size of the firm's supply portfolio, all else equal.

c. The incentive to withhold is greater for large-portfolio firms than for firms with smaller supply portfolios, all else equal.

To measure physical withholding, Patton focuses on unit deratings that are likely to stem from efforts to create scarcity and thus raise market prices. Therefore, he excludes long-term forced outages and planned outages that are much more likely to be caused by legitimate operational issues than by a manipulative bidding strategy.

To measure economic withholding, Patton develops an “output gap” measure that compares actual supply from a unit to an estimate of capacity that is economic at a “competitive benchmark” price for the unit, and he bases that benchmark on the unit's previously accepted bids.  He also calculates an output gap based on a calculated production cost.

3.
Major findings of the May 2002 Competitive Assessment Report:

a. Withholding-related market power

There is no clear evidence that strategic withholding substantially contributed to increased energy prices during high-priced hours.  However, Dr. Patton cannot rule out the   possibility that specific outages or deratings occurred in an attempt to exercise market power.  Therefore, audits of outages and substantial deratings continues to be necessary.  

b.
Dr. Patton derives the following results from the physical withholding analysis:

· As a share of portfolio capacity, deratings are lower for large market participants (defined as having a generation portfolio greater than 1200 MW), than for smaller participants.   

· During super-peak periods (defined as hours with ECPs at $200/MWh or above), deratings as a share of portfolio capacity are not significantly higher for large participants than they are for small participants.

· In both low-demand and high-demand periods forced outages by large participants were substantially lower than those by small participants. 

c.
Dr. Patton derives the following results from the economic withholding analysis:

· The output gap averages less than 1 percent of the participants’ portfolios.

· The output gap is smallest under the highest load conditions, when the incentive to withhold is actually the greatest.

· For all load levels, output gaps for large participants are smaller than those for small participants.

· For all load levels, the output gap for in-merit units is substantially less than the average output gap for all units. This is consistent with the effects of out-of-merit dispatch (e.g., for congestion management) on bidding incentives. Therefore, the overall average output gap should decrease when SMD is implemented and current congestion management is replaced by locational marginal pricing (“LMP”).

The output gap declined with the introduction of Three-Part Bidding in July 2001. Prior to July 2001, units that were marginally economic and were not committed because they raised their energy bids above variable production costs to cover start-ups and no-load costs, contributed to the output gap.  With the introduction of Three-Part Bidding, the output gap declined. The introduction of Three-Part Bidding has allowed bidders greater flexibility to represent more accurately their marginal costs in their bids.

4.
Other findings
Dr. Patton also analyzes the hours during the summer of 2001 when wholesale energy prices were highest.  Among his findings were:

a. Justification for the $1000/MWh ECP during the summer of 2001
In the majority of high-priced hours in the summer of 2001, high prices due to external contracts were warranted based on resource availability in New England and existing market rules and procedures. However, pricing reforms implemented in May 2002 as part of the Summer 2001 Reforms will allow out-of-merit imports to set prices only as they are needed to meet ISO-NE’s energy or reserve obligations.  This will reduce the likelihood that out-of-merit external contracts will set the ECP inappropriately.   

b. Reserve market inefficiencies

Current NEPOOL market rules imply that all reserves are infinitely valuable, causing energy prices to rise when costly actions are taken to maintain reserves.  Assigning explicit values to various types and quantities of reserves is a possible solution.
c. An explanation for persistent New York-New England price differentials
Persistent price differentials between New York and New England may be attributable to New York ISO market rules governing scheduled exports from New York to New England that restricted New England’s access to lower cost imports during some hours.  The New York ISO is implementing changes to its market models to minimize this possibility in the future. 

5.
Conclusion

The May 2002 Competitive Assessment Report indicates that withholding has not significantly contributed to high prices in the New England electricity markets.  Since withholding is the clearest indication of conduct linked to the exercise of market power, the May 2002 Competitive Assessment Report, when combined with the market outcome-focused approach of Bushnell & Saravia, and the ISO model, provides strong evidence that New England markets are workably competitive. 

Nevertheless, market monitoring and mitigation will be critical to ensure that workably competitive markets can be maintained.

D.
Review of other measures

1.
Market Concentration Measures

A widely used measure of market concentration is the Herfindahl-Hirschman Index (HHI), calculated as the sum of the squares of the market shares held by each competitor in a market.  The HHI serves as an initial diagnostic measure of the potential for firms to exercise market power. Although a low concentration index does not guarantee that a market will be competitive, a high index indicates greater potential for the exercise of market power by participants, especially in markets for price-insensitive goods such as electricity.  A market with an HHI greater than 1800 is generally considered to be highly concentrated.
 

Figure 15 shows the HHI for New England internal resources based on summer unit capabilities. The values shown in Figure 15 were developed from information obtained from each of the participants by ISO-NE’s Market Monitoring and Mitigation group. The market-wide HHI showed a steady decrease during the first 2 years of the markets due to asset divestitures and new generation owners entering and expanding New England’s generation capacity.  Since May 2001, the market-wide HHI has stabilized around 700, suggesting that markets are generally competitive.

Figure 15 - Herfindahl-Hirschman Indices (HHI) from Beginning of Markets to April 2002
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A useful variant of HHI analysis is to measure market concentration along sections of the system’s aggregate supply curve, using fuel type as a proxy for contiguous sections of the supply curve.  Since generating units using the same fuel type often have similar per-MWh costs, they often compete to be the marginal unit at similar load levels.  Fuel-type HHIs can help signal high market concentrations in specific load ranges. High HHIs along these parts of the supply curve indicate that market participants may have the ability and incentive to exercise market power. In this regard, the FY 2001 expansion of generating capacity fueled by natural gas, which is the fuel type that most frequently sets the Real Time Marginal Price (RTMP), is reducing the HHI precisely where the concern about market power is greatest.   

Figure 16 shows HHIs by asset fuel type.
  Since the beginning of the markets, HHIs have decreased for nearly all asset types.  In April 2002, HHIs were below 1800 for all asset types except for nuclear, coal, coal/oil and hydro pondage.  These assets set the RTMP only 13.5 percent of the time during FY 2001.

Figure 16 - HHI by Asset Fuel Type


[image: image17.wmf]HHI by Asset Type

0

1,000

2,000

3,000

4,000

5,000

6,000

7,000

Oil

Gas

OilGas

Nuclear

Diesel

Wood/Refuse

Coal

Hydro:Run of River

Hydro:Pondage

Jet Fuel

CoalOil

Asset Type

HHI

Start of markets

May-01

Apr-02


2.
Net Revenues and Entry Levels
Another barometer of market competitiveness is how market revenues compare with the revenue requirements for a new generating unit entering the market. In the long run, the revenues from the energy, capacity, and ancillary services markets would be expected to cover the costs of a new generation plant, including a competitive return on investment.  Revenues consistently below this level would not encourage entry into the market, eventually putting upward pressure on prices. On the other hand, revenues in excess of this level would lead to new-unit entry and put downward pressure on prices. The margin between a plant’s market revenues and its variable costs (primarily fuel) contributes the recovery of its fixed costs, including non-variable operating and maintenance expenses and capital costs. This margin can be estimated given the variable costs of a typical new unit, the hourly energy clearing prices in New England, and estimates of capacity and ancillary services revenue. 

Figure 17 shows the net revenue from energy for a hypothetical generator bidding one megawatt of capacity at various price points into the energy market. For each bid point, net revenue was calculated by assuming that the generator bid in one megawatt at that price in each hour and that the generator ran in every hour with an ECP equal to or greater than its bid. The bid was subtracted from the ECP to determine the net revenue for that hour, and net revenue was summed for each fiscal year. This calculation was repeated for each bid point shown in the graph.

Figure 17 shows that a New England generator with variable costs of $35/MWh that operated in all profitable hours during FY 2001 would have earned approximately $45,000/MW in net energy revenues. A unit with variable costs of $40/MWh that ran whenever prices exceeded that level would have received approximately $34,000/MW in net revenue from New England’s energy market in FY 2001. A representative combined cycle natural gas-fired plant with a variable cost of $27/MWh and a heat rate of 6,800 BTU/KWh would receive net energy revenues of $77,000, in FY 2001.  Similarly, a typical combustion turbine (CT) unit with a heat rate of 10,500 BTU/KWh would realize net energy revenues of $18,000/MW in FY 2001. 

The annual fixed costs of a new combined cycle plant in New England, including a return on investment, are in the range of $90,000/MW to $125,000/MW. The corresponding fixed costs for a CT plant are in the range of $60,000/MW to $80,000/MW. Therefore, the above calculation suggests that neither CT nor combined-cycle plants burning natural gas at the delivered spot price in FY 2001 would have recovered their fixed costs from net energy market revenues alone. In fact, the net revenue curve tends to overestimate the contribution toward generators’ fixed costs since it ignores plant outages and other operational constraints that may prevent a plant from running in every profitable hour. On the other hand, this calculation underestimates that contribution by excluding revenue sources such as ancillary services and capacity payments.  Capacity payments are in the $12,000/MW to $15,000/MW range, while ancillary service revenue might total $5,000/MW.

Long-run equilibrium analysis cannot be applied to a single year in isolation since market outcomes will vary over time. Nevertheless, it appears that at FY 2001 prices and costs generators’ net revenues are lower than what would be needed to cover the fixed costs of a new entrant.  This is consistent with the lack of announcements of new plant sites and units in the early stages of construction.

Figure 17 - Net Revenue From Energy at Various Bid Points

Fiscal Years 1999, 2000, and 2001
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E.
Fuel-Adjusted ECP

The fuel-adjusted ECP considers how changes in electricity market prices over time can be accounted for by changes in the prices of the fuels used by the marginal generating units.  Economic theory posits that in a competitive generation market, units will bid their short-run marginal costs, primarily fuel plus opportunity costs.  To the extent that the fuel-adjusted ECP does not explain the observed changes in ECP, factors other than short-run marginal costs are affecting energy bids. The effect of adjusting ECPs for varying fuel prices was particularly strong in FY2000, since that year’s ECP would have been essentially unchanged from the ECP for FY1999 in the absence of a large rise in fuel prices. 

The fuel-adjusted ECP for FY2001 is derived by adjusting the RTMPs in FY2001 for fuel-price changes since FY1999. Each time a fuel type set the RTMP in FY 2001, that RTMP was adjusted by the change in the monthly average price for that fuel type. The adjusted RTMPs are then weighted by load and time to calculate the adjusted ECP.  These adjustment calculations recognize the variation in inputs to the marginal cost calculations across generating units, especially energy-limited units with significant opportunity costs such as hydro plants.
 

The table below shows the consistency of the fuel-adjusted load-weighted ECP over time, using FY1999 as the baseline:

Table 13 – Fuel Adjusted Load Weighted ECP FY 1999-2001


	
	FY1999

(May 1999-Apr 2000)
	FY2000

(May 2000-Apr 2001)
	FY 2001

(May 2001-Apr 2002)

	
	
	
	

	Fuel –adjusted 

load-weighted ECP
	$33.25/MWh
	$33.20/MWh
	$34.80/MWh

	
	
	
	


Power prices have effectively moved in tandem with fuel price changes since the New England wholesale markets were restructured and opened to full competition in 1999, with fuel-adjusted prices essentially flat from the beginning of market operation.  

F.
Conclusion

Analysis shows that New England’s electricity market has been workably competitive since the beginning of the markets.  The major independent studies conducted during FY 2001, as well as ongoing analysis by the ISO New England of market outcomes and bidding behavior indicate that New England’s electricity markets have performed reasonably well.  However, it is essential to continue effective market monitoring and mitigation to ensure that New England’s electricity markets remain competitive in the future.

IV. Looking Ahead

Electricity markets in New England and nationwide will continue to evolve and mature in the next several years.  In New England, the remainder of 2002 will be dominated by the final steps in the development of SMD and its implementation in early 2003.  After SMD, operation efforts will turn towards working with New York to form the Northeast Regional Transmission Organization.  Resource-planning efforts will continue through the Regional Transmission Expansion Planning Process and, ISO-NE is significantly increasing its efforts in Demand Response to improve reliability and increase market efficiency.  These activities are described below.

A.
SMD Market Rule 1

After almost 2 years of market design, system design, and development efforts, ISO-NE is scheduled to implement SMD early in 2003.  SMD represents a substantial step toward the standardization of regional wholesale power markets across the Northeast and the nation.  SMD will use PJM-based software for a multi-settlement market system with locational marginal pricing, with certain enhancements including the treatment of transmission losses and scheduling of limited energy generators.  The core elements of the proposed SMD are contained in a single SMD Market Rule, Market Rule 1, that includes provisions on scheduling, dispatch, LMP calculations, settlements, congestion revenue, Financial Transmission Right (FTRs) and ICAP.  New England's SMD is consistent with the SMD mapped by the FERC in its recent Notice of Proposed Rulemaking.

SMD in New England will replace NEPOOL’s existing bid-based single-settlement system with bid-based, security-constrained Day-Ahead and Real-Time hourly markets.  The Day-Ahead Energy Market will produce financially binding schedules.  The real-time market will address real-time differences in available resources, load and contingencies from the Day Ahead Schedule.  Whereas NEPOOL’s current single-settlement system establishes prices and schedules for five products, SMD will initially determine prices in the Day-Ahead and Real-Time Markets for only two distinct products: energy and Regulation.
  Participants who successfully schedule purchases, sales and/or transmission service in the Day-Ahead Energy Market will face associated obligations settled at the applicable Day-Ahead Energy Prices for the amounts scheduled.  Consistent with the PJM design, SMD will also permit Demand Bids, Decrement Bids, and Increment Offers and require Supply Offers for all available output of NEPOOL Resources receiving credit for Installed Capacity (“ICAP Resources”).  Units not receiving credit for Installed Capacity in NEPOOL (“non-ICAP Resources”) must offer all available energy not offered to another Control Area or to ISO-NE in the Real Time dispatch. 

The Real-Time Energy Market will clear for any differences between the amounts of energy and ancillary services scheduled Day-Ahead and reflect Real-Time load, Participant re-offers (Day-Ahead), hourly Self-Schedules, self-curtailments, and any changes in general system conditions.

NEPOOL’s existing single system-wide Energy Clearing Price will be replaced by Locational Marginal Prices (“LMP”) reflecting any transmission congestion that occurs in New England.  At the outset, LMPs in New England will employ a fully nodal approach for supply, with a zonal approach for loads.  All FTRs will be auctioned with the revenues produced by such auctions allocated to entities receiving Auction Revenue Rights (“ARRs”).  NEPOOL’s current Operating Reserve markets will be eliminated and a new spinning reserve market that is currently under development by PJM is expected to be implemented in New England in 2003.  In the meantime, the providers of Operating Reserves will be compensated as in PJM through an uplift mechanism toward operational reserve.  Similar to PJM, ISO-NE would schedule resources for energy to meet Operating Reserve objectives.  Cleared/accepted offers for pool-scheduled generation in the Day-Ahead and Real-Time markets would be guaranteed to recover their as-bid costs through the receipt of Operating Reserve credits. 

SMD will also revise the Installed Capability (“ICAP”) arrangements for New England by adopting a comprehensive new ICAP regime based upon the New York ICAP market.  To accommodate software differences the revised ICAP provisions will be implemented one month following the operation of the SMD Energy and Regulation markets.

Adoption of the PJM energy platform of software and rules in New England (with some adaptations), coupled with ICAP arrangements substantially similar to those of New York, reduces the differences between the markets of the Northeast Control Areas.  This builds on earlier cooperative efforts intended to facilitate ICAP trading across the New England, New York and PJM control areas.  Over the course of the last year, ISO-NE has coordinated the development of SMD with the plans for a Northeast RTO.  As ISO-NE has developed many of the details of SMD, the NYISO has undertaken its own development process wherein enhancements through the integration of “best practices” have been designated “SMD 2.0,” and are projected to be the market-design foundation of any Northeast RTO encompassing New York and New England.  
B.
Market Monitoring and Mitigation in Market Rule 1 - Appendix A

The introduction of SMD has required the development of new market rules to perform under SMD the equivalent functions of the current Market Rule 17.  The new rules pertaining to market monitoring and mitigation are contained in Appendix A of Market Rule 1.  Appendix A retains ISO-NE’s mandate to mitigate anti-competitive behavior in the NEPOOL markets, as expressed in MR17, and amends the procedures to reflect the SMD rules and procedures.

Specifically, Appendix A addresses the following new monitoring and mitigation issues that arise under the new market design:

· Day-ahead and real-time LMPs: Foster convergence of day-ahead prices to their real-time values, so that inefficient price differentials will not be allowed to persist within a load zone. Similarly, FTR revenues may be capped if necessary to prevent persistent differentials between day-ahead and real-time LMPs for the same delivery and receipt locations within an hour.

· Market power within a load pocket: Determine on a yearly basis (or more frequently as necessary), the congestion areas for which ISO-NE will calculate screen prices and market-impact thresholds to be used for investigation and possible mitigation of bids.

· New markets:  In addition to supply offers, SMD will feature “adjustment markets” for increment offers and decrement bids, as well as demand bids, ICAP-related bids, and offers for transmission services.  ISO-NE will need to monitor activity in these markets and impose mitigation as necessary.
C.
ICAP

On June 4, 2001, subsequent to extensive discussions with NEPOOL participants and state regulators, ISO-NE submitted a proposal to restructure Installed Capability (ICAP) as a product and to impose a substantial deficiency charge.  The proposed solution involved (a) implementation of a monitorable, two-tiered bilateral ICAP market with substantial deficiency charges; and (b) enabling inter-control area trade in ICAP by removing ISO-NE’s right to recall resources sold to other control areas as Installed Capability.  In addition, many remaining barriers to the sale of Installed Capability between New England and New York would be eliminated, thereby helping to resolve an important “seams” issue. 

Following review of the various existing and proposed ICAP market designs, and following consultation with the NEPOOL Participants, ISO-NE chose the New York ICAP market for implementation with SMD.  This design offers a number of advantages.  First, New York is the natural trading partner of New England.  Adoption of the New York market design closes that seam in the market and facilitates trade of ICAP across the New York-New England border and potentially the development of a single region-wide ICAP market.  The New York design includes monthly auctions that provide a clear assessment of the market value of the ICAP product, and it enables a financial true-up of within-month load shifts.
  While the model being adopted by ISO-NE is similar to that of New York, it differs in one major respect.  Unlike New York's design, the proposed ICAP model for New England does not incorporate locational ICAP requirements.  The ICAP model in New York has location requirements only for import-constrained areas.   To implement locational ICAP in New England, locational requirements would have to be developed for both import-constrained and export-constrained areas.  On implementation of the restructured ICAP market, post-SMD, ISO-NE will consider methods to implement locational ICAP that take into account both import-constrained areas and export-constrained areas.

D. Generating Adequacy

The construction of new merchant generating plants has provided New England with adequate generating capacity to meet forecast peak-demand conditions.  For the summer of 2002, ISO-NE predicted that under normal weather conditions peak demand would reach 24,200 MW while a peak of 25,500 MW was possible under extreme conditions.  In comparison, in 2001 the peak was 24,976 MW.  As of May 2002, NEPOOL generation capacity was around 28,000 MW.  ISO-NE expects another 5,000 MW of capacity to be on line by the end of 2002.  In addition to the installed generating capacity, ISO-NE expects to be able to call up to 3,000 MW of emergency supplies and load shedding under its OP-4 rules during the summer of 2002, more than double the amount available in 2001.  Also, although the Hydro-Quebec firm-energy contract supplies are not available, ISO-NE has been encouraging Participants to schedule back-up supplies with Hydro-Quebec on Phase II to ensure an adequate reserve margin for the region. Although the overall generating capacity situation is adequate to meet peak demand, the location of generating assets may leave some areas with insufficient generating capacity.

Comprehensive reliability assessments by ISO-NE indicate that the region’s electric system reliability criteria will be met in 2002.  The control area as a whole will have sufficient supplies of electricity under normal summer conditions. Moreover, even under extreme weather conditions, such as a widespread and prolonged heat wave with high humidity and near record temperatures, the implementation of special procedures and programs would keep electricity supplies and demand in balance.  However, within New England there is a local reliability concern in southwest Connecticut because transmission line capacity may not be sufficient to deliver available electricity supplies during peak-demand periods.  As previously discussed, ISO-NE has announced a summer 2002 Emergency Capability Supplement to help mitigate the reliability concerns of southwest Connecticut.

Table 14 - New Generation Added to the New England Power Grid FY 2001

	RTEP Zone
	Unit Name
	MW (Summer)
	In-Service Date

	RI
	ANP Blackstone Unit 1
	276
	6/7/01

	RI
	ANP Blackstone Unit 2
	276
	7/13/01

	SWCT
	Wallingford Units 1& 3
	84.4
	12/31/01

	SWCT
	Wallingford Unit 4
	42.2
	1/23/02

	SWCT
	Wallingford Units 2& 5
	84.4
	2/7/02

	RI
	Lake Road Units 1 & 2
	540
	3/15/02


Total:
  1,303

Table 14 shows the new generation that was added to the New England grid during FY 2001.  ISO-NE has forecast the summer 2002 peak-load to be 24,200 MW, which is 600 MW greater than the summer 2001-peak forecast of 23,650 MW.  New generating capacity totaling 1,303 MW was installed between May 2001 and April 2002.   Approximately 350 MW of additional generation is expected to be on line before the summer of 2002.  This includes Lake Road 3 (270 MW) and West Springfield 1 & 2 (80 MW).  An additional 3,423 MW is projected to come on-line during autumn 2002, including: Milford # 2 (268 MW), Kendall (172 MW), Mystic # 8 (707 MW), AES Granite Ridge (678 MW), ANP Bellingham # 1 (288 MW), Con Ed Newington (522 MW), ANP Bellingham #2 (288 MW), and Hope Energy Rise (500 MW).

E. Transmission Capacity

ISO-NE has supported the application of the Cross-Sound Cable Company in its efforts to construct and operate an undersea direct current electric transmission line between New Haven, CT and Long Island, NY.  This 24-mile cable system will transport up to 330 megawatts of direct current power in either direction between Connecticut and Long Island.  This transmission interconnection will improve electric system reliability and efficiency for Connecticut consumers, and it will increase reliability for the regional system power grid.  While Connecticut’s electricity demand can exceed 6,000 megawatts, the existing transmission system can supply only about 2,500 MW from sources outside Connecticut.  The Cross-Sound Cable Project will increase the reliability of electric supply to Connecticut by increasing the electricity bridges between Connecticut and its neighbors.  The Cross-Sound Cable is in the final stages of completion and is anticipated to be in service in 2002. 

In addition to the Cross-Sound Cable, the Neptune Regional Transmission System LLC made a filing with the FERC in May 2002 seeking approval to provide electric transmission services over a new marine network linking the northeast and mid-Atlantic United States with Atlantic Canada.  The sub-sea high voltage direct current (HVDC) electric transmission network will link customers in high-demand but power-short urban centers like downtown Boston, Manhattan, Long Island, and the Connecticut Shore to power supplies in Maine, Atlantic Canada, and New Jersey when complete, the 4,800 MW marine network would have three 1200 MW transmission lines from New Brunswick, Nova Scotia, and Maine connected to markets further south in Boston, the Connecticut Shore, and New York City.  Another segment, most likely to be constructed first, is planned to link New Jersey with New York City and Long Island, possibly as early as 2003.

F. Load Response

During the development of SMD, ISO-NE reviewed and revised the Load Response and interruptible load Programs for conformity with SMD.  ISO-NE has created a new set of programs designed to consolidate the current demand/load response programs and interruptible load programs.  These programs support most Day-Ahead and Real-Time Load Response.  To give continuity and stability to the area of load response, ISO-NE recommends that these programs be effective for two years rather than subject to annual renewal.  Therefore, these programs are proposed to be effective from the SMD Effective Date through December 31, 2004.  Any program that is not available at the implementation of SMD would become effective as soon as ISO-NE can implement the necessary software, and such programs would remain in effect through December 31, 2004.  

ISO-NE anticipates that Load Serving Entities (LSE) may still desire to manage their peak load.  The ISO encourages LSEs to develop with their customers peak-shaving programs that are fully controlled by the LSE.  Such programs would not involve the ISO-NE settlement process in any manner.  In submitting their Demand Bid in the Day-Ahead Market, the LSE can decide either to incorporate the managed load that they control or to wait for Real-Time to decide if they wish to activate it.

G. Conclusion

Despite the increasing levels of generating capacity and the alleviation of some transmission constraints, areas of concern remain.  In the Northeast Massachusetts/Boston area, transmission upgrades and new generation will improve the situation.  However, congestion problems in SW Connecticut are likely to persist.  The introduction of Locational Marginal Prices under SMD will reflect the relative scarcity of electricity supplies in the constrained areas and may result in “islands” of significantly higher prices.  The price differential should provide incentives for construction of transmission and generation projects and improved participation in load-response programs to resolve the congestion and generation deficiencies experienced by these areas.
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� SMD is a wholesale market design that will replace New England’s existing bid-based, security-constrained single-settlement system with bid-based, security-constrained Day-Ahead and Real-Time hourly markets.  Multiple locational Marginal Prices (LMPs) that reflect the relative scarcity of electricity supply at a particular location will replace the existing single system-wide Energy Clearing Price (ECP).  SMD incorporates a congestion management system based on auctioned Financial Transmission Rights (FTRs) with the revenue from the FTR auction returned to transmission owners through a system of Auction Revenue Rights (ARR).  Under SMD, the current Operating Reserve markets will be eliminated, and the implementation of a new spinning reserve market that is currently under development by PJM is anticipated in 2003.  SMD revises the New England ICAP market by adopting a comprehensive new regime based substantially upon the New York ICAP model.





� Energy Uplift is a payment to a resource providing power in a trading interval in which the energy price bid by the resource is greater than the ECP.  From the inception of the markets in May 1999 through April 2001, Energy Uplift was calculated on an hourly basis. That is, if a resource’s bid in an hour exceeded the energy-clearing price, the unit was paid the difference between its bid and the ECP.  This was revised to be a daily calculation beginning April 1, 2001.  Energy uplift became part of the NCPC calculation on July 1, 2001.  An interim 


compensation method was used for the period April 2001 through June 2001.





� NCPC is a method of compensating units so as to increase the flexibility of unit bid parameters and minimize uplift costs.  NCPC replaces hourly uplift including the LOL uplift mechanism.  Three-Part Bidding allows for separate bids for (1) hot and cold start-up, (2) no-load and (3) incremental energy, rather than single part energy bids to cover all three elements.  By adopting both Three-Part Bidding and NCPC, ISO-NE compensates generators more accurately for out-of-merit operations, promotes generating unit operating flexibility, and reduced uplift payments.


� 	The New England control area has had a shortage of quick-start units, which are essential in allowing the control area to meet its reserve requirements.  Due to the paucity of quick-start units in New England, ISO-NE is required to dispatch units with longer start-up times at their LOL to provide 10-Minute Spinning Reserve.   When units are dispatched out-of-merit, it has the effect of displacing the marginal generating resource, thereby reducing the ECP.  When this occurs, the out-of-merit units receive their bid price through an uplift payment.  The result of this procedure is to suppress the ECP, increase uplift, and provide incentives for generators to reduce unit flexibility.  Three-Part Bidding, NCPC and the reforms instituted pursuant to the Patton Report are intended to address this problem.


� 	To increase the reliability and decrease the cost of the bulk electric power systems in New York and New England, in February 2001, the New York ISO and ISO-NE agreed to a reserve-sharing procedure (Shared Activation Reserve) to be activated during periods of short-term generation or transmission-line loss.  This procedure maintains the ability of the system operators in New York and New England to restore 10-minute reserve requirements within 30 minutes of a contingency, in accordance with NPCC requirements.





� 	DDP is the MW value at which a NEPOOL generator may be directed to operate during the course of a dispatch day.  DDP compliance is determined pursuant to a formula set forth in Section 5.3.2(d) of Market Rule 5.





� 	A Reference Price for a generating unit is a historically based benchmark price, against which ISO-NE compares a unit’s actual bid price in determining whether that unit’s market conduct requires mitigation.  For a unit that has run for energy for 15 hours or more during the past 30 operable days, the Reference Price is calculated as a weighted average of the unit’s positive in-merit bids during the last 30 operable days, with the most recent bids receiving the highest weight.  For a unit that has run for energy for fewer than 15 hours during the past 30 operable days, the Reference Price is calculated as an average of the unit’s positive in-merit bids during the last 90 operable days adjusted for changes in fuel prices.  An Investigation Threshold is the maximum amount over a Reference Price above which ISO-NE is authorized to pursue bid mitigation action depending upon market impact and Participant explanation of its bid behavior.


� The Low Operating Limit (LOL) is the minimum MW value at which a generator is willing to operate its generating unit.  The LOL is used as the minimum value to which the ISO will dispatch a generator under normal system conditions.


� 	A complete discussion of the robust statistical measures and the calculations is provided in the technical review.


� The pool prices are not strictly comparable because PJM and NYISO have multi-settlement market systems with nodal or zonal pricing, while ISO-NE currently has a single-settlement system with one clearing price for the entire control area.  Non-spot price payments are not included in the figures.  The prices shown are as follows:


		ISO-NE:  Clearing prices from Real-Time Spot Price.


		PJM:  Real-Time Unconstrained System Locational Marginal Pricing (LMP).


		NYISO:  Real-Time Locational Bus Marginal Price.  Value is the average of 11 zonal prices weighted by forecasted load for each zone.


� 	AGC is a control technique that allows the system operator (ISO-NE) to control equipment connected to the generating unit to regulate the output of the generating unit in response to changes in system frequency. Generators are compensated for this service through the AGC market, which is measured in Reg. Hours the AGC clearing prices are measured in dollar/reg-hour.  Reg. is a quantity used to represent a generator's regulating capability.  One reg. is equivalent to approximately 0.42 MWs.


� For a definition of uplift please see footnote 2.


� Until April 2001, energy and congestion uplift payments were determined on an hourly basis.  In contrast, NCPC compares the as-bid costs of 


a unit with the aggregate revenues it receives in the energy and ancillary service markets throughout the entire dispatch day.  


� 	Source: ISO-NE Survey of Participants 


� Bushnell & Saravia note (pp. 19-20) that the results of a competitive benchmark analysis are very sensitive to capacity conditions during peak-load periods, especially if the market has bid caps.   Such nonlinear relationships between loads, bids, and benchmark prices require careful review of the results of a competitive benchmark analysis.


� 	The aggregate bid-intersection price tends to be lower than the thermal bid-intersection price, since thermal units tend to be called upon to operate to meet transmission and other operating constraints, even if their bid prices are higher. However, the aggregate bid-intersection price can be higher or lower than the ECP, depending on factors such as dispatch procedures and rules regarding eligibility to set the ECP.


� Estimating a convex cost function (i.e, the competitive benchmark supply stack) using the expected capacity of each unit understates the actual expected cost at any given level of output.  This result may be proved by means of a mathematical principle called Jensen’s Inequality.


� 	Economic withholding is defined as withholding a resource by raising its bid so that it either is not dispatched or it sets the market-clearing price.


� 	Physical withholding is the derating of units so that they operate below their maximum capabilities, for reasons other than planned or forced outages.


�  See U.S. Department of Justice, “Horizontal Merger Guidelines, Section 1.51 “General Standards”, (� HYPERLINK "http://www.usdoj.gov/atr/public/guidelines/horiz-book/15.html" ��www.usdoj.gov/atr/public/guidelines/horiz-book/15.html�)





The HHI may not be as suitable for more in-depth analysis of the competitiveness of electricity markets as it is for other markets.  For example, Borenstein et al (1999), show how changes in the HHI can be inversely related to market power when large firms withhold capacity to raise prices while simultaneously lowering the HHI. See Borenstein, S., Bushnell, J. and Knittel, C. “Market Power in Electricity Markets: Beyond Concentration Measures", Energy Journal, 20(4), 1999.  An example of such withholding may occur when transmission constraints provide an incentive for generators in the constrained area to withhold output profitably.  Although market concentration decreases (as imports replace the withheld generation), profits increase above competitive levels. 





� Asset type is a broader classification than categorization by the fuel primarily used by a generator.  For example, the asset type "Coal" includes the fuel types, "High Sulfur Coal" and "Low Sulfur Coal".


� This calculation assumes that the mix of generating units on the margin is not altered because of different fuel price levels. 


� 	At this time, the SMD tracks the PJM market design and proposes no separate markets for Operating Reserves. ISO-NE is in the process of developing a new spinning reserve market consistent with that being developed for PJM.   ISO-NE expects that this proposed reserve market will be developed, approved and filed with the FERC in time for implementation in 2003 


� 	Although PJM accommodates within-month shifts with a daily trading market, that market may be very thinly traded on any particular day, and a Participant acquiring an ICAP obligation has no assurance that ICAP will be available on any given day to meet that need.  In fact, liquidity and market-power abuse have been problems in the PJM ICAP Market, and this has been the subject of a number of recent complaints to the FERC and other governmental entities.  In contrast, the New York Market, with its more broadly supported auctions, has not encountered these same problems.





� The ISO is currently in the process of preparing, The 2002 Regional Transmission Expansion Plan (RTEP02).  It is anticipated that this report will be released in the fall of 2002.  RTEP02, will evaluate the entire New England system, examining generator resource adequacy, congestion projections, and transmission adequacy.  RTEP02 will also identify short-term improvements and longer-term plans that provide service to critical constrained areas (such as SWCT, Vermont, and NEMA/Boston) as well as relief to areas where transmission-export bottlenecks exist (such as the sub-areas in Maine and SEMA-RI).
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		Notes:

		1.  Information from our CELT Reports

		2.  Even though we have been adding new generation, our reserve margin has decreased as the result of the termination of the FEC

		3.  Reserve Margin decreases can also be attributed to fewer long-term capacity backed contracts scheduled

												31530		33895		34346		35142		35040

												1414		1414		1414		1414		1414

						ACTUAL						FORECAST

						SUMMER

						1999		2000		2001		2002		2003		2004		2005		2006

		CAPACITY				24999		25526		27379		31530		33895		34346		35142		35040

		PURCHASES/SALES				1009		1022		1043		552		437		430		430		430

		INSTALLED CAPACITY				23990		24504		26336		30978		33458		33916		34712		34610

		LOAD				22544		21919		24967		24300		24760		25123		25443		25817

		RESERVES				10.889815472		16.4560427027		9.6607521929		29.7530864198		36.894184168		36.7113800103		38.1205046575		35.7245226014

												34300		34760		35123		35443

						WINTER

						1999/00		2000/01		2001/02		2002/03		2003/04		2004/05		2005/06		2006/07

		CAPACITY				26217		27309		28702		35373		36980		37705		37559		37542

		PURCHASES/SALES				1009		1084		707		707		537		437		430		430

		INSTALLED CAPACITY				25208		26225		27995		34666		36443		37268		37129		37112

		LOAD				21176		20088		19872		21760		22010		22279		22598		22873

		RESERVES				23.8052512278		35.9468339307		44.4343800322		62.5597426471		68.014538846		69.240091566		66.2049738915		64.1323831592

												m





Reserve Margin

		0

		0

		0

		0

		0

		0

		0

		0



SUMMER

Year

Reserve Margin (%)

1999-2001 Actual and 2002-2006 Forecasted 
Summer Reserve Margin

0

0

0

0

0

0

0

0



New Gen

		0		0		0

		0		0		0

		0		0		0

		0		0		0

		0		0		0

		0		0		0

		0		0		0

		0		0		0



&A

Page &P

CAPACITY

LOAD

RESERVES

Year

Megawatts

Reserve Margin (%)

Summer

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0

0



Sheet3

		0		0		0

		0		0		0

		0		0		0

		0		0		0

		0		0		0

		0		0		0

		0		0		0

		0		0		0



&A

Page &P

CAPACITY

LOAD

RESERVES

Year

Megawatts

Reserve Margin (%)

Winter



				Annual Additions		Summer Ratings

				Generation Commercial in 1999:		355		MW

				Generation Commercial in 2000:		1383		MW

				Generation Commercial in 2001:		1656		MW

				Generation Commercial in 2002:		1016		MW

				Generation in Construction for 2002:		5098		MW

				Generation in Construction for 2003 & beyond:		536		MW

				Total Generation in Construction:		5634		MW

				Generation Not in Construction:		2156		MW

				1999				Date

				Bridgeport Energy (Phase II)*		178.00		7/24/99

				Champion		33.00		8/1/99

				Dighton		144.00		8/1/99

				Total/Cummative		355.00

				2000

				Androscoggin (units #1 & #2)		85.00		1/1/00

				Maine Independence		494.00		5/1/00

				Berkshire Power		248.00		6/19/00

				Tiverton		251.00		8/18/00

				Rumford		267.00		10/16/00

				Androscoggin (unit #3)		38.00		12/28/00

				Total/Cummative		1,383.00

				2001

				Bucksport		169.00		1/1/01

				Millenium		331.00		4/6/01

				Westbrook		520.00		4/13/01

				ANP Blackstone Unit #1		276.00		6/7/01

				ANP BlackstoneUnit #2		276.00		7/13/01

				Wallingford Unit 1 & 3		84.40		12/31/01

				Total/Cummative		1,656.40

				2002

				Wallingford Units 4		42.20		1/23/02

				Wallingford Units 2 & 5		84.40		1/23/02

				Lake Road Units 1-2		540.00		3/15/02

				Lake Road Unit 3		270.00		5/22/02

				West Springfield 1 & 2		80.00		6/7/02

				Total/Cummative		1,016.60
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																		Monthly Outage Averages Weekdays Only

				Total Outages																		Planned Outages																Unplanned Weekday Outages in MW
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		MAR		4506		6506		3348		3126		5917		5743		6499		2648		2011		1676		993		3606		3632		4089		1857		4495		1672		2133		2311		1764		2410

		APR		6258		7795		4620		4960		6995		6254		6343		1756		2923		3161		3245		4097		4048		3309		4503		4873		1459		1715		2898		2207		3034

		MAY		6859		7444		4746		7275		7221		6866				2045		2921		2548		4425		3548		3270				4814		4523		2197		2850		3673		3596

		JUN		5028		6504		3094		5729		3411		2938				607		1268		414		2877		520		319				4421		5235		2681		2852		2891		2619

		JUL		5058		5013		2212		2766		2270		2961				243		181		328		862		684		132				4822		4832		1883		1904		1586		2829

		AUG		5983		5020		2751		1915		2087		2490				515		207		210		445		542		200				5468		4813		2541		1470		1545		2290

		SEP		6631		5591		2953		3280		2665		3829				1704		847		1332		1348		1130		850				4927		4744		1621		1932		1535		2979

		OCT		8254		6702		4413		5942		5272		5946				3558		2182		2354		3352		2845		2548				4697		4520		2059		2590		2427		3398

		NOV		6776		2726		4417		6596		5669		5505				1751		914		1448		2637		2823		1382				5072		1812		2969		3959		2846		4123

		DEC		5200		3094		3599		3930		4368		4358				301		99		500		926		1454		610				4899		2996		3098		3004		2914		3748

		Yearly Avg.		5634		5583		3429		4129		4541		4598		5447		1360		1210		1228		1824		1892		1793		2419		4278		4373		2201		2305		2649		2771		3028

				1996-1997		1997-1998		1998-1999		1999-2000		2000-2001		2001-2002				1996-97		1997-98		1998-99		1999-00		2000-01		2001-02				1996-97		1997-98		1998-99		1999-00		2000-01		2001-02

		May-Apr Avg.		6224		4588		3358		4914		4437		4723				1385		1185		1179		2169		2146		1582				4843		3403		2179		2744		2258		3141

		Check:		6229		4588		3358		4914		4403		4723
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DATA

		MAR_COST		20		30		40		50		60		70		80		90		100		110		120		130		140		150		160		170		180		190		200

		May-99		$6,140		$984		$120		$31		$12		$2		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Jun-99		$21,087		$16,316		$14,535		$13,395		$12,519		$11,890		$11,376		$10,971		$10,621		$10,299		$10,005		$9,719		$9,439		$9,161		$8,894		$8,634		$8,377		$8,127		$7,886

		Jul-99		$15,910		$10,764		$9,012		$8,130		$7,471		$6,867		$6,308		$5,805		$5,358		$4,964		$4,600		$4,276		$3,985		$3,709		$3,501		$3,306		$3,117		$2,953		$2,793

		Aug-99		$7,042		$1,649		$214		$45		$20		$10		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Sep-99		$6,460		$1,825		$615		$192		$69		$21		$1		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Oct-99		$4,410		$663		$170		$141		$128		$118		$108		$98		$88		$78		$68		$58		$48		$38		$28		$18		$8		$0		$0

		Nov-99		$4,349		$1,019		$256		$120		$62		$39		$29		$19		$9		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Dec-99		$3,879		$489		$35		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Jan-00		$12,911		$7,025		$3,414		$1,994		$1,279		$878		$673		$562		$465		$386		$323		$263		$203		$158		$127		$107		$87		$67		$47

		Feb-00		$9,929		$4,236		$923		$183		$84		$26		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Mar-00		$3,922		$986		$121		$61		$31		$6		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Apr-00		$5,465		$1,854		$724		$429		$312		$231		$167		$122		$88		$75		$65		$55		$45		$35		$25		$15		$5		$0		$0

		May-00		$39,798		$34,344		$30,820		$29,110		$28,475		$28,092		$27,765		$27,499		$27,273		$27,077		$26,917		$26,767		$26,632		$26,529		$26,457		$26,387		$26,317		$26,251		$26,191

		Jun-00		$14,107		$8,382		$3,840		$1,794		$1,261		$1,093		$1,001		$912		$837		$770		$713		$673		$633		$593		$553		$513		$473		$440		$410

		Jul-00		$13,074		$7,067		$2,449		$545		$77		$9		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Aug-00		$16,658		$9,965		$4,781		$2,133		$882		$354		$177		$119		$82		$52		$22		$0		$0		$0		$0		$0		$0		$0		$0

		Sep-00		$16,718		$10,192		$4,621		$1,749		$784		$458		$332		$288		$266		$246		$226		$206		$186		$166		$153		$143		$133		$123		$113

		Oct-00		$22,613		$15,354		$8,288		$3,355		$1,000		$276		$86		$40		$20		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Nov-00		$21,101		$13,984		$7,202		$2,467		$586		$218		$117		$92		$72		$55		$45		$35		$25		$15		$5		$0		$0		$0		$0

		Dec-00		$31,821		$24,553		$17,613		$11,456		$6,577		$3,385		$1,665		$969		$682		$549		$479		$438		$398		$373		$360		$350		$340		$330		$320

		Jan-01		$31,911		$24,836		$17,968		$11,716		$6,804		$3,991		$2,742		$2,197		$1,869		$1,618		$1,391		$1,184		$1,015		$861		$720		$596		$511		$442		$390

		Feb-01		$15,677		$9,583		$4,524		$1,777		$1,268		$1,094		$990		$906		$826		$746		$669		$599		$537		$477		$421		$371		$321		$281		$244

		Mar-01		$22,461		$15,197		$8,585		$4,635		$3,213		$2,498		$2,088		$1,818		$1,591		$1,402		$1,228		$1,069		$943		$836		$746		$668		$605		$549		$507

		Apr-01		$13,088		$7,282		$2,722		$679		$317		$185		$118		$79		$49		$19		$0		$0		$0		$0		$0		$0		$0		$0		$0





Year chart

				20		30		40		50		60		70		80		90		100		110		120		130		140		150		160		170		180		190		200

		FY1999		$101,524		$47,840		$30,178		$24,773		$22,048		$20,160		$18,742		$17,668		$16,729		$15,802		$15,922		$15,191		$14,511		$13,871		$13,261		$12,746		$12,260		$11,785		$11,348

		FY2000		$259,027		$180,740		$113,413		$71,417		$51,246		$41,653		$37,083		$34,918		$33,565		$33,049		$32,533		$31,689		$30,970		$30,369		$29,849		$29,415		$29,028		$28,700		$28,417

		FY2001		$123,963		$61,958		$34,285		$23,606		$19,469		$17,452		$16,257		$15,391		$14,802		$14,341		$14,341		$13,953		$13,625		$13,130		$12,910		$12,690		$12,470		$12,273		$12,085
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Month charts

		MONTH		20		30		40		50		60		70		80		90		100		120		130		140		150		160		170		180		190		200

		May-99		$6,140		$984		$120		$31		$12		$2		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Jun-99		$21,087		$16,316		$14,535		$13,395		$12,519		$11,890		$11,376		$10,971		$10,621		$10,299		$10,005		$9,719		$9,439		$9,161		$8,894		$8,634		$8,377		$8,127		$7,886

		Jul-99		$15,910		$10,764		$9,012		$8,130		$7,471		$6,867		$6,308		$5,805		$5,358		$4,964		$4,600		$4,276		$3,985		$3,709		$3,501		$3,306		$3,117		$2,953		$2,793

		Aug-99		$7,042		$1,649		$214		$45		$20		$10		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Sep-99		$6,460		$1,825		$615		$192		$69		$21		$1		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Oct-99		$4,410		$663		$170		$141		$128		$118		$108		$98		$88		$78		$68		$58		$48		$38		$28		$18		$8		$0		$0

		Nov-99		$4,349		$1,019		$256		$120		$62		$39		$29		$19		$9		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Dec-99		$3,879		$489		$35		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Jan-00		$12,911		$7,025		$3,414		$1,994		$1,279		$878		$673		$562		$465		$386		$323		$263		$203		$158		$127		$107		$87		$67		$47

		Feb-00		$9,929		$4,236		$923		$183		$84		$26		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Mar-00		$3,922		$986		$121		$61		$31		$6		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Apr-00		$5,465		$1,854		$724		$429		$312		$231		$167		$122		$88		$75		$65		$55		$45		$35		$25		$15		$5		$0		$0

		1999-2000		$101,524		$47,840		$30,178		$24,773		$22,048		$20,160		$18,742		$17,668		$16,729		$15,922		$15,191		$14,511		$13,871		$13,261		$12,746		$12,260		$11,785		$11,348

		MONTH		20		30		40		50		60		70		80		90		100		120		130		140		150		160		170		180		190		200

		May-00		$39,798		$34,344		$30,820		$29,110		$28,475		$28,092		$27,765		$27,499		$27,273		$27,077		$26,917		$26,767		$26,632		$26,529		$26,457		$26,387		$26,317		$26,251		$26,191

		Jun-00		$14,107		$8,382		$3,840		$1,794		$1,261		$1,093		$1,001		$912		$837		$770		$713		$673		$633		$593		$553		$513		$473		$440		$410

		Jul-00		$13,074		$7,067		$2,449		$545		$77		$9		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Aug-00		$16,658		$9,965		$4,781		$2,133		$882		$354		$177		$119		$82		$52		$22		$0		$0		$0		$0		$0		$0		$0		$0

		Sep-00		$16,718		$10,192		$4,621		$1,749		$784		$458		$332		$288		$266		$246		$226		$206		$186		$166		$153		$143		$133		$123		$113

		Oct-00		$22,613		$15,354		$8,288		$3,355		$1,000		$276		$86		$40		$20		$0		$0		$0		$0		$0		$0		$0		$0		$0		$0

		Nov-00		$21,101		$13,984		$7,202		$2,467		$586		$218		$117		$92		$72		$55		$45		$35		$25		$15		$5		$0		$0		$0		$0

		Dec-00		$31,821		$24,553		$17,613		$11,456		$6,577		$3,385		$1,665		$969		$682		$549		$479		$438		$398		$373		$360		$350		$340		$330		$320

		Jan-01		$31,911		$24,836		$17,968		$11,716		$6,804		$3,991		$2,742		$2,197		$1,869		$1,618		$1,391		$1,184		$1,015		$861		$720		$596		$511		$442		$390

		Feb-01		$15,677		$9,583		$4,524		$1,777		$1,268		$1,094		$990		$906		$826		$746		$669		$599		$537		$477		$421		$371		$321		$281		$244

		Mar-01		$22,461		$15,197		$8,585		$4,635		$3,213		$2,498		$2,088		$1,818		$1,591		$1,402		$1,228		$1,069		$943		$836		$746		$668		$605		$549		$507

		Apr-01		$13,088		$7,282		$2,722		$679		$317		$185		$118		$79		$49		$19		$0		$0		$0		$0		$0		$0		$0		$0		$0

		2000-2001		$259,027		$180,740		$113,413		$71,417		$51,246		$41,653		$37,083		$34,918		$33,565		$32,533		$31,689		$30,970		$30,369		$29,849		$29,415		$29,028		$28,700		$28,417





Month charts
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		COUNT		PERCENT		net2		year																1999-2000		Net Capacity Range (MW)		2000-2001				2001-2002
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		HHI by asset subtype summary

				Oil		Gas		OilGas		Nuclear		Diesel		Wood/Refuse		Coal		Hydro:Run of River		Hydro:Pondage		Jet Fuel		CoalOil

		Start of markets		2,068		2,084		1,583		5,720		1,753		1,867		5,223		2,115		3,319		4,352		4,402

		May-01		1,890		1,214		1,232		3,240		1,505		1,357		4,744		1,542		3,349		1,649		4,332

		Apr-02		1,898		1,568		909		3,240		1,505		1,632		4,744		1,542		3,349		1,649		4,332
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								Average		Median		Maximum		Minimum		Standard Deviation		Standard Deviation/Mean		Inter Quartile Range		Median Absolute Deviation												Average ECP

								(unweighted)																								Month		FY1999		FY2000		FY2001

						May-99		$28.20		$28.00		$72.04		$17.10		$5.46		19.36%		$6.55		$3.29										May		$28.20		$72.78		$41.01

						Jun-99		$49.18		$27.59		$1,003.21		$15.56		$96.58		196.38%		$10.94		$4.63										June		$49.18		$38.80		$35.41

						Jul-99		$41.14		$28.21		$572.54		$9.56		$56.46		137.24%		$9.59		$4.48										July		$41.14		$37.14		$52.24

						Aug-99		$29.25		$30.16		$80.39		$13.76		$6.90		23.59%		$8.41		$3.96										August		$29.25		$42.23		$43.34

						Sep-99		$28.42		$28.82		$81.34		$1.00		$9.32		32.79%		$11.05		$4.47										September		$28.42		$43.15		$33.45

						Oct-99		$24.78		$25.20		$188.07		($2.75)		$9.17		37.01%		$10.93		$5.22										October		$24.78		$50.32		$30.95

						Nov-99		$24.90		$23.82		$109.04		($0.48)		$8.71		34.98%		$12.29		$6.19										November		$24.90		$49.30		$25.61

						Dec-99		$24.33		$24.28		$49.36		($2.64)		$6.40		26.30%		$10.27		$5.16										December		$24.33		$62.55		$27.18

						Jan-00		$37.15		$34.71		$233.40		$3.57		$18.77		50.52%		$15.07		$7.43										January		$37.15		$62.57		$25.49

						Feb-00		$34.17		$35.00		$79.32		$14.39		$9.10		26.63%		$13.16		$6.65										February		$34.17		$43.01		$25.10

						Mar-00		$23.90		$22.95		$74.67		($2.59)		$8.39		35.10%		$8.96		$4.48										March		$23.90		$50.18		$30.84

						Apr-00		$26.17		$24.83		$185.25		($0.42)		$12.59		48.11%		$11.82		$5.84										April		$26.17		$36.27		$30.07
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