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Executive Summary 
This report documents Phase I of the 2016 ISO New England (ISO) Economic Study conducted at the request of the New England Power Pool (NEPOOL). The study, 2016 NEPOOL Scenario Analysis—Implications of Public Policy on ISO New England Market Design, System Reliability and Operability, Resource Costs and Revenues, and Emissions, examines resource-expansion scenarios of the regional power system and the potential effects of these different future changes on resource adequacy, operating and capital costs, and options for meeting environmental policy goals. The study presents a common framework for NEPOOL participants, regional electricity market stakeholders, policymakers, and consumers to identify and discuss these issues and possible solutions. 
Scenario analyses inform stakeholders about different future systems. These hypothetical systems should not be regarded as the ISO’s vision of realistic future development, plans, projections, and preferences. The scenarios do not fully capture current laws and regulations. The scenarios, however, can assist stakeholders by identifying key regional issues that must be addressed. For example, this report identifies several physical and market issues associated with futures ranging from keeping the status quo through the large-scale development of renewable resources. It also summarizes high-order-of-magnitude transmission system expansion costs, which provide stakeholders with cost information but do not identify particular facilities or include detailed plans associated with any of the scenarios. 
The scope of work, assumptions, and results reflect input from the Planning Advisory Committee (PAC) during 12 meetings held from April 2016 through February 2017. The results are presented such that readers may make their own assumptions on capital costs for new resources and transmission development costs. The ISO encourages interested parties to compare the results for the different scenarios and to reach their own conclusions about the possible outcomes.
[bookmark: _Toc497812738]2016 NEPOOL Scenario Analysis Purpose and Metrics Analyzed
In 2016, following the procedures of Attachment K of the ISO’s Open-Access Transmission Tariff (OATT), NEPOOL submitted a request for a scenario analysis that would provide information and data on the following topics:[footnoteRef:2] [2:  ISO New England Inc. Transmission, Markets, and Services Tariff (ISO tariff), Section II, Open Access Transmission Tariff, Attachment K, “Regional System Planning Process” (April 6, 2016), https://www.iso-ne.com/static-assets/documents/regulatory/tariff/sect_2/oatt/sect_ii.pdf. Stakeholder Process for Submitting Economic Study Requests. PAC presentation (February 17, 2016), https://www.iso-ne.com/static-assets/documents/2016/02/a2_stakeholder_process_for_submission_of_2016_economic_study_requests.pdf. NEPOOL, “NEPOOL Scenario Analysis Proposal 2016: Implications of Public Policy on ISO-NE Market Design, Reliability, Resource Metrics, Costs, Emissions, System Operability and Revenues of New Generation” (March 31, 2016), http://www.iso-ne.com/static-assets/documents/2016/04/nepool_economic_study_request_scenario_analysis.docx. ] 

· Potential economic effects on the ISO’s wholesale energy markets of implementing public policies in the New England states 
· Projected wholesale energy market revenues and the contribution of these revenues to the fixed costs for generic new generation 
· Total wholesale electricity cost of supplying load and operating the system and total regional emissions under alternative scenarios
The metrics studied include production costs, load-serving entity (LSE) energy expenses, locational marginal prices (LMPs), generic capital costs and annual carrying charges (ACCs) for each resource type, transmission-expansion costs, generation by fuel type and the emissions associated with each type, and the effects of transmission-interface constraints that may bind economic power flows.[footnoteRef:3]  [3:  Annual carrying charges represent the annual revenue a facility must receive to cover its annual fixed costs and to remain economically viable.] 

[bookmark: _Toc497812739]Scenarios
The scenarios range from one that assumes no retirements, one that assumes the large-scale growth of natural gas generation, and ones with considerable development of renewable resources. The scenarios reflect NEPOOL’s review but should not be viewed as a consensus of possible futures because separate NEPOOL sectors developed several individual scenarios. Stakeholders should view the futures as different extremes that help the region identify issues rather than physically realizable plans. None of the simulated futures considered the transitions to the scenarios for either year of study, such as the pace of resource development or the cost implications to customers.      
The analysis ran simulations of production costs for six scenarios, as follows:
· Scenario 1—“RPSs + Gas,” where the generation fleet meets existing Renewable Portfolio Standards (RPSs), and natural gas combined-cycle (NGCC) units replace retired units.[footnoteRef:4] [4:  A Renewable Portfolio Standard is a state law or statute requirement for load-serving entities in that state to meet the future demand for electric energy using new or existing renewable energy resources. LSEs can satisfy their RPS obligations by obtaining generation from a variety of renewable technologies, located either within New England or within adjacent balancing authority areas, by acquiring Renewable Energy Credits (RECs) from eligible renewable resources qualified by each state, or by making alternative compliance payments (ACPs); see footnote 5 below.] 

· Scenario 2—“ISO Queue,” where the generation fleet meets existing RPSs, and new renewable/clean energy resources meet all future needs, including retirements, with the wind resources located mostly in Maine in the same locations indicated in the ISO’s Interconnection Queue.[footnoteRef:5] [5:  See the ISO’s “Interconnection Request Queue” webpage (2017), https://www.iso-ne.com/system-planning/transmission-planning/interconnection-request-queue.] 

· Scenario 3—“Renewables Plus” (also “Renew Plus”), where the generation fleet meets existing RPSs, and the system has additional renewable/clean energy resources.
· Scenario 4—“No Retirements beyond FCA #10,” where the generation fleet has NGCC additions and no retirements after the tenth Forward Capacity Auction (FCA #10) and where local load-serving entities meet existing RPSs, in part through alternative compliance payments (ACPs).[footnoteRef:6] [6:  An alternative compliance payment is a state-established payment a retail electricity supplier makes to a state when its qualified renewable resources fall short of providing sufficient Renewable Energy Credits for meeting the state’s Renewable Portfolio Standards (see footnote 3 above). Alternative compliance payments also can serve as a price cap on the cost of RECs.] 

· Scenario 5—“ACPs  + Gas,” where the existing fleet meets existing RPSs in part through ACPs, and NGCC additions replace retired units. 
· Scenario 6—“RPSs + Geodiverse Renewables,” which is similar to Scenario 2 with the generation fleet meeting existing RPSs and new renewable/clean energy resources meeting all future needs, including retirements, but with more geographically balanced onshore wind, offshore wind, and solar photovoltaic (PV) resources.
[bookmark: _Toc497812740]Methodology and Assumptions
The analyses were conducted using the GridView economic dispatch program. GridView simulations perform economic dispatch under differing sets of assumptions that minimizes production costs for a given set of unit characteristics. New England was modeled as a constrained single area for unit commitment, and regional resources were economically dispatched in the simulations to respect the assumed “normal” transmission system transfer limits.[footnoteRef:7] Depending on the case, the model included approximately 900 units (new and existing) in New England.  [7: Normal transmission system transfer limits account for transmission system security constraints, which consider expected transmission facilities in service and first-contingency (N-1) criteria.] 

The scenarios examined data sets for two years, 2025 and 2030, with the transmission system constrained and unconstrained and with all resource mixes meeting the net Installed Capacity Requirement (NICR).[footnoteRef:8] The year 2025 was selected because it represents the end of the current regional system planning horizon. The year 2030 was selected to show longer-term indicative results.  [8:  The net Installed Capacity Requirement is the minimum amount of resources (in megawatts) the region needs in a particular year to meet its resource adequacy planning criterion, according to the Northeast Planning Coordinating Council criteria, minus the tie-reliability benefits associated with the Hydro-Québec Phase I/II interface, called Hydro-Québec Interconnection Capability Credits.] 

The requested scenarios considered several public policies assumed to be in effect in the six New England states in the two study years, including Renewable Portfolio Standards; energy-efficiency (EE), solar, and net-metering programs; and the Regional Greenhouse Gas Initiative (RGGI) allowance pricing.[footnoteRef:9] The study does not in any way evaluate any state polices, laws, and regulations.   [9:  The Regional Greenhouse Gas Initiative is a nine-state program in the Northeast to reduce the carbon dioxide (CO2) emissions from fossil power plants 25 MW and larger in these states. Each state is allocated a share (allowance) of an annual emissions cap on the basis of historical emissions and negotiations; one allowance equals the limited right to emit one ton of CO2.] 

The study made common and scenario-specific assumptions for a number of parameters, as follows, reflecting information known as of April 1, 2016, and additional assumptions developed by August 2016:[footnoteRef:10]  [10:  The general and detailed study assumptions are available in the following ISO PAC presentations: 2016 Economic Studies: Phase 1 Assumptions (June 10, 2016), http://www.iso-ne.com/static-assets/documents/2016/06/a9_2016_economic_study_assumptions.pdf; 2016 Economic Studies: Status Update (July 13, 2016), http://www.iso-ne.com/static-assets/documents/2016/07/a6_2016_economic_study_update.pdf; Generic and New England- Specific Costs of New Generating Technologies (August 17, 2016), https://www.iso-ne.com/static-assets/documents/2016/08/a5_generic_and_region_specific_costs_of_new_generating_technologies.pdf; and 2016 Economic Studies: Preliminary High-Order-of-Magnitude Transmission Development Costs (October 19, 2016), particularly slides 24–35, https://www.iso-ne.com/static-assets/documents/2016/10/2016_economic_studies_high_level_transmission_costs_rev1.pdf. ] 

· Gross demand, PV, and EE forecasts summarized in the ISO’s 2016 Capacity, Energy, Load, and Transmission (CELT) Report were used to establish net load for 2025.[footnoteRef:11] The quantities for 2030 assumed growth continuing at the same rate for 2025 compared with 2024. [11:  ISO New England, 2016 CELT Report—2016 to 2025 Forecast Report of Capacity, Energy, Loads, and Transmission (May 2, 2016), https://www.iso-ne.com/static-assets/documents/2016/05/2016_celt_report.xls.] 

· A representative installed reserve margin of 14% was assumed to meet the net Installed Capacity Requirement to determine needed generation added to the scenarios. 
· The fleet of supply and demand resources expected as of 2019/2020 using the results of FCA #10 were reflected in the simulations.[footnoteRef:12] These cleared resources, include renewables (i.e., biofuel, landfill gas, and other fuels), central station solar photovoltaics; coal-, oil-, and gas-fired generators; nuclear; hydroelectric and pumped-storage resources; and external capacity contracts, which will have capacity supply obligations (CSOs) from June 1, 2019, to May 31, 2020.[footnoteRef:13] Retired resources known as of FCA #10 were also removed from the simulation data bases.  [12:  The ISO’s Forward Capacity Auctions are annual auctions of the Forward Capacity Market during which capacity resources compete to obtain a commitment to supply capacity in exchange for a market-priced capacity payment.]  [13:  A capacity supply obligation is a requirement for a resource to provide capacity, or a portion of capacity, to satisfy a portion of the ISO's Installed Capacity Requirement acquired through a Forward Capacity Auction, a reconfiguration auction, or a CSO bilateral contract through which a market participant may transfer all or part of its CSO to another entity.] 

· FCM and energy-only generators were simulated at their summer seasonal claimed capabilities and then reduced to reflect forced outages and average daily unavailabilities of generators.  
· The as-planned transmission system was used for estimating the system’s transfer limits for internal and external interfaces under constrained conditions. The 2025 and 2030 internal and external transmission-interface transfer capabilities were based on the values established for 2025 for regional planning studies.[footnoteRef:14] [14:  Detailed transmission interface limits for 2025 are available at https://smd.iso-ne.com/operations-services/ceii/pac/2016/06/a3_transmission_transfer_capabilities_update.pdf (June 3, 2016).     ] 

· [image: ]US Energy Information Administration (EIA) fuel-price forecasts with reference projections to 2030, were used for estimating costs to produce electric energy:[footnoteRef:15]  [15:  EIA, Annual Energy Outlook, 2016: with Projections to 2040 (August 2016), https://www.eia.gov/outlooks/archive/aeo16/.] 

· Prices for the Regional Greenhouse Gas Initiative carbon dioxide (CO2) emission allowances were specified at $19/ton for 2025 and $24/ton for 2030 and used for estimating the costs to produce electric energy for all generating units. 
· Emission allowance prices for other environmental emissions were also assumed but have much less of a significant effect on results.[footnoteRef:16]  [16:  Assumptions for 2025 emission allowance prices were $18.87/ton for both NOX and SO2; 2030 prices were $6.18/ton for both NOX and SO2.] 

The study also made several assumptions on the generic capital costs of new resources and costs for transmission development at a high order of magnitude. Annual carrying charge rates were assumed for new resources and transmission development.
Other assumptions were made for the following parameters for each scenario, as appropriate:
· Total resource mix, including retirements, additions, and general locations 
· Resource  capacity values
· Load profiles (load shape and daily peak), which reflect behind-the-meter resources, mainly PV and EE resources[footnoteRef:17]  [17:  A behind-the-meter resource typically is generation output by a relatively small, individual, on-site installation directly connected to a distribution facility or retail customer facility and not the regional power system, making it “invisible” to the ISO. BTM resources reduce net system demand. ] 

· Wind and PV profiles, which used hourly profiles developed by the National Renewable Energy Lab (NREL) compatible with the hourly system loads used in the GridView simulations
· Profiles for charging plug-in hybrid electric vehicles (PHEVs) at night   
· The storage and discharge of energy by pumped-storage generation and battery systems, designed to flatten the net load profile after all PV (BTM and non-BTM),  wind energy, and PHEVs are accounted for) 
· Hydro generation profiles and energy delivery transfers (imports) for existing ties developed using historical diurnal profiles for 2013, 2014, and 2015 
· Trigger prices for reducing  imports, hydro production, wind generators, and PV outputs to decrease their production during times of oversupply (called “spilling”) and to respect transmission system limitations
[bookmark: _Toc497812741]Key Observations
The assumed resource mixes and locations drive the major scenario results. Scenarios 1, 4, and 5 (RPSs + Gas, No Retirements beyond FCA #10, and ACPs + Gas) are generally similar to each other. Based on issues discussed in support of Regional System Plans, their results intuitively make sense because the amounts of demand and assumed resource additions and locations are generally similar to the RSP system.[footnoteRef:18] Scenarios 3 and 6 (Renewables Plus and RPSs + Geodiverse Renewables) show the effects of the large-scale development of renewable EE, PV, and offshore wind development in southern New England. Scenario 2 (ISO Queue) demonstrates how the large-scale addition of onshore wind resources in northern New England affects the system metrics.   [18:  Refer to the ISO’s 2015 Regional System Plan (RSP15) (Section 6.5.2.1), published November 5, 2015, which, like for Scenarios 4 and 5, shows no systemwide congestion. RSP15 also mentions transmission congestion arising from wind additions in Maine (Section 6.3.1); https://www.iso-ne.com/static-assets/documents/2015/11/rsp15_final_110515.docx. ] 

Many of the results for Scenarios 2, 3, and 6 are similar to the other three scenarios. Other results differ more widely due to the large extent of inverter-based resources and energy efficiency added to the system, which could present operational and transmission planning and economic issues.[footnoteRef:19]  [19:  The large-scale integration of inverter-based resources and transmission devices would require much greater use of special controls on central station and distributed resources, system-protection upgrades, and other system improvements not fully considered in this study. Detailed scenario assumptions are available in the ISO’s 2016 Economic Studies Phase I Assumptions, PAC presentation (June 10, 2016), https://www.iso-ne.com/static-assets/documents/2016/06/a9_2016_economic_study_assumptions.pdf.] 

[bookmark: _Toc497812742]Major Results Overall 
Some of the major results and observations across all scenarios are as follows:
· A comparison across the two study years shows that the results for 2025 are much closer than for 2030, for which the mix of resources varies more greatly across all scenarios. 
· Although increased production by renewables reduces the use of natural gas, natural-gas-fired units remain on the margin most of the time for both study years and are a major source of fuel for electric power generation. Scenarios 1, 4, and 5 show that natural gas is on the margin from 87% to100% of the hours, while gas on the margin in Scenarios 2, 3, and 6 ranges from 50% to 94% of the hours. Renewable resources (photovoltaics, wind, hydro, and biomass), nuclear, and imports are on the margin the remainder of the time. The annual capacity factors for oil-fired units and combustion turbines remain at approximately zero percent across all scenarios. 
· New resources will likely require sources of revenue in addition to the wholesale energy market to remain economically viable.[footnoteRef:20] Natural gas units show the greatest energy market revenue shortfall as a result of their production costs being higher than the $0/MWh fuel costs of renewables, but renewable resources also show significant revenue shortfalls relative to their assumed annual fixed costs. [20:  Existing resources may also require additional sources of revenue.  ] 

· Retaining existing resources and locating new resources with relatively low production costs near load centers in southern New England reduces systemwide congestion and the need for transmission expansion compared with scenarios that add remote resources without transmission improvements, such as the development of renewable resources and imports in northern New England.
· Scenarios with the development of resources in northern Maine result in the megawatt flow across key transmission interfaces between northern Maine and the load centers in southern New England reaching their limit, which causes the LMP at the sending end to be lower than at the receiving end in the constrained cases. 
· The constrained cases show that remote wind, hydro, and imports need to reduce (or spill) some output to respect transmission constraints, which increases the overall production cost, LSE energy expenses, and system emissions. Transmission expansion would help reduce the spilled energy.
· Regional carbon-reduction obligations may require flexible compliance options (such as proposed by RGGI), additional imports from neighboring systems, and the large-scale development of energy efficiency and renewable resources.[footnoteRef:21]   [21:  Existing and proposed RGGI program requirements offer compliance flexibility through allowance trading with neighboring regions, three-year compliance periods, offsets, an allowance reserve for price containment, and limited banking of allowances for use in future compliance periods.] 

· A comparison of the results for Scenarios 1, 4, and 5 (RPSs + Gas, No Retirements beyond FCA #10, and ACPs + Gas) shows the following: 
· The average LMPs for 2030 are similar at approximately $51/MWh for the unconstrained cases. 
· Although natural gas units are generally on the margin, the remaining coal units are competitive with natural gas in Scenario 4. This is because the assumed fuel prices remain competitive and the assumed CO2 emission prices do not materially change the economic dispatch order of the units.[footnoteRef:22]  [22:  A sensitivity case with assumptions of higher CO2 allowance costs dispatched the coal units after most of the natural gas-fired generating units. See https://www.iso-ne.com/static-assets/documents/2017/04/a6_2016_economic_study_carbon_cost_.pdf.] 

· With resources having low production costs in Maine (onshore wind, hydro, imports, and biomass), Scenario 1 shows some congestion in the northern interfaces; Scenarios 4 and 5 have essentially no congestion.
· In accordance with the scenario assumptions, Scenarios 4 and 5 would require the use of alternative compliance payments to meet the regional Renewable Portfolio Standards. Scenario 1 met the RPS goals without use of ACPs, including cases that respected transmission constraints. 
· None of these three scenarios meet potential RGGI annual targets for in-region resource emissions for either 2025 or 2030. Alternative means of achieving compliance would be required.[footnoteRef:23] [23:  Existing and proposed RGGI program requirements offer some compliance flexibility, as stated above. ] 

· Scenarios 2, 3, and 6 (ISO Queue, Renewables Plus, and RPSs + Geodiverse Renewables) show other effects of larger amounts of variable energy resources on the system:
· These three scenarios show the greatest variation in LMPs across all hours as a result of the variability in output of wind and PV resources and when interface constraints limit the ability to export less expensive resources in Maine to the rest of the system.
· Natural gas is generally on the margin but less often for scenarios with less natural gas in fuel mix, especially for scenarios with a greater mix of renewables.  
· These scenarios show the lowest emissions and LSE energy expenses, including uplift costs (as a consequence of large amounts of renewables development) but also the lowest energy revenues for generators.
· These scenarios potentially meet the historical allocations for New England of the draft annual RGGI targets
· The regional emissions in unconstrained Scenarios 2, 3, and 6 are below the target at the assumed price of $24/ton in 2030. 
· Scenario 3 has the lowest emission, which is below the target with and without transmission constraints for both 2025 and 2030. 
· Scenario 6 potentially meets the 2030 target with transmission constraints.  
The results for Scenarios 2, 3, and 6 are very different from today’s system and could present operational, planning, and economic issues. In these scenarios, fossil units, including natural gas combined-cycle units, have relatively low capacity factors compared with today’s system and compared with Scenarios 1, 4, and 5, suggesting the possibility that oftentimes, not many generating resources would be on line to provide ramping and regulation services. System operations and planning must address the technical issues associated with large-scale reductions in traditional thermal generating resources that provide inertia and other reliability services. 
For example, under the study assumptions for Scenario 3, in some simulated hours, the system operates with only three nuclear units and no other synchronous resources (i.e., traditional steam and hydro spinning generation) on the New England system. This raises issues of the system’s ability to meet operational requirements for system security, including for regulation, ramping, and reserves. Other system issues would need to be addressed also, such as system protection, power quality, voltage regulation, and stability performance. The large-scale addition of energy efficiency further increases the need to address these issues, such as high system-voltage conditions during light load. Potential solutions include the application of special control systems on inverter-based resources, additional investment in the transmission system, and the use of smart grid technologies.
Section 6 discusses the results of this study in more detail.
[bookmark: _Toc497812743]Relative Annual Resource Costs
The relative annual resource cost (RARC) metric is a means of comparing the total costs of all six scenarios with the constrained case for Scenario 4, which had the lowest total cost of all scenarios for a given year. The RARC accounts for the annual systemwide production costs, which can be thought of as operating costs, plus it captures the annual costs of capital additions by including the annualized carrying costs for new resources and high-order-of-magnitude transmission-development costs.[footnoteRef:24] RARC is thus a measure of the relative total costs for all scenarios, expressed in billions of dollars and as cents per kilowatt-hour (kWh).  [24:  Consumer costs are determined by distribution rates, which may account for a variety of factors the RARC does not consider.] 

Figure 1‑1 to Figure 1‑4 summarize the RARCs. The white dashes in the figures compare the total annual costs of all cases with the constrained case for Scenario 4. Scenarios with lower RARCs show lower total operating and annual fixed costs and may be viewed as more economical relative to the other scenarios. The negative production costs for Scenarios 1, 2, 3, and 6 show that operating costs are lower for these scenarios than for the Scenario 4 constrained case, which reduces their total RARCs. The higher annual fixed costs for resource and transmission additions add to the RARC metric for these scenarios. Figure 1‑1 to Figure 1‑4 illustrate larger differences among the scenarios for 2030 than for 2025. Additional results for 2030 are as follows:
· Scenarios 4 and 5, which require the lowest investment in new resources and transmission development, have the lowest total RARCs. Although their production costs are higher than scenarios with large penetrations of renewable resources, the figures show significantly higher total RARCs for Scenarios 1, 2, 3, and 6 as a result of their higher annual carrying charges for new resources and transmission development. 
· Although the production costs for Scenario 1 are higher, its total RARC is lower than for Scenarios 2, 3, and 6. This is because Scenario 1 has a lower quantity of renewable resources that require less capital investment in resources and transmission development than the other scenarios with large amounts of renewable resources. 
· Scenario 3 has the lowest production costs. This scenario requires less transmission development than Scenarios 2 and 6 because its renewable resource development occurs closer to load centers in southern New England.
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[bookmark: _Ref476242598][bookmark: _Toc497811983]Figure 1‑1: Total relative annual resource costs, 2025 (constrained and unconstrained), showing changes compared with 2025 Scenario 4 (constrained) ($ billions) 
Notes:  Energy efficiency and solar include costs resulting from individual customer investments that do not reflect benefits the owners would receive. Production costs reflect the price of carbon emissions at $19/ton.
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[bookmark: _Ref477180587][bookmark: _Toc497811984]Figure 1‑2: Total relative annual resource costs, 2025 (constrained and unconstrained), showing changes compared with 2025 Scenario 4 (constrained) (¢/kWh).
Notes:  Energy efficiency and solar include costs resulting from individual customer investments that do not reflect benefits the owners would receive. Production costs reflect the price of carbon emissions at $19/ton.
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[bookmark: _Toc497811985]Figure 1‑3: Total relative annual resource costs, 2030 (constrained and unconstrained), showing changes compared with 2030 Scenario 4 (constrained) ($ billions).
Notes:  Energy efficiency and solar include costs resulting from to individual customer investments that do not reflect benefits the owners would receive. Production costs reflect the price of carbon emissions at $24/ton.
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[bookmark: _Ref476242604][bookmark: _Toc497811986]Figure 1‑4: Total relative annual resource costs, 2030 (constrained and unconstrained), showing changes compared with 2030 Scenario 4 (constrained) (¢/kWh).
Note:  Energy efficiency and solar include costs resulting from individual customer investments that do not reflect benefits the owners would receive. Production costs reflect the price of carbon emissions at $24/ton.
[bookmark: _Toc497812744]Conclusions and Next Steps
Scenario analyses inform stakeholders of key regional issues and possible ways of addressing these issues. This study makes evident several issues facing the New England region and provides a common framework for future discussions on the need for physical infrastructure and improvements to the wholesale electric markets. Key conclusions are as follows: 
· Transitioning New England to a system with decreasing amounts of traditional resources (e.g., coal, oil, nuclear) and increasing amounts of renewable resources presents a number of technical and market issues that would need to be addressed.
· Natural gas will remain an important source of fuel for electric power generators, and shortage events would require the use of alternative fuels. 
· The development of resources close to load centers, such as at existing generation sites, requires comparatively less transmission development than scenarios with the remote development of large amounts of renewable energy resources. 
· Observability, controllability, and interconnection performance are key technical issues that must be addressed for distributed resources and the large-scale development of wind generation resources. 
· Advanced software will facilitate future analysis of the system, especially probabilistic simulations that consider the production of variable energy resources. 
· Efficient storage technologies, such as pumped storage and distributed storage, and the ability to make rapid changes in tie schedules can provide systemwide flexibility and facilitate the integration of variable energy resources. Proper types and placement of flexible resources show the potential for relieving congestion and meeting the requirements for regulation, ramping, and reserves. Deploying more storage resources also makes them less economic, all other factors remaining the same, because this leads to more similar energy prices of the charge and discharge cycles, which tends to levelize LMPs across all hours and provide fewer opportunities for energy price arbitrage.     
The ISO will continue working with stakeholders to enable the successful integration of distributed and variable energy resources. Phase II of the NEPOOL Scenario Analysis, conducted in 2017, supplements the Phase I analysis by assessing several market and operational issues:
· Representative Forward Capacity Auction clearing prices for several scenarios[footnoteRef:25] [25:  Analysis Group, Capacity Market Impacts and Implications of Alternative Resource Expansion Scenarios: An Element of the ISO New England 2016 Economic Analysis (July 3, 2017), https://www.iso-ne.com/static-assets/documents/2017/07/final_analysis_group_2016_economic_analysis_capacity_market_impacts.pdf.] 

· Intrahour ramping, regulation, and reserve requirements. The final results for the ramping, regulation, and reserve study is scheduled for December 2017.
· Natural gas system deliverability issues[footnoteRef:26]  [26:  ISO New England, 2016 Economic Study Results: Peak-Gas-Day/Hour Capacity and Energy Analysis, PAC presentation (May 25, 2017),  https://www.iso-ne.com/static-assets/documents/2017/08/a3_2016_economic_study_natural_gas_capacity_and_energy_analysis_rev1.pdf.] 























Other regional initiatives, such as Integrating Markets and Public Policy (IMAPP) and a framework for competitive auctions with sponsored policy resources (CASPR) will examine possible changes to the wholesale electricity markets. The goal of these initiatives is to accommodate New England states’ energy and environmental policies at the lowest reasonable cost without unduly diminishing the benefits of competitive organized markets or amplifying the cost to consumers of implementing state policies to maintain markets.
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Introduction
[bookmark: _Toc459884082]This report presents the results of Phase I of the 2016 ISO economic study conducted in response to a request submitted by the New England Power Pool (NEPOOL) to the Planning Advisory Committee (PAC) (2016 NEPOOL Scenario Analysis).[footnoteRef:27] The report documents the methodologies, data and assumptions, simulation results, and observations of an economic study of the ISO New England power system that stakeholders can use to assess the implications of public policy on market design, system reliability and operability, resource costs and revenues for new generation, relative cost, and emissions.  [27:  NEPOOL was formed in 1971 by the region's private and municipal utilities to foster cooperation and coordination among the utilities in the six-state region for ensuring a dependable supply of electricity. Today, NEPOOL members are ISO stakeholders and market participants.] 

[bookmark: _Toc497812746]Economic Study Process 
As a part of the regional system planning effort, ISO New England (ISO) may conduct economic planning studies each year, as specified in Attachment K of its Open-Access Transmission Tariff (OATT).[footnoteRef:28] The economic studies provide information on system performance, such as estimated production costs, load-serving entity (LSE) energy expenses, transmission congestion, and environmental emission levels.[footnoteRef:29] The ISO may annually perform studies in response to requests by participants that analyze various future scenarios. This information can assist stakeholders in evaluating various resource and transmission options that can affect New England’s wholesale electricity markets. The studies may also assist policymakers who formulate strategic visions of the future New England power system.  [28:  ISO New England Inc. Transmission, Markets, and Services Tariff (ISO tariff), Section II, Open Access Transmission Tariff, Attachment K, “Regional System Planning Process” (July 29, 2016), https://iso-ne.com/static-assets/documents/regulatory/tariff/sect_2/oatt/sect_ii.pdf.]  [29:  Load-serving entity (LSE) energy expenses are the total electric energy revenues that resources and imports from neighboring systems would receive for supplying electric energy to the wholesale market plus the cost of congestion.] 

The role of the PAC in the economic study process is to discuss, identify, and otherwise assist the ISO by advising on the proposed studies.[footnoteRef:30] The ISO then performs up to three economic studies and subsequently reviews all results and findings with the PAC. [30:  OATT, Attachment K, Section 4.1b] 

[bookmark: _Toc497812747]Disclaimer
Scenario analyses inform stakeholders about different future systems. These hypothetical systems should not be regarded as the ISO’s vision of realistic future development, plans, projections, and preferences. The scenarios do not fully capture current laws and regulations, such as the timing of renewable resource development and the cost implications. The scenarios, however, can assist stakeholders by identifying key regional issues that must be addressed. For example, this report identifies several physical and market issues associated with futures ranging from keeping the status quo through the large-scale development of renewable resources. It also summarizes high-order-of-magnitude transmission system expansion costs, which provide stakeholders with cost information but do not identify particular facilities or include detailed plans associated with any of the scenarios.
[bookmark: _Toc497812748]2016 NEPOOL Scenario Analysis Process and Goals
In April 2016, NEPOOL submitted its request to the ISO for a scenario analysis of the ISO New England system under a range of assumptions.[footnoteRef:31] The request was for the 2016 NEPOOL Scenario Analysis to provide NEPOOL participants, regional electricity market stakeholders, policymakers, and consumers, information, analyses, and observations on the following:  [31:  NEPOOL, “NEPOOL Scenario Analysis Proposal 2016: Implications of Public Policy on ISO-NE Market Design, Reliability, Resource Metrics, Costs, Emissions, System Operability and Revenues of New Generation” (March 31, 2016), http://www.iso-ne.com/static-assets/documents/2016/04/nepool_economic_study_request_scenario_analysis.docx.] 

· The potential  impacts on the ISO New England markets of implementing public policies in the New England states
· Projected energy market revenues, and the contribution of these revenues to the generic fixed costs of new generation, for various generation types under particular sets of assumptions 
· The potential impacts, under the status-quo forecast and compared with the public policy overlay, on system reliability and operability, resource costs and revenues, total cost of supplying load, and emissions in New England 
The PAC worked with the ISO to collaboratively identify the mixes of additional conventional and renewable technology resources to be included in each scenario, the respective operating profiles or drivers, operating costs, and environmental goals. In fulfillment of its tariff obligations, the ISO presented the scope of work, assumptions, and results to the PAC, who provided input on draft items at every stage of the study during 12 PAC meetings held from April 2016 through January 2017.[footnoteRef:32] [32:  The general and detailed study assumptions are available in the following ISO PAC presentations: 2016 Economic Studies: Phase 1 Assumptions (June 10, 2016), http://www.iso-ne.com/static-assets/documents/2016/06/a9_2016_economic_study_assumptions.pdf; 2016 Economic Studies: Status Update (July 13, 2016), http://www.iso-ne.com/static-assets/documents/2016/07/a6_2016_economic_study_update.pdf; Generic and New England- Specific Costs of New Generating Technologies (August 17, 2017), https://www.iso-ne.com/static-assets/documents/2016/08/a5_generic_and_region_specific_costs_of_new_generating_technologies.pdf; and 2016 Economic Studies: Preliminary High-Order-of-Magnitude Transmission Development Costs (October 19, 2016), particularly slides 24–35, https://www.iso-ne.com/static-assets/documents/2016/10/2016_economic_studies_high_level_transmission_costs_rev1.pdf. ] 

[bookmark: _Toc162256767][bookmark: _Toc162257090][bookmark: _Toc162257282][bookmark: _Toc162258372][bookmark: _Toc162258448][bookmark: _Toc162779946][bookmark: _Toc163032225][bookmark: _Toc163032813][bookmark: _Toc163032940][bookmark: _Toc162256768][bookmark: _Toc162257091][bookmark: _Toc162257283][bookmark: _Toc162258373][bookmark: _Toc162258449][bookmark: _Toc162779947][bookmark: _Toc163032226][bookmark: _Toc163032814][bookmark: _Toc163032941][bookmark: _Toc162256769][bookmark: _Toc162257092][bookmark: _Toc162257284][bookmark: _Toc162258374][bookmark: _Toc162258450][bookmark: _Toc162779948][bookmark: _Toc163032815][bookmark: _Toc163032942][bookmark: _Toc162256770][bookmark: _Toc162257093][bookmark: _Toc162257285][bookmark: _Toc162258375][bookmark: _Toc162258451][bookmark: _Toc162779949][bookmark: _Toc163032228][bookmark: _Toc163032816][bookmark: _Toc163032943][bookmark: _Toc497812749]Topics Addressed
The sections that follow describe the scenarios (Section 3), the methodology used and metrics analyzed (Section 4), the assumptions applied (Section 5), and the main results and observations (Section 6). Section 7 summarizes the key conclusions; supplemental studies of market, operational, and transmission issues; and next steps and how policymakers and other stakeholders might be able to use this information and data.
The report includes hyperlinks throughout to presentations and other materials that contain more detailed information. These links are to PAC presentations on the background and scope of the analysis; the development of the scenarios, assumptions, methodology, and metrics used; and the draft and final results. The links also reference the draft reports, stakeholder comments, and data spreadsheets. The links are up to date as of the publication of the report.
[bookmark: _Toc477794607][bookmark: _Ref477520229][bookmark: _Toc497812750]
Description of the Scenarios
The analysis examined six scenarios with various combinations of the assumed parameters, as summarized in the following sections. Section 5 discusses the assumptions in more detail. 
[bookmark: _Toc497812751]Scenario 1—“RPSs + Gas”—Generation Fleet Meets Existing RPSs, and Natural Gas Combined-Cycle Units Replace Retired Units 
Scenario 1 begins with the fleet of generation expected as of 2019/2020 and the gross demand and amounts of photovoltaic (PV) and energy efficiency (EE) based on the ISO’s 2016 Report on Capacity, Energy, Load, and Transmission (2016 CELT Report).[footnoteRef:33] It assumes that physical renewable/clean energy resources (e.g., wind resources) are used to meet the total energy growth requirement for the New England states’ goals for their Renewable Portfolio Standards (RPSs) as of April 1, 2016.[footnoteRef:34] In this scenario, half the retirements of the oldest oil and coal units occur in 2025 and half in 2030, with natural gas combined-cycle (NGCC) units replacing the retired units built at the same sites as the retired units. The amount of additional NGCC units was adjusted to exactly meet the assumed net Installed Capacity Requirement (NICR).[footnoteRef:35] Imports (from Hydro-Québec and New Brunswick) were based on historical profiles. [33:  ISO New England, 2016 CELT Report—2016 to 2025 Forecast Report of Capacity, Energy, Loads, and Transmission (May 2, 2016), https://www.iso-ne.com/static-assets/documents/2016/05/2016_celt_report.xls.]  [34:  A Renewable Portfolio Standard is a state law or statute requirement for load-serving entities in that state to meet the future demand for electric energy using new or existing renewable energy resources. LSEs can satisfy their RPS obligations by obtaining generation from a variety of renewable technologies, located either within New England or within adjacent balancing authority areas, by acquiring Renewable Energy Credits (RECs) from eligible renewable resources qualified by each state, or by making alternative compliance payments (ACPs); see footnote below), which serve as a price cap on the cost of RECs. Information on the assumptions used to establish the RPSs is available at the ISO website; refer to the ISO New England, “Renewable Portfolio Standards Spreadsheet,” Excel file (posted May 16, 2016), http://www.iso-ne.com/static-assets/documents/2016/05/a3_2016_economic_study_scope_of_work_rps_spreadsheet.xlsx. ]  [35:  The net Installed Capacity Requirement is the minimum amount of resources (in megawatts) the region needs in a particular year to meet its resource adequacy planning criterion, according to the Northeast Planning Coordinating Council criteria, minus the tie-reliability benefits associated with the Hydro-Québec Phase II interface, called Hydro-Québec Interconnection Capability Credits.] 

[bookmark: _Toc497812752]Scenario 2—“ISO Queue”—Generation Fleet Meets Existing RPSs, and New Renewable/Clean Energy Resources Meet All Future Needs, Including the Replacement of Retired Units 
Scenario 2 is the same as Scenario 1 in terms of the gross demand, the generation fleet meeting existing RPSs, the levels of PV and EE resources based on the 2016 CELT forecast, retirement dates, and energy imports from Hydro-Québec and New Brunswick. For Scenario 2, however, new renewable/clean energy units are used to meet all needed capacity and replace retired units (instead of NGCC meeting these needs). The amount of renewable resources added was sufficient to exactly meet the assumed NICR. The renewable resource locations were consistent with the ISO Interconnection Queue (the queue) as of April 1, 2016.[footnoteRef:36]  [36:  See the ISO’s “Interconnection Request Queue” webpage (2017), https://www.iso-ne.com/system-planning/transmission-planning/interconnection-request-queue.] 

[bookmark: _Toc497812753]Scenario 3—“Renewables Plus” (also “Renew Plus”)—Generation Fleet Meets Existing RPSs, and Additional Renewable/Clean Energy Resources Are Used Above the Existing RPS Targets 
In Scenario 3, the generation fleet plus additional renewable/clean energy resources (i.e., behind-the meter [BTM] and utility-scale PV, EE, and wind, and hydroelectric imports) are used for meeting or exceeding the existing RPSs, replacing retirements, and providing zero-emitting energy.[footnoteRef:37] This scenario also adds two new tie lines with capacity contracts, plug-in hybrid electric vehicles (PHEVs), and battery energy systems. The resource mix and demand differ markedly from historic trends. The amount of resources added exceeded the assumed NICR. [37:  A behind-the-meter resource typically is generation output by a relatively small, individual, on-site installation directly connected to a distribution facility or retail customer facility and not the regional power system, making it “invisible” to the ISO. BTM resources reduce net system demand.] 

[bookmark: _Toc497812754]Scenario 4—“No Retirements beyond FCA #10”—Generation Fleet Meets Existing RPSs in Part with Alternative Compliance Payments, NGCC Units Are Added, and No Units Retire 
Scenario 4 uses the same assumptions as Scenario 1 for gross demand and the levels of PV and EE, as based on the 2016 CELT forecast, and the imports over the tie lines based on historical profiles. But in this scenario, all physical renewable/clean energy resources as of April 1, 2016—interconnected, under construction, or with “I.3.9” approval—are used to meet the RPS requirements.[footnoteRef:38] Additionally, LSEs use alternative compliance payments (ACPs) to meet remaining RPS requirements not physically met.[footnoteRef:39] No units retire beyond known FCA resources, and any new generation resources needed to meet the NICR would be NGCC units at the Hub.[footnoteRef:40] [38:  “I.3.9” refers to the section of the ISO tariff that includes the requirements for market participants’ and transmission owners’ (TO) submissions of new or revised plans for adding to or changing any generation or demand resource or transmission facility 69 kV or larger that could have a significant effect on the stability, reliability, or operating characteristics of a TO’s or market participant’s transmission facility or system. It also contains the ISO’s requirements for reviewing and approving these applications. These projects are included on the ISO’s Interconnection Request Queue, available at https://www.iso-ne.com/system-planning/transmission-planning/interconnection-request-queue. ]  [39:  An alternative compliance payment is a state-established payment a retail electricity supplier makes to a state when its qualified renewable resources fall short of providing sufficient Renewable Energy Credits for meeting the state’s Renewable Portfolio Standards (see footnote above).]  [40:  The New England Hub is a specific set of predefined pricing nodes for which locational marginal prices are calculated and which are used to establish reference prices for electric energy purchases, the transfer of day-ahead and real-time adjusted load obligations, and other wholesale market applications. Because of the Hub’s central location within the New England electricity grid, additional resources added at this general location would not experience significant transmission constraints to serving loads across New England.     ] 

[bookmark: _Toc497812755]Scenario 5—“ACPs + Gas”—Existing Fleet Meets RPSs in Part with Alternative Compliance Payments, and NGCC Additions Replace Retired Units 
Scenario 5 uses the same assumptions as Scenario 4 for gross demand; the levels of PV, EE, and wind; and tie-line transfers, except that half the older coal and oil units retire in 2025 and half in 2030 and are replaced as needed with NGCC generation to meet the NICR. The assumed NGCC proxy units are at sites where generators have been assumed to retire. In this scenario, the existing fleet meets the existing RPSs, partly through alternative compliance payments. 
[bookmark: _Toc497812756]Scenario 6—“RPSs + Geodiverse Renewables”—Generation Fleet Meets Existing RPSs, and New Renewable/Clean Energy Resources around the Region Meet All Future Needs, Including the Replacement of Retired Units 
Scenario 6 is the same as Scenario 2 in terms of the gross demand, the generation fleet meeting existing RPSs, the levels of PV and EE resources based on the 2016 CELT forecast, retirement dates, and energy imports from Hydro-Québec and New Brunswick. Also, new renewable/clean energy units are used to meet all needed capacity and replace retired units, and the amount of renewable resources added was sufficient to exactly meet the assumed NICR. However, in Scenario 6, the capacity associated with the added wind resources are split into three groups with equal amounts of capacity value: one third is additional photovoltaics predominantly in southern New England, one third is onshore wind in Maine, and one-third is offshore wind connected to southeastern Massachusetts/Newport, Rhode Island, and Rhode Island bordering Massachusetts (SEMA/RI) and Connecticut. The photovoltaics and offshore wind resources are well situated near the load centers of southern New England. The onshore wind in Maine is remotely located. 
[bookmark: _Toc497812757][bookmark: _Toc165018187][bookmark: _Toc173682264]Overview of Scenario Parameters
Table 3‑1 provides an overview of the main parameters used in the simulations for retirements, load, resource capacity, and external ties and transfer limits. Section 5 describes the assumptions used in greater detail.
[bookmark: _Ref480209232][bookmark: _Toc497735251]Table 3‑1
Overview of Scenarios’ Main Parameters
	Scenario
	Retire Oldest Oil/Coal Units(a)
	Gross  Demand
	PV(b)
	Energy Efficiency
	Wind(b)
	New Natural Gas Units
	Hydro-Québec and New Brunswick
External Ties and Transfer Limits(c)

	1. RPS + Gas
	½ in 2025
½ in 2030
	Based on 2016 CELT forecast
	Based on 2016 CELT forecast
	Based on 2016 CELT forecast
	As needed to meet RPSs
	NGCC
	Based on historical profiles

	2. ISO Queue
	½ in 2025
½ in 2030
	Based on 2016 CELT forecast
	BTM based on 2016 CELT forecast; non-BTM same as wind
	Based on 2016 CELT forecast
	Used to satisfy net ICR
	None
	Based on historical profiles

	3. Renewables Plus(d) 
	½ in 2025
½ in 2030
	Based on 2016 CELT forecast
	8,000 MW (2025)
12,000 MW (2030)

BTM PV 4,000 (2025)
6,000 (2030)

Utility PV 4,000 (2025)
6,000 (2030)

Provided by
NEPOOL
	4,844 MW (2025)
7,009 MW (2030)

Provided by NEPOOL
	5,733 MW (2025)
7,283 MW (2030)

Provided by
NEPOOL
	None
	Based on historical profiles plus additional imports(e)


	4. No Retirements beyond FCA #10
	No retirements beyond FCA #10
	Based on 2016 CELT forecast
	Based on 2016 forecast
	Based on 2016 forecast
	Existing plus those with I.3.9 approval
	NGCC
	Based on historical profiles

	5. ACPs + Gas
	½ in 2025
½ in 2030
	Based on 2016 CELT forecast
	Based on 2016 CELT forecast
	Based on 2016 CELT forecast
	Existing plus those with I.3.9 approval
	NGCC
	Based on historical profiles

	6. RPSs + Geodiverse Renewables
	½ in 2025
½ in 2030
	Based on 2016 CELT forecast
	Additional non-BTM;
953 MW in 2025
4,028 MW in 2030
	Based on 2016 CELT forecast
	Onshore wind: 2,509 MW
(2025)
7,237 MW
(2030)

Offshore wind:
1,753 MW
(2025)
5,553 MW
(2030)
	None
	Based on historical profiles


(a) 	The study assumed that half the oldest oil and coal units will retire in 2025 and the remaining units will retire in 2030.
(b) 	All megawatt values shown, including those for PV and wind, are total nameplate values.
(c) 	The study assumed no energy transfers with New York via the Cross-Sound Cable (CSC) or New York AC interconnections. But import capacity included New York Power Authority imports under a long-term contract as part of the capacity mix of resources. Imports were assumed to have zero carbon emissions.
(d) 	For Scenario 3, the study used standard ISO models for the load-duration curves and locations of gross demand, EE, and PV, consistent with Scenarios 1, 2, 4, 5, and 6 (refer to Section 5.2). Scenario 3 also reflects the addition of plug-in hybrid electric vehicles and distributed energy storage systems. 
(e) 	Scenario 3 assumes that two new tie lines between New England and Québec were added for importing hydroelectricity.
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Methodology and Metrics
This section discusses the methodology used in the 2016 NEPOOL Scenario Analysis to simulate the various futures and the metrics used to study the different scenarios. 
[bookmark: _Toc497812759]Methodology
ABB’s GridView program, a common simulation tool vetted before stakeholders, calculates least-cost transmission-security-constrained unit commitment and economic dispatch under differing sets of assumptions and minimizes production costs for a given set of unit characteristics. The program can explicitly model a full network, but the New England study model used a “pipe and bubble” format, with “pipes” representing transmission interfaces connecting the “bubbles” representing the various planning areas.  
The ISO system was modeled as a constrained single area for unit commitment, and regional resources were economically dispatched in the simulations to respect the assumed transmission system security constraints under normal and contingency conditions. Depending on the case, the model dispatched up to 900 units (new and existing) in New England. For each scenario’s set of resources (with their various operating characteristics), the simulation “dispatched” power plants to meet different levels of customer demand in every hour of the year being analyzed. These simulations established a wide array of hypothetical data about how the electric power system “performed” in terms of reliability, economics, and environmental indicators and the effects of transmission system constraints. 
The simulations created data sets for two separate years, 2025 and 2030. The year 2025 was selected because it represents the end of the current regional system planning horizon. The year 2030 was selected to show longer-term strategic results. 
[bookmark: _Toc497812760]Metrics Analyzed
GridView simulated regional electricity production, the costs to produce and purchase it, energy interchange profiles with neighboring systems, and some of the potential environmental impacts, taking into account the set of assumptions applied for each scenario (as described in Section 5). Several metrics, such as production cost, are the direct result of the GridView simulation outputs, while others combined GridView metrics with ones that were not direct outputs of the program, such as relative annual resource costs (RARCs) (see Section 6.4). The ISO developed additional metrics, including high order-of-magnitude estimates of transmission-development costs (see Section 6.3). Table 4-1 summarizes the metrics generated for analyzing the scenarios.
[bookmark: _Toc497735252]Table 4‑1
Metrics Analyzed in the 2016 NEPOOL Scenario Analysis
	Economic 
	Resource
	Transmission(a)
	Environmental

	Systemwide production costs, including energy production costs and unit-commitment costs (million dollars/year; $M/year)
	Total production in gigawatt-hours (GWh) and percentage for each resource type, including imports
	Megawatt (MW) flow-duration curves where the flows exceed 90% of the interface limit for the unconstrained cases
	Ability of resources to physically meet growth of RPSs (megawatt-hours; MWh)

	Average locational marginal prices ($/MWh)
	Capacity factors of units that suggest the need for other types of resources (%)
	Percentage of time that flows exceed 100% of the interface limit for unconstrained cases
	Total air emissions of carbon dioxide (CO2) compared with Regional Greenhouse Gas Initiative (RGGI) regional goal (kilotons; ktons)(b)

	Load-serving entity energy expenses and uplift (i.e., make-whole payments) ($M/year)
	The fuel that sets the marginal clearing price, summarized annually
	Chronological curves for interface flows above 90% of the limit
	Total air emissions of nitrogen oxides (NOX) (tons)

	Congestion ($M/year)
	
	Diurnal flows of interfaces
	Total air emissions of sulfur dioxide (SO2) (tons)

	Relative annual resource cost encompassing all annual operating costs and annual carrying charges for new resources and high-order-of-magnitude transmission-development costs ($M/year and $/kilowatt-hour; kWh)
	
	Seasonal flow-duration curves for interfaces
	Total “bottled,” price-taking resources (i.e., PV, wind, hydro, and imports) by Regional System Plan (RSP) subarea (expressed in MWh and percentage)(c)

	Wholesale energy market revenues and contributions to annual fixed costs by resource type ($/kW-year)
	
	Interface flows on representative summer and winter days
	

	Net revenues for energy storage ($/kW-year)
	
	Preliminary high-order-of-magnitude transmission-development costs (billion dollars [$B] and $B/year)
	


(a) 	The study does not include specific transmission planning studies but identifies approximate costs for transmission development on the basis of the interface flows and the extent of their congestion.
(b) 	The Regional Greenhouse Gas Initiative is a nine-state program in the Northeast to reduce the CO2 emissions from fossil power plants 25 MW and larger in these states. Each state is allocated a share (allowance) of an annual emissions cap on the basis of historical emissions and negotiations; one allowance equals the limited right to emit one ton of CO2.
(c) 	“Bottled” refers to price-taking resources that cannot produce energy because of transmission system limitations that constrain production or hours when demand is insufficient to consume the full amount of potentially available production.
The study does not include detailed transmission analysis that would be required to fully develop plans that identify and price transmission upgrades. The results, however, provide transmission development costs that are suitable for comparing high-order-of-magnitude dollars across the scenarios.
[bookmark: _Ref477520325][bookmark: _Toc497812761]
Assumptions
This section summarizes the major assumptions applied in the study, all of which were discussed with the PAC. The study made a set of common assumptions of the electric power system and markets and several scenario-specific assumptions. Common assumptions were made for the following parameters for the two study years and the constrained and unconstrained cases:[footnoteRef:41] [41:  The general and detailed study assumptions are available in the ISO’s 2016 Economic Studies Phase I Scope of Work, Assumptions (May 19, 2016), https://iso-ne.com/static-assets/documents/2016/05/a3_2016_economic_study_scope_of_work_assumptions.pdf.; 2016 Economic Studies: Phase 1 Assumptions, PAC presentation (June 10, 2016), http://www.iso-ne.com/static-assets/documents/2016/06/a9_2016_economic_study_assumptions.pdf; and 2016 Economic Studies: Status Update, PAC presentation (July 13, 2016), http://www.iso-ne.com/static-assets/documents/2016/07/a6_2016_economic_study_update.pdf.  ] 

· Annual and peak energy use, active demand resource (ADR) profiles, and capacity needs 
· Fuel prices 
· Generating resource capital costs and resource production characteristics (e.g., heat rates, outage rates, maintenance schedules, wind and hydro profiles, and others)
· Internal and external transmission interface transfer limits and interchanges with neighboring systems
· Transmission development capital cost methodology and dollar amounts 
· Air emission regulatory targets for CO2 and emission allowance costs 
The study reflected assumptions for the production profiles of hydro units, PV, wind generation units; pumped-storage generating units, electric batteries, and plug-in hybrid electric vehicles and the energy profiles for imports from neighboring systems. The assumptions for the overall resource mix based on resource expansions and retirements, resource capacity values and locations, and external ties varied among the scenarios. For all but Scenario 3 (Renewables Plus), the amounts of PV and EE development and hourly profiles were the same; however, for Scenario 3 more PV and EE was assumed for the "base" amounts of these resource types.
[bookmark: _Toc497812762]Public Policies Assumed
The following public policies were assumed to be in effect in various ways in the six New England states throughout the timeframe of the study and could affect the growth of renewable resources and their locations, reductions in net demand, and energy production costs used in the scenarios:
· The states’ Renewable Portfolio Standards’ (RPSs) and other renewable resource goals as of April 1, 2016, which set increasing targets in the six New England states for the procurement of Renewable Energy Credits (RECs) by load-serving entities
· Energy-efficiency programs, which lower the amount of physical energy that needs to be produced and distributed.[footnoteRef:42] The study assumed that EE resources help meet the NICR.  [42:  Refer to the ISO’s “Energy Efficiency Working Group,” webpage (2017) for information and presentations on how the ISO accounts for energy-efficiency programs in its energy-efficiency forecasts; https://www.iso-ne.com/committees/planning/energy-efficiency-forecast.] 

· Behind-the-meter solar and net-metering programs, which serve to decrease net load as seen by ISO New England and consequently reduce the amount of NICR needed to reliably serve loads
· Regional Greenhous Gas Initiative CO2 emissions allowance pricing, which affects production costs and regional emission levels
The study is not designed to evaluate specific public policies or advocate for any particular outcome. 
[bookmark: _Toc477794725][bookmark: _Toc477794729][bookmark: _Ref477778497][bookmark: _Ref480556421][bookmark: _Toc497812763]Peak Demand, Annual Energy Use, and Demand Modifiers
The study used a 2006 load shape and readily available standard models for creating a time-synchronized gross demand load profile and 2006 solar insolation patterns to represent BTM PV.[footnoteRef:43] The model for demand after BTM PV was determined by reducing the gross system demand by the assumptions for BTM PV production for every hour of the year. The gross peak demand and the megawatt amounts of BTM PV were based on ISO’s projections for 2025, but additional amounts of BTM-PV were added in Scenario 3. Additional amounts of non-BTM PV were added in Scenarios 2, 3, and 6. Scenario 3 also added distributed batteries and PHEVs.  [43:  This is the standard ISO model used for representing hourly demand for economic studies. Several summer heat waves and a moderate winter were experienced in 2006.] 

The scenarios also modeled several resources as negative loads to simulate an overall reduced hourly demand that served as an input to the dispatch of generating resources. Individual technology profiles were used for energy efficiency, BTM-PV and non-BTM PV, wind generation, and hydro generation. Distributed batteries and pumped-storage hydro were modeled as load additions, with a charging profile and as negative loads, to model a generation profile that together equalized the net load resulting from the storage technologies. The PHEVs modeled in Scenario 3 used a profile to increase demand during off-peak hours.
[bookmark: _Toc497812764]Peak Demand and Annual Energy Use
Table 5-1 shows the assumptions used for gross 50/50 peak demand and annual energy use for all scenarios for 2025 and 2030.[footnoteRef:44] The values for 2025 are consistent with the CELT 2016 report. The values for 2030 were extrapolated from 2025 using the rate of growth of 2025 values compared with values for 2024, which are the last two years of the ISO’s forecast.  [44:  A 50/50 peak demand is a peak load with a 50% chance of being exceeded because of weather conditions, expected to occur in the summer in New England at a weighted New England-wide temperature of 90.2 °F, and in the winter, 7.0 °F.] 

[bookmark: _Toc497735253]Table 5‑1
Gross New England 50/50 Peak Demand and Annual Energy Use for All Scenarios
	Parameter
	2025
	2030

	Gross New England 50/50 peak demand (MW)
	31,794
	33,343(a)

	Gross New England 50/50 annual energy use (GWh)
	152,731
	158,969(b)


(a) Gross 50/50 peak demand for 2030 = (31,794 MW) × {(31,794 ÷ 31,493) 5} = 33,343 MW.
(b) Gross annual energy use for 2030 = {(152,731 GWh ÷ 151,513 GWh)5} × 152,731 GWh = 158,969 GWh.
[bookmark: _Toc497812765]Passive Demand and Behind-the Meter PV Resources 
For Scenarios 1, 2, 4, 5, and 6 (i.e., all but Renewables Plus), the annual increase in passive demand-resource capacity for 2026 through 2030 was assumed to be the same as the incremental amount of passive demand capacity forecasted for 2025, which is 179 MW.[footnoteRef:45] The annual growth of passive demand-resource energy savings for 2026 through 2030 was assumed to be the same as the incremental amount of passive demand energy forecasted for 2025, which is 255 GWh. The same amounts of behind-the-meter PV added in 2025 (94 MW of nameplate value) were assumed to be added annually through 2030. The US Department of Energy (DOE) National Renewable Energy Laboratory (NREL) profiles for 2006 were used to synchronize PV production with the gross load profile, resulting in 26 MW of peak-load reduction and 123 GWh of energy production per year.[footnoteRef:46] [45:  A passive demand resource is a demand resource principally designed to save electric energy use, which is in place at all times without requiring direction from the ISO. Passive demand resources include energy-efficiency measures, such as the use of energy-efficient appliances and lighting, advanced cooling and heating technologies, electronic devices to cycle air conditioners on and off, and equipment to shift load to off-peak hours of demand.]  [46:  NREL, “Solar Power Data for Integration Studies,” webpage (n.d.), https://www.nrel.gov/grid/solar-power-data.html.] 

For Scenario 3, the capacity and energy assumptions for passive demand resources are based on values provided by NEPOOL. For 2025, BTM PV nameplate installations totaling 4,000 MW were estimated to reduce gross peak loads by 31.6% of nameplate BTM PV. For 2030, BTM PV nameplate installations totaling 6,000 MW were estimated to reduce gross peak loads by 25.4%.[footnoteRef:47]  [47:  Because PV does not produce energy as the sun sets, larger amounts of PV result in the net peak load (demand minus PV production) occurring later in the day during the summer. Thus, increased amounts of PV become less effective at reducing the net peak load.] 

The estimates for total behind-the-meter PV energy production were based on the energy production per nameplate megawatt of the BTM PV for 2025 contained in the 2016 CELT Report:
· Total BTM PV energy for 4,000 MW of nameplate rating in 2025:
5,130 GWh = (2,959 GWh ÷ 2,307 MW) × 4,000 MW
· Total BTM PV energy for 6,000 MW of nameplate rating in 2030:
7,695 GWh = (2,959 GWh ÷ 2,307 MW) × 6,000 MW
Table 5‑2 summarizes the assumptions for passive demand and BTM PV resources for all the scenarios for both study years.
[bookmark: _Ref462231949][bookmark: _Toc497735254]Table 5‑2
Capacity and Energy Assumptions for Passive Demand and BTM PV Resources, 2025 and 2030
	Parameter
	Scenarios 1, 2, 4, 5, and 6
	Scenario 3

	
	2025
	2030
	2025
	2030

	Passive demand-resource capacity (MW)
	3,844
	4,739
	4,844
	7,009

	Passive demand-resource energy (GWh)
	24,559
	25,834
	36,876
	53,360

	Behind-the-meter PV reductions in peak load/nameplate MW
	828/2,307
35.9% of nameplate
	958/2,777
34.5% of nameplate
	1,264/4,000
31.6% of nameplate
	1,524/6,000
25.4% of nameplate

	Behind-the-meter PV energy production (GWh)
	2,959
	3,574
	5,130
	7,695



[bookmark: _Ref476903290][bookmark: _Toc497812766]Plug-In Hybrid Electric Vehicles
A total of 2.5 million plug-in hybrid electric vehicles were added in 2025, and 4.2 million were added in 2030 for Scenario 3. Locations were distributed by state, in accordance with the NEPOOL request, and further distributed by Regional System Plan “bubbles” (refer to Figure 5‑6 below) in proportion to load. Table 5‑3 shows the assumed distribution of PHEVs by state for 2025 and 2030 for Scenario 3. The study assumed that the PHEVs distribute charging over the night hours and do not discharge back into the grid.  
[bookmark: _Ref462315012][bookmark: _Toc497735255]Table 5‑3
Assumed Distribution of PHEVs by State for 2025 and 2030 for Scenario 3
	State
	Percentage
	2025
No. of Vehicles
	2030
No. of Vehicles

	Connecticut
	23
	575,000
	966,000

	Maine
	12
	300,000
	504,000

	Massachusetts(a)
	43
	1,075,000
	1,806,000

	New Hampshire
	11
	275,000
	462,000

	Rhode Island
	6
	150,000
	252,000

	Vermont
	5
	125,000
	210,000

	New England
	100
	2,500,000
	4,200,000


(a) The total for Massachusetts was reduced by 1% to eliminate a rounding issue.
Table 5‑4 shows the PHEV characteristics for Scenario 3 for 2025 and 2030. Figure 5‑1 shows the daily PHEV charging profile for Scenario 3 for both study years.
[bookmark: _Ref462334112][bookmark: _Toc497735256]Table 5‑4
PHEV Characteristics for Scenario 3 for 2025 and 2030
	Characteristic
	2025
	2030

	Penetration (million PHEVs)
	2.5
	4.2

	Max hourly off-peak charging  (MW)
	3,467
	5,825

	Annual charging energy (GWh)
	7,445
	12,507




[image: ]
[bookmark: _Ref462334130][bookmark: _Toc497811987]Figure 5‑1: Daily PHEV charging profile for Scenario 3 for 2.5 million vehicles (2025) and 4.2 million vehicles (2030) (MW).
[bookmark: _Toc497812767]Capacity Assumptions
The study included assumptions regarding the needed amount of resources and reserves, resource deliverability, capacity values and summer seasonal claimed capability (SCC), nameplate values, retirements and additions, Renewable Portfolio Standards, storage amounts and operating profiles, and the overall resource mix.[footnoteRef:48] Resources were divided into capacity resources that meet the net Installed Capacity Requirement and energy-only resources.  [48:  Seasonal claimed capability is a generator's maximum production or output during a particular season, adjusted for physical and regulatory limitations.] 

Resources that received capacity supply obligations through FCA #10 were considered part of the resource mix. Summer SCC values were assumed for all units having capacity supply obligations in FCA #10, but capacity values were used for wind and PV resources. Because the replacement of fossil-fuel resources was assumed at the site of resources assumed to be retired and at the Hub, resource deliverability was assumed; the study did not conduct detailed FCA-deliverability tests.
Additional generation without FCA #10 obligations were assumed to be, as of April 1, 2016, operating, under construction (but not cleared in an FCA), or having I.3.9 approval and still in the ISO’s Interconnection Queue. For all resources, operating characteristics (e.g., for heat rate, ramp rate, minimum down time, minimum up time) were used where data were available, and generic information was modeled for other generators, which was suitable for this study. Additions of NGCC not in the queue as of April 1, 2016, but needed to meet the NICR were first added at sites of retired resources up to the size of the retired resources and, if necessary, added at the Hub. 
The scenarios assumed that an installed reserve margin of 14% above the gross 50/50 peak load (minus the peak load reduction due to the BTM PV) would meet the systemwide net ICRs. This base scenario assumption is reasonable when considering the NICR summarized in recent Regional System Plans.[footnoteRef:49] In this calculation, energy efficiency was considered a resource that contributes toward meeting the NICR. [49:  Regional System Plans are available at https://www.iso-ne.com/system-planning/system-plans-studies/rsp.] 

Operating-reserve requirements were modeled based on the first- and second-largest loss-of-source system contingencies.[footnoteRef:50] The system’s current operating-reserve requirements were assumed.[footnoteRef:51] For 10-minute reserves, the study assumed that the system needed 125% of the first-contingency amount, divided evenly between 10-minute spinning reserve (TMSR) (50%) and 10-minute nonspinning reserve (TMNSR) (50%).[footnoteRef:52] Thirty-minute operating reserve (TMOR) was not modeled because it was assumed adequate and provided by hydro, pumped storage, and fast-start resources.[footnoteRef:53]  [50:  Operating reserve is the megawatt capability of a power system greater than system demand, which is required for providing frequency regulation, correcting load forecasting errors, and handling forced outages, and is drawn from spinning and nonspinning sources of power that may be used to recover from a contingency. ]  [51:  The ISO’s requirements for operating reserves are addressed in ISO New England Operating Procedure No. 8—Operating Reserve and Regulation (January 17, 2017), https://www.iso-ne.com/static-assets/documents/rules_proceds/operating/isone/op8/op8_rto_final.pdf.]  [52:  Ten-minute spinning reserve (TMSR) is operating reserve provided by on-line operating generation that can increase output within 10 minutes in response to a contingency. Ten-minute nonspinning reserve (TMNSR) is operating reserve provided by off-line generation that can be electrically synchronized to the system and increase output within 10 minutes in response to a contingency.]  [53:  Thirty-minute operating reserve (TMOR) is provided by on-line or off-line operating-reserve generation that can either increase output within 30 minutes or be electrically synchronized to the system and increase output within 30 minutes in response to a contingency. A fast-start resource can be electrically synchronized to the system and reach its maximum production or output within 10 to 30 minutes to respond to a contingency and serve demand. It also can be a demand resource that helps with recovery from a contingency and assists in serving peak demand.] 

Table 5‑5 summarizes each scenario’s capacity assumptions for 2025 and 2030 for meeting or exceeding the net Installed Capacity Requirement. The sections that follow explain the assumptions in more detail, including the energy-production profiles for each type of resource.
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[bookmark: _Ref461381035][bookmark: _Toc497735257]Table 5‑5
Summary of Capacity Assumptions Used in the Scenarios, 2025 and 2030 (MW) 
	Parameter
	Scenario 1
RPSs + Gas
	Scenario 2
ISO Queue
	Scenario 3
Renewables Plus
	Scenario 4
No Retirements beyond FCA #10
	Scenario 5
ACPs + Gas
	Scenario 6
RPSs + Geodiverse Renewables

	
	2025
	2030
	2025
	2030
	2025
	2030
	2025
	2030
	2025
	2030
	2025
	2030

	FCA #10 cleared renewables (biofuels, landfill gas, etc.)
	976
	976
	976
	976
	976
	976
	976
	976
	976
	976
	976
	976

	FCA #10 cleared solar
	62
	62
	62
	62
	62
	62
	62
	62
	62
	62
	62
	62

	Forecasted EE and active demand resources without
real-time emergency generation (RTEG)
	4,163
	5,058
	4,163
	5,058
	5,663
	8,328
	4,163
	5,058
	4,163
	5,058
	4,163
	5,058

	FCA #10 cleared nuclear
	3,347
	3,347
	3,347
	3,347
	3,347
	3,347
	3,347
	3,347
	3,347
	3,347
	3,347
	3,347

	FCA #10 cleared hydro and pumped storage 
	3,116
	3,116
	3,116
	3,116
	3,116
	3,116
	3,116
	3,116
	3,116
	3,116
	3,116
	3,116

	Resource serving Citizen Block load
(on the border served from Hydro-Québec)
	30
	30
	30
	30
	30
	30
	30
	30
	30
	30
	30
	30

	Imports(a)
	1,006
	1,006
	1,006
	1,006
	2,506
	3,006
	1,006
	1,006
	1,006
	1,006
	1,006
	1,006

	Wind capacity value 
	366
	366
	366
	366
	1,457
	1,900
	366
	366
	366
	366
	366
	366

	Gas after retirements (SCC)
	16,582
	16,011
	16,582
	16,011
	16,582
	16,011
	16,676
	16,676
	16,582
	16,011
	16,582
	16,011

	Oil after retirements (SCC)
	4,509
	2,114
	4,509
	2,114
	4,509
	2,114
	6,109
	6,109
	4,509
	2,114
	4,509
	2,114

	Coal after retirements (SCC)
	0
	0
	0
	0
	0
	0
	917
	917
	0
	0
	0
	0

	Total capacity for existing resources after retirements
	34,157
	32,086
	34,157
	32,086
	38,248
	38,890
	36,768
	37,663
	34,157
	32,086
	34,157
	32,086

	Battery storage (SCC)
	N/A
	N/A
	N/A
	N/A
	1,200
	2,500
	N/A
	N/A
	N/A
	N/A
	N/A
	N/A

	Renewables to meet RPSs (capacity value)(b)
	488
	687
	0
	0
	0
	0
	N/A
	N/A
	N/A
	N/A
	0
	0

	Total capacity for existing resource plus storage and RPS renewables
	34,646
	32,773
	34,157
	32,086
	39,448
	41,390
	36,768
	37,663
	34,157
	32,086
	34,157
	32,086

	Net Installed Capacity Requirement(c)
	35,302
	36,919
	35,302
	36,919
	34,804
	36,273
	35,302
	36,919
	35,302
	36,919
	35,302 
	36,919

	NGCC capacity added to replace retirement and to meet NICR
	656(d)
	4,146(d)
	0
	0
	0
	0
	N/A
	N/A
	1,144(d)
	4,833(d)
	0
	0

	Renewable capacity added to replace retirement and to meet NICR (capacity value for wind and PV; SCC for other renewable resources, such as biomass.) 
	0
	0
	1,144(e)
	4,833(e)
	0
	0
	N/A
	N/A
	0
	0
	1,144(f)
	4,833(f)

	Additional NGCC capacity to meet NICR
	0
	0
	0
	0
	0
	0
	0
	0
	0
	0
	0
	0

	Additional renewable capacity to meet NICR
	0
	0
	0
	0
	0
	0
	0
	0
	0
	0
	0
	0




Notes for Table 5‑5
(a)	Import capacity includes New York Power Authority imports under a long-term contract plus the average capacity supply obligations associated with energy flows from New Brunswick, Highgate, and Phase II occurring during 2013, 2014, and 2015. Scenario 3 assumes additional import capacity of 1,500 MW in 2025 and 2,000 MW in 2030, respectively.
(b)	Renewable resources in the Interconnection Queue for Scenario 1 are sufficient to meet RPS requirements. Scenarios 2, 3, and 6 meet the RPSs and reflect additional renewables. Scenarios 4 and 5 use alternate compliance payments to meet the RPSs.
(c)	The NICR calculation was based on assuming 114% of the net 50/50 peak load and rounding to the nearest 100 MW. Summer SCC values were assumed for all units having capacity supply obligations in FCA #10, but capacity values were used for wind and PV resources. 
(d)	Scenario 1 and Scenario 5 need to replace the retired capacity with NGCC. Scenario 1 requires 656 MW and 4,146 MW in 2025 and 2030, respectively. Scenario 5 requires 1,144 MW and 4,833 MW in 2025 and 2030, respectively.
(e)	Scenario 2 requires a capacity value of 1,144 MW of renewables in 2025 and 4,833 MW of renewables in 2030 to replace the retired legacy units. Assuming the typical capacity-value percentages used in the RPS spreadsheet, over 3.5 times the total capacity of the queued projects as of April 1, 2016, were needed: 13,300 MW of onshore wind and 1,700 MW of offshore wind (rounded to nearest 100). Refer to Section 5.3.4 for more information on the RPS spreadsheet.
(f)	Scenario 6 also requires a capacity value of 1,144 MW of renewables in 2025 and 4,833 MW of renewables in 2030 to replace the retired legacy units. Based on stakeholders’ request, onshore wind, offshore wind, and photovoltaic each provide 1/3 of the replacement capacity.
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[bookmark: _Toc497812768][bookmark: _Ref462143175]Capacity Value Assumptions
Consistent with Table 5‑5, Figure 5‑2 and Table 5‑6 show the capacity value assumptions used for each resource type in each scenario for 2025, and Figure 5‑3 and Table 5‑7 show these assumptions for 2030. 
 [image: ]
[bookmark: _Ref461379461][bookmark: _Toc497811988]Figure 5‑2: 2025 capacity value assumptions by resource type (MW).
Note: “ES” stands for energy storage. “EE/DR” includes energy efficiency (i.e. passive demand resources), plus ADR, plus price-responsive demand (PRD).   
[bookmark: _Ref483407751][bookmark: _Toc497735258]Table 5‑6
Capacity Value Assumptions for Various Resources, 2025 (MW)(a)
	Scenario
	Wood
	Onshore
Wind
	Offshore
Wind
	PV
	Oil
	NG
	Import
	Coal
	EE/DR
	Hydro/ES
	Misc.
	Nuc

	RPS + Gas
	489
	709
	145
	62
	4,509
	17,238
	1,006
	0
	4,163
	3,116
	517
	3,347

	ISO Queue
	489
	1,065
	145
	62
	4,509
	16,582
	1,006
	0
	4,163
	3,116
	517
	3,347

	Renew Plus
	489
	1,012
	445
	62
	4,509
	16,582
	2,506
	0
	5,663
	4,316
	517
	3,347

	No Retire
	489
	221
	145
	62
	6,109
	16,676
	1,006
	917
	4,163
	3,116
	517
	3,347

	ACP + Gas
	489
	221
	145
	62
	4,509
	17,727
	1,006
	0
	4,163
	3,116
	517
	3,347

	RPS + Geo Renew
	489
	603
	526
	443
	4,509
	16,582
	1,006
	0
	4,163
	3,116
	517
	3,347


(a) Typical capacity values are used in this study; 26% for onshore wind and 30% for offshore wind.  
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[bookmark: _Ref461379735][bookmark: _Toc497811989]Figure 5‑3: 2030 capacity value assumptions by resource type (MW).
Note: “ES” stands for energy storage. “EE/DR” includes energy efficiency (i.e. PDRs), plus ADR, plus price-responsive demand.   
[bookmark: _Ref483407755][bookmark: _Toc497735259]Table 5‑7
Capacity Value Assumptions for Various Resources, 2030 (MW)(a)
	Scenario
	Wood
	Onshore
Wind
	Offshore
Wind
	PV
	Oil
	NG
	Import
	Coal
	EE/DR
	Hydro/ES
	Misc.
	Nuc

	RPS + Gas
	489
	908
	145
	62
	2,114
	20,157
	1,006
	0
	5,058
	3,116
	517
	3,347

	ISO Queue
	489
	3,698
	511
	62
	2,114
	16,011
	1,006
	0
	5,058
	3,116
	517
	3,347

	Renew Plus
	489
	1,155
	745
	62
	2,114
	16,011
	3,006
	0
	8,328
	5,616
	517
	3,347

	No Retire
	489
	221
	145
	62
	6,109
	16,676
	1,006
	917
	5,058
	3,116
	517
	3,347

	ACP + Gas
	489
	221
	145
	62
	2,114
	20,844
	1,006
	0
	5,058
	3,116
	517
	3,347

	RPS + Geo Renew
	489
	1,832
	1,756
	1,673
	2,114
	16,011
	1,006
	0
	5,058
	3,116
	517
	3,347


(a) Typical capacity values are used in this study; 26% for onshore wind and 30% for offshore wind.  
All scenarios assumed that the nuclear units at Millstone and Seabrook would be the first resources dispatched so that they would operate at full output and would only be reduced in the event the net loads after EE and PV could not absorb their energy. 

PV resources used the NREL database for photovoltaic production profiles in 2006.[footnoteRef:54]    [54:  The NREL database includes 8,760 hours of locational data that can be used to determine PV production for different amounts and locations of PV. A similar database exists for onshore and offshore wind.] 

[bookmark: _Toc497812769]Wind Generation
Similar to photovoltaic resource production profiles, the study used NREL data to build the energy production profiles for onshore and offshore wind resources and calculate the capacity values for wind generation, which are based on reliability hours and a percentage of the nameplate assumptions. Figure 5‑4 shows the wind nameplate capacities assumed in each scenario for the two study years. The figure includes wind resource additions with I.3.9 approvals, but not in service as of April 1, 2016.   

[image: ]
[bookmark: _Ref461379809][bookmark: _Ref476575995][bookmark: _Toc497811990]Figure 5‑4: Wind nameplate capacities assumed for the wind resources 2025 and 2030 (MW). 
Note:  “BHE” represents northeastern Maine; “ME,” western and central Maine/Saco Valley, New Hampshire; “VT,” Vermont/southwestern New Hampshire; “NH,” northern, eastern, and central New Hampshire/eastern Vermont, and southwestern Maine; “WMA,” western Massachusetts; “SEMA/RI,” southeastern Massachusetts/Newport, Rhode Island, and Rhode Island/bordering Massachusetts.
For the Scenario 3 simulations, wind resources were scaled up from the levels included in the other scenarios and were modeled as follows:
· Onshore wind was added to existing amounts for a total of 4,250 MW by 2025 and 4,800 MW by 2030. 
· Offshore wind was added to existing amounts for a total of 1,483 MW by 2025 and 2,483 MW by 2030: 
· This is similar to the wind-addition assumptions presented in the 2015 Economic Study Evaluation of Offshore Wind Deployment.[footnoteRef:55]  [55:  ISO New England, 2015 Economic Study—Evaluation of Offshore Wind Deployment (September 2, 2016), https://www.iso-ne.com/static-assets/documents/2016/09/2015_economic_study_offshore_wind_development_final.docx.] 

· This wind is assumed to interconnect mainly in SEMA and RI but includes some interconnections to Connecticut. 
Table 5-8 shows the assumptions used for onshore and offshore wind generation nameplate values for both study years.
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[bookmark: _Toc497735260]Table 5‑8 
Wind Nameplate Capacities Assumed for the Wind Resource Additions, 2025 and 2030 (MW)
	Year
	Scenario
	Offshore
Wind In
Service

	SEMA/RI Offshore Wind Added
	Total Offshore
	Onshore Wind In Service
	BHE Wind Added
	ME Wind Added
	NH Wind Added
	VT Wind Added
	WMA wind added
	Onshore Additions
	Maine- Only Additions
	Total Onshore Wind
	Total Onshore and Offshore Wind

	2025
	RPS + Gas
	0
	483
	483
	1,039
	1,885
	297
	51
	0
	35
	2,268
	2,182
	3,307
	3,790

	
	ISO Queue
	0
	483
	483
	1,039
	2,661
	894
	79
	20
	40
	3,694
	3,555
	4,733
	5,216

	
	Renew Plus
	0
	1,483
	1,483
	1,039
	2,657
	415
	79
	20
	40
	3,211
	3,073
	4,250
	5,733

	
	No Retire
	0
	483
	483
	1,039
	100
	208
	51
	0
	30
	388
	308
	1,427
	1,910

	
	ACP + Gas
	0
	483
	483
	1,039
	100
	208
	51
	0
	30
	388
	308
	1,427
	1,910

	
	RPS + Geo Renew
	0
	1,753
	1,753
	1,039
	1,374
	86
	0
	0
	10
	1,470
	1,460
	2,509
	4,262

	2030
	RPS + Gas
	0
	483
	483
	1,039
	2,658
	297
	51
	0
	35
	3,041
	2,955
	4,080
	4,563

	
	ISO Queue
	0
	1,702
	1,702
	1,039
	9,380
	3,492
	279
	70
	140
	13,361
	12,872
	14,400
	16,102

	
	Renew Plus
	0
	2,483
	2,483
	1,039
	2,661
	991
	63
	16
	31
	3,761
	3,652
	4,800
	7,283

	
	No Retire
	0
	483
	483
	1,039
	100
	208
	51
	0
	30
	388
	308
	1,427
	1,910

	
	ACP + Gas
	0
	483
	483
	1,039
	100
	208
	51
	0
	30
	388
	308
	1,427
	1,910

	
	RPS + Geo Renew
	0
	5,853
	5,853
	1,039
	4,359
	1,600
	130
	33
	77
	6,198
	5,959
	7,237
	13,090


Note: Additions include wind resources with I.3.9 approval. 
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[bookmark: _Toc497812770]Resource Retirements  
For all scenarios, the retirement of existing resources is in accordance with FCA #10 results. The following additional retirement assumptions were made consistent with the scenario resource assumptions:
· The oldest half (in terms of megawatt capacity) of the conventional oil- and coal-fired steam units retire by 2025 (including dual-fuel units).[footnoteRef:56] [56:  Dual-fuel capability is when a generator has the flexibility and storage capacity to use two types of fuel, typically oil and natural gas.] 

· The next oldest half of the conventional oil- and coal-fired steam units retire by 2030 (including dual-fuel units).
Figure 5‑5 shows the capacity assumptions for resource additions and retirements for all scenarios for the two study years. Table 5‑9 lists the assumed generating unit retirements. 
[image: ]
[bookmark: _Ref461380282][bookmark: _Toc497811991]Figure 5‑5: Retired and new NGCC capacity assumed for 2025 and 2030 (MW).
[bookmark: _Ref462295275][bookmark: _Toc497735261]Table 5‑9
Assumed Generating Unit Retirements
	Name(a)
	RSP
Subarea(b)
	Fuel
Type
	FCA #10 Summer
Capacity (MW)
	In-Service
Date
	Cumulative 
Capacity (MW)

	Schiller 4
	NH
	Coal
	48
	1952
	48

	Montville 5
	CT
	Oil
	81
	1954
	129

	Schiller 6
	NH
	Coal
	48
	1957
	176

	West Springfield 3
	WMA
	Dual
	94
	1957
	271

	Yarmouth 1
	SME
	Oil
	50
	1957
	321

	Middletown 2
	CT
	Oil
	117
	1958
	438

	Yarmouth 2
	SME
	Oil
	51
	1958
	489

	Merrimack 1
	NH
	Coal
	108
	1960
	597

	Middletown 3
	CT
	Oil
	234
	1964
	831

	Yarmouth 3
	SME
	Oil
	115
	1965
	945

	Bridgeport Harbor 3
	SWCT
	Coal
	383
	1968
	1,329

	Canal 1
	SEMA
	Oil
	547
	1968
	1,876

	Merrimack 2
	NH
	Coal
	330
	1968
	2,206

	Montville 6
	CT
	Oil
	405
	1971
	2,611

	Middletown 4
	CT
	Oil
	400
	1973
	3,011

	Newington 1
	NH
	Oil
	400
	1974
	3,411

	Mystic 7
	BOSTON
	Dual
	571
	1975
	3,982

	New Haven Harbor 1
	CT
	Oil
	448
	1975
	4,430

	Canal 2
	SEMA
	Oil
	545
	1976
	4,975

	Yarmouth 4
	SME
	Oil
	602
	1978
	5,577

	Total
	
	
	 
	 
	5,577


(a) 	Units with a light blue background are assumed to be retired by 2025 (2,611 MW). The rest of the units (2,966 MW) are retired by 2030.
(b) 	The RSP subareas above are as follows: BOSTON (all caps) covers Greater Boston, including the North Shore; CT is northern and eastern Connecticut; NH is northern, eastern, and central New Hampshire/eastern Vermont and southwestern Maine; SEMA is southeastern Massachusetts/Newport, Rhode Island; SME is southeastern Maine; SWCT is southwestern Connecticut; and WMA is western Massachusetts. 
[bookmark: _Ref483475763][bookmark: _Toc497812771]Renewable Portfolio Standards 
The NEPOOL request accounted for the growth of the regional goal for renewable resources, which includes renewable energy standards for Vermont and Renewable Portfolio Standards for the other five New England states. To make this estimation, the study first assumed all the states physically met their RPS targets with existing resources. The study then considered the RPS goals for new resources in each state as of April 1, 2016. The resultant percentages for new RPS requirements were applied to the net energy consumption of each state subject to RPS requirements (see Section 5.2), which consists of the gross energy demand minus the savings resulting from energy efficiency and BTM PV production.[footnoteRef:57] The sum of the state RPS goals resulted in a regional goal.  [57:  Municipal loads are not subject to RPS goals and were subtracted from the gross energy demand.] 

NEPOOL developed a prescriptive means of establishing resource assumptions for different types of renewable resources to determine the resource mix for each scenario.[footnoteRef:58] Base assumptions for all scenarios consisted of capacity factors for renewable resource additions, the forecast of non-behind-the-meter PV resources, and the addition of renewable projects under construction or with I.3.9 approvals as of April 1, 2016. Scenarios 4 and 5 assumed that alternative compliance payments would be used to meet any shortfalls in physically meeting the regional RPS for new resources (i.e., no new renewable resource additions). Scenario 1 sequentially added the interconnection request capability in the active ISO Interconnection Queue, which shows resource amounts and locations. Supplemental renewable generation met any additional shortfall, as needed, proportionally based on current locations of generation in the queue. Scenarios 2, 3, and 6 used assumptions based on stakeholder input shown to exceed the physical requirements of RPS goals for new resources.  [58:  Refer to the ISO New England, “Renewable Portfolio Standards Spreadsheet,” Excel file (posted May 16, 2016), http://www.iso-ne.com/static-assets/documents/2016/05/a3_2016_economic_study_scope_of_work_rps_spreadsheet.xlsx. This spreadsheet enables stakeholders to project the amount of energy LSEs will need annually to 2031 to meet the New England states’ RPSs. Users can also refer to the ISO's 2016 Capacity Energy Load and Transmission (CELT) Report and make their own assumptions based on how load growth or state policies on renewables and energy efficiency might affect the future RPS share of total energy demand. This spreadsheet provides results by state and by class of renewables extrapolated to 2031. All RPS projections are based on state RPSs in effect in New England as of April 1, 2016.] 

As discussed with the PAC, while the study assumed the uses of Renewable Energy Credits and alternative compliance payments, it did not account for the costs of these measures as part of the economic metrics.
[bookmark: _Toc497812772]Active Demand Resources 
The study simulated FCA #10 active demand resources dispatched to shave peak load. For Scenarios 1, 2, 4, 5, and 6, the annual peak remains the hour with the greatest need for triggering active demand resources to shave peak load. For Scenario 3, an additional 500 MW of active demand resources were added by 2025 and another 500 MW by 2030 of which 20% was assumed dispatchable, as shown in Table 5‑10. The table summarizes the active-demand-resource assumptions for capacity and energy.
[bookmark: _Ref462145896][bookmark: _Toc497735262]Table 5‑10
Active Demand Resource Assumptions for Capacity and Energy
	Parameter
	Scenarios 1, 2, 4, 5, and 6
	Scenario 3

	
	2025
	2030
	2025
	2030

	Capacity (MW)
	319
	319
	819
	1,319

	Energy (GWh)

Note: Some energy production is determined by dispatch price ($/MWh)

	1.6  GWh, dispatched to shave annual peak
	1.6 GWh, dispatched to shave annual peak
	FCA #10 results (319 MW) dispatched based on profile. Additional energy determined by GridView simulations using:

100 MW dispatched at $50/MWh; remainder at $500/MWh
	FCA #10 results (319 MW) dispatched based on profile. Additional energy determined by GridView simulations using:
 
200 MW dispatched at $50/MWh; remainder at $500/MWh



[bookmark: _Toc497812773]New England Hydroelectric Generation
The assumption for local New England hydro generation reflected the average annual energy production. A profile for dispatching the energy was developed to shift the energy generation to the higher load hours.
[bookmark: _Ref476903312][bookmark: _Toc497812774]Pumped Storage and Battery Storage
Energy storage (pumped storage and batteries) tend to levelize the load. Scenarios 1, 2, 4, 5, and 6 only use existing pumped-storage units, which were dispatched to equalize the daily high and low net loads. This treatment of pumped storage, assumed to have approximately 78% efficiency, was modeled similar to its treatment in other economic studies.  
Scenario 3 applies the same storage assumptions as Scenarios 1, 2, 4, 5, and 6 but adds battery storage totaling 1,200 MW in 2025 and 2,500 MW in 2030 with a goal to equalize daily high and low net loads. Battery storage was assumed to have approximately 90% efficiency and was placed in the New England Hub. Table 5‑11 shows the battery storage assumptions used for Scenario 3 for both study years.
[bookmark: _Ref462333940][bookmark: _Toc497735263]Table 5‑11
Scenario 3 Battery Storage Assumptions for 2025 and 2030
	Battery Storage
	2025
	2030

	Capacity (MW)
	1,200
	2,500

	Discharge time (hr)
	4
	4

	Recharge time (hr)
	1 to 4
	1 to 4

	Round-trip efficiency (%)
	90%
	90%



[bookmark: _Ref487203787][bookmark: _Toc497812775][bookmark: _Ref483919002]Transmission Interface Limits and Interchanges with Neighboring Systems 
This section summarizes the assumptions covering internal and external interfaces.
Internal Interfaces
The system’s internal transfer limits were used to constrain economic dispatch in the GridView program. The economic dispatch simulations reflected first-contingency (N-1) limits for the summer period. Table 5‑12 shows the assumptions for the internal interface transfer limits, which can constrain the flow of power between RSP bubbles. Figure 5‑6 depicts the transmission interface limits (MW) assumed in the models for interfaces internal to New England.
[bookmark: _Ref461610658][bookmark: _Toc497735264]Table 5‑12
Single-Value Internal Transmission-Interface Limits
for Use in RSP Subarea Models, for 2025 and 2030 (MW)
	Internal Interface
	MW

	Orrington South Export
	1,325

	Surowiec South
	1,500

	Maine–-New  Hampshire
	1,900

	Northern New England-Scobie + 394
	3,200

	North–South
	2,725

	East–West
	3,500

	West–East
	2,200

	Boston Import (N-1)
	5,700

	SEMA/RI Export
	3,400

	SEMA/RI Import (N-1)
	1,280

	Southeast New England Import (N-1)
	5,700

	Connecticut Import (N-1)
	3,400

	SW Connecticut Import (N-1)
	2,800


Source: ISO New England, Transmission Transfer Capabilities Update, PAC presentation (June 10, 2016), https://smd.iso-ne.com/operations-services/ceii/pac/2016/06/a3_transmission_transfer_capabilities_update.pdf.
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[bookmark: _Ref461610691][bookmark: _Ref461610675][bookmark: _Toc497811992]Figure 5‑6: Pipe and bubble representations of transmission interfaces in New England for 2025 and 2030 (MW). 
Notes: The Cross-Sound Cable (CSC) capacity import capability was assumed to provide no capacity (0 MW). For Scenario 3, Renewables Plus, the ties were modeled similar to Scenarios 1, 2, 4, 5, and 6 except that one new tie was added from Québec to WMA and one new tie was added from Québec to the Central Massachusetts/Northeast Massachusetts (CMA/NEMA) area with equal capability and energy. See Section 5.3.8.2. 
[bookmark: _Ref486261846]External Ties
The scenarios required information about the capacity imports assumed to determine the initial mix of resources. The assumptions for each scenario’s resource mix considered capacity imports with capacity supply obligations. Import capacity includes New York Power Authority imports under a long-term contract plus the average capacity supply obligations associated with New Brunswick, Highgate, and Phase II occurring during 2013, 2014, and 2015. Scenario 3 assumes additional import capacity of 1,500 MW in 2025 and 2,000 MW in 2030, respectively.
Energy imports over the existing ties with Canada were based on diurnal profiles for 2013, 2014, and 2015.[footnoteRef:59] The energy profiles for imports from Québec and the Maritimes for Scenarios 1, 2, 4, 5, and 6 were developed using a methodology similar to one used in previous Economic Studies.[footnoteRef:60] Because of the dispatch threshold price assumed, they would be able to set the clearing price only when natural-gas-fired combined-cycle generation was not needed.[footnoteRef:61] The threshold price for imports from New Brunswick was assumed to be $10/MWh, while imports from Québec were assumed to be $5/MWh. The study also assumed no interchange would occur across the Cross-Sound Cable or New York AC interconnections as a simplifying assumption that would accentuate results for New England resources and imports from Canada. [59:  The transfer capabilities for external ties exceed the values simulated in the GridView simulations. For example, Phase II has a transfer capability of up to 2,000 MW, but lower values were simulated in the economic dispatch.]  [60:  ISO New England, 2015 Economic Study— Evaluation of Increasing the Keene Road Export Limit (September 2, 2016),  https://www.iso-ne.com/static-assets/documents/2016/09/2015_economic_study_keene_road_increased_export_limits_fina.docx;  2015 Economic Study—Evaluation of Offshore Wind Deployment (September 2, 2016), https://www.iso-ne.com/static-assets/documents/2016/09/2015_economic_study_offshore_wind_development_final.docx; 2015 Economic Study— Strategic Transmission Analysis—Onshore Wind Integration (September 2, 2016), https://www.iso-ne.com/static-assets/documents/2016/09/2015_economic_study_onshore_wind_integration_final.docx.]  [61:  The threshold price for imports was not included in the production cost metric because imports were assumed to be price takers.] 

For Scenario 3, Renewables Plus, the energy imports from Québec and the Maritimes were modeled similar to Scenarios 1, 2, 4, 5, and 6, except that two new interconnections with Québec were added—one interconnecting to WMA and one interconnecting to CMA/NEMA. Both ties were assumed to have equal capacity contracts and energy-delivery assumptions. The two new interconnections totaled 1,500 MW in 2025 (750 MW in each location) and 2,000 MW in 2030 (1,000 MW in each location). To balance and smooth out the net load profile affected by renewables, the energy imports from external capacity resources over the new ties postulated in Scenario 3 used a profile that imported more energy when loads net of EE and other renewable resources (PV, wind, and hydro) were higher and less when the net loads were lower. 
Table 5‑13 shows the import-transfer capabilities, capacity imports, and energy imports used for 2025 and 2030 external interchanges with neighboring systems, including the two new ones from Québec assumed for Scenario 3. Based on the historical profiles, the maximum energy import values were allowed to exceed the capacity import values, but they never exceeded the import capability of the ties. 
[bookmark: _Ref462320501][bookmark: _Toc497735265]Table 5‑13
Assumed Interconnections with Neighboring Systems, Import Capabilities,
and Capacity Imports for 2025  and 2030 (MW)
	Interconnection 
	Import Capability
	Capacity Imports
	Energy Delivery

	
	2025
	2030
	2025
	2030
	

	Highgate 
	217(a) 
	217(a) 
	194 
	194 
	Historical profile 

	HQ Phase II 
	2,000(a) 
	2,000(a) 
	429 
	429 
	Historical profile 

	HQ-WMA 
	750 
	1,000 
	750 
	1,000
	Peak-shaving profile(b)

	HQ-CMA/NEMA 
	750 
	1,000 
	750 
	1,000
	Peak-shaving profile(b) 

	New Brunswick 
	1,000(a) 
	1,000(a) 
	300 
	300 
	Historical profile 

	New York AC 
	1,400(a) 
	1,400(a) 
	0 
	0 
	None 

	Cross-Sound Cable 
	330(a) 
	330(a) 
	0 
	0 
	None 


(a) 	The import capability for energy reflects the physical limitations of the ties. Although Phase II is physically designed to transfer 2,000 MW, its transfer limit is typically limited to approximately 1,500 MW under expected system conditions to respect the loss-of-source contingency limit of the New England system. Import capacity limits are typically a lower value than the import capabilities of external ties. 
(b) 	Energy was imported to reduce peaks of net load, which is after adjustment for EE, PHEV, PV, onshore and offshore wind, local hydro, and interchange over existing ties.
[bookmark: _Toc497812776]Fuel Prices
The assumed fuel prices for coal, oil, and natural gas were based on forecasts from the US Department of Energy (DOE), Energy Information Administration (EIA) 2016 Annual Energy Outlook (AEO) for New England.[footnoteRef:62] Figure 5‑7 shows the 2016 AEO reference cases in 2015 $/million British thermal units (2015 $/MMBtu). The use of the forecast means that more efficient coal-fired units would be dispatched before more expensive steam and combined-cycle units burning natural gas.  [62:  EIA, 2016 Annual Energy Outlook (2016), http://www.eia.gov/forecasts/aeo/index.cfm.] 
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[bookmark: _Ref461537126][bookmark: _Toc497811993]Figure 5‑7: Reference fuel-price forecasts for New England, 2025 and 2030
($/million British thermal units; MMBtu).
Similar to the seasonal variations used in the 2015 Economic Studies, natural gas prices were increased 10% over the nominal price in the winter and reduced 10% of the nominal price in the summer for 2025 and 2030. Figure 5‑8 shows the per-unit multipliers used on the forecasted monthly natural gas prices. Other fuels used the annual AEO forecast values. 
[image: ]
[bookmark: _Ref461533499][bookmark: _Toc497811994]Figure 5‑8: Per-unit multiplier for monthly natural gas price forecast assumptions for 2025 and 2030.
Table 5‑14 shows the fuel price forecasts for New England for 2025 and 2030 used in this analysis.
[bookmark: _Ref461435234][bookmark: _Toc497735266]Table 5‑14
Nominal Fuel Price Forecast for New England, 2025 and 2030 ($/MMBtu)
	Fuel
	2025
	2030

	Distillate fuel oil
	20.749
	22.995

	Residual fuel oil
	13.149
	14.923

	Natural gas
	5.390
	5.874

	Steam coal
	2.721
	2.799



[bookmark: _Ref483919087][bookmark: _Toc497812777]Threshold Prices
Several price-taking resources were assumed to have $0/MWh production costs, including PV resources, onshore and offshore wind, local New England hydro, imports over the existing ties and imports over new ties with Canada. Threshold prices were assumed for price-taking resources to economically reduce their production during hours when total production would otherwise exceed the systemwide hourly demand (i.e., the resources would be spilled), or flows would otherwise exceed transmission interface limits in the constrained cases (i.e., the transmission limits bottled resource production). Threshold prices reduce the output of resources; they can set LMPs and are not reflected in the production costs. Table 5‑15 shows the assumed threshold prices. The assumed order of threshold prices for different energy sources reflects one possible hierarchy that may not be indicative of future agreements. For example, in the future, wind may be curtailed before local New England hydro, suggesting that resources with no production costs would have different threshold prices.  
[bookmark: _Ref480800494][bookmark: _Toc497735267]Table 5‑15
Assumed Threshold Prices for Price-Taking Resources
	Price-Taking Resource
	Threshold Price ($/MWh)

	Photovoltaics
	1.00

	Onshore and offshore wind
	4.00

	Imports over the new ties modeled in Scenario 3
	10.50

	Imports from New Brunswick
	10.00

	Imports from Québec over Highgate and Phase II ties
	5.00

	Local New England hydro
	4.50



[bookmark: _Toc497812778]Environmental Emissions Allowance Assumptions
The study used air emission allowance prices for nitrogen oxides, sulfur dioxide, and carbon dioxide, which affect the economic dispatch price for fossil-burning generation units. Table 5‑16 shows the assumed air emission allowance prices for 2025 and 2030 used in the study.
[bookmark: _Ref486340651][bookmark: _Ref461546293][bookmark: _Toc497735268]Table 5‑16
Air Emission Allowance Prices for 2025 and 2030 ($/short ton)
	Emission
	2025
	2030

	Nitrogen oxides
	18.87
	6.18

	Sulfur dioxide
	18.87
	6.18

	Carbon dioxide
	19.00
	24.00



The future emission allowance prices for nitrogen oxides and sulfur dioxide were based on work by the New York ISO.[footnoteRef:63] The CO2 prices were also based on a study by New York ISO.[footnoteRef:64] Although carbon prices apply to generating units greater than 25 MW (in accordance with RGGI), carbon allowance prices were assumed for all generating units consistent with discussions held with the PAC.  [63:  New York ISO, 2015 Congestion Assessment and Resource Integration Study (CARIS), emission allowance prices (March 20, 2015).]  [64:  New York ISO, “2016 CARIS 2 Input Data Summary,” Phase 2 Base Case fuel and emission prices spreadsheet (July 14, 2016), http://www.nyiso.com/public/webdocs/markets_operations/services/planning/Planning_Studies/Economic_Planning_Studies_(CARIS)/CARIS_Input_Assumptions/2016%20CARIS%202%20Input%20Data%20Summary.xls.] 

[bookmark: _Ref476824574][bookmark: _Toc497812779]Annual Carrying Charges
Annual carrying charges represent the annual revenue a facility must receive to cover its annual fixed costs and remain economically viable.[footnoteRef:65] This study applied annual carrying charges for new resources and transmission expansion. The values presented reflect input from the PAC.   [65: 
] 

[bookmark: _Ref480804991][bookmark: _Toc497812780]Annual Carrying Charges for New Resources
Although resource costs can vary significantly, generic capital costs for new resources can illustrate the differences among the scenarios. Generic overnight capital costs, also called overnight construction costs, were assumed for new resources based on US Energy Information Administration information. The costs assume construction occurring at a single point in time and reflect several details, including materials, equipment, and labor for all process facilities, fuel handling and storage, water intake structure and wastewater treatment, offices, maintenance shops, warehouses, and step-up transformer and transmission interconnection. While the estimates adjust for regional differences in costs, they do not include owners’ costs and interest expenses during construction (often referred to as “allowance for funds used during construction;” AFUDC). The total dollar costs are order-of-magnitude estimates in that the actual individual interconnection costs could vary widely from the values provided in this report.
The annual carrying charge rate of 15% was applied to the generic overnight capital costs of new resources to determine the annual fixed costs of new resources. Table 5‑17 shows the generic overnight capital costs and annual carrying charges assumed for new resources in New England. 
[bookmark: _Ref476756458][bookmark: _Toc497735269]Table 5‑17
Assumed Total Overnight Generator Costs and Typical Annual Carrying Charges for New Resources (MW, $/kW)
	Technology Type
	Typical Plant Size (MW)
	Generic  Total Overnight Plant Costs (2015 $/kW)(a)
	New England- Specific Total Overnight Plant Costs (2015 $/kW)(a)
	Typical Annual Carrying Charges for New-England-Specific Resources using 15% ($/kW-year)

	Solar Photovoltaic(b)
	150
	2,362
	2,559
	384

	Conventional CC
	702
	911
	1,062
	159

	Conventional CT
	100
	1,026
	1,119
	168

	Offshore Wind
	400
	4,605
	6,496
	974

	Onshore Wind
	100
	1,536
	2,465
	370


(a) 	The lower cost is the Overnight Plant Cost, and the higher cost is the New-England-Specific Total Overnight Cost, which includes a project Contingency Factor, a Technological Optimism Factor, and locational adjustments. The American Association of Cost Engineers defines a Contingency Factor allowance as the specific provision for unforeseeable cost elements within a defined project scope, particularly important when experience has shown the likelihood that unforeseeable events that increase costs will occur. The Technological Optimism Factor is applied to the first four units of a new, unproven design, reflecting the demonstrated tendency to underestimate actual costs for a first-of-a-kind unit. These costs represent new projects initiated in 2015.
(b) 	Net MWe AC Power.
In addition to the resources costs shown in Table 5‑17, Scenario 3 assumptions required the development of annual carrying charges for batteries and energy efficiency. A 15% annual charge rate was applied to assumed battery costs of $1,000/kW, or equivalently $150/kW-year. The annual carrying charges for energy efficiency were $431.64/kW-year based on levelized capital costs provided by Concentric Energy Advisors.[footnoteRef:66]  [66:  Concentric Energy Advisors determined the levelized cost of EE as $35.97/kW-month. The annual carrying charge of EE = $431.64/kW-year from $35.97/kW-month × 12. Refer to the presentation, ISO-NE CONE and ORTP Analysis (September 13, 2016), https://view.officeapps.live.com/op/view.aspx?src=https%3A%2F%2Fwww.iso-ne.com%2Fstatic-assets%2Fdocuments%2F2016%2F09%2Fa7_cone_ortp_concentric_energy_advisors.pptx.   ] 

[bookmark: _Toc497812781]Transmission Development Costs
The ISO developed preliminary high-order-of-magnitude transmission-development costs to integrate renewable resources in New England based on judgement and generic costs. The cost analysis does not develop specific transmission-expansion plans but rather provides a means of comparing the transmission-development costs across scenarios. 
The transmission development cost estimates include costs that would be incurred beyond individual plant-development costs, which are assumed as part of the capital costs of generation development (see Section 5.7.1). They do not account for the costs to interconnect individual plants, which are also accounted for as part of the generation-development costs, or the costs associated with addressing operational issues caused by the development of large-scale inverter-based resources, especially during off-peak load periods. Transmission-development costs do not explicitly include the costs for some ancillary devices required to successfully integrate the high penetration of converter-based resources, such as special controls on bulk power system and HVDC power electronic devices and system protection upgrades.[footnoteRef:67] Total transmission-development costs, however, include some costs for high inertia synchronous condensers and a margin to account for cost overruns and other unknown costs not specifically estimated.  [67:  The large-scale integration of inverter-based resources and transmission devices would require much greater use of special controls on central station and distributed resources, system-protection upgrades, and other system improvements not fully considered in this study.] 

Figure 5‑9 shows the first two components of transmission upgrades needed to integrate renewable resources. Figure 5‑9-A shows the plant collector system, which is accounted for as part of the plant-development costs, ties individual wind turbine generators or photovoltaic generators to the collector system station. These components may include generator step-up transformers, collector strings, collector substation, collector step-up transformer, and supplemental static and dynamic reactive devices. The interconnection system is the transmission system that ties the collector system station to the point of interconnection (POI). It may include the high-voltage AC generator lead, high-voltage substation, and supplemental static and dynamic reactive devices. Explicit costs for the interconnection system were not developed because this would require detailed analysis of individual interconnections. However, some generic interconnection costs are included as part of the annual carrying charges for new resources. The transmission cost metric thus provides a metric suitable for comparing the various scenarios.  
	[image: ]A. The plant collector system and
the interconnection system.
	[image: ]

B. The integrator system.


[bookmark: _Ref476826164][bookmark: _Toc497811995]Figure 5‑9 (A and B): The first two components of transmission upgrades potentially needed to integrate renewable resources.
Notes: A (on the left) shows the plant collector system and the interconnection system. Their order-of-magnitude cost estimates are included as part of the plant-development costs. B (on the right) shows the integrator system. The integrator system order-of-magnitude costs are included as part of the order-of-magnitude transmission costs summarized in this section.
Figure 5‑9-B shows the integrator system that ties the POIs to the main portion of the bulk power system. It can be thought of as a means of clustering several interconnections, which can facilitate the ability of renewable resources to interconnect to the system.[footnoteRef:68] The integrator system may include new high-voltage AC or DC lines and converter stations and supplemental static and dynamic reactive devices. When technically possible, the benefit of having an integrator system is that, by tying the new renewable resources to the existing bulk power system, the new resources can make use of any marginal capability on the existing bulk power system. Consistent with the way resources are interconnected to the system under the New England minimum interconnection process, the sizing of the integrator is based on the nameplate amount of megawatts being “integrated.”  [68:  The integrator system is conceptually similar to the type of upgrades considered in the ongoing 2016 Maine Resource Integration Study. See ISO New England, 2016 Maine Resource Integration Study—Status Update, PAC presentation (February 9, 2017), https://smd.iso-ne.com/operations-services/ceii/pac/2017/02/a6_maine_resource_integration_study.pdf and 2016 Maine Resource Integration Study—Steady-State Results, PAC presentation (September 21, 2016), https://smd.iso-ne.com/operations-services/ceii/pac/2016/09/a3_maine_resource_integration_study.pdf.] 

However, under scenarios with extremely large additions of renewable resources, an integrator system most likely would be insufficient for integrating all the additional megawatts to the bulk power system without large amounts of transmission upgrades on the existing bulk power system. In such cases, bypassing the integrator system and relying exclusively on the congestion-relief system was assumed to be the most cost-effective way to integrate extremely large additions of renewable resources. For the scenarios that considered an integrator system, the cost estimates for the system were based on engineering judgment, accounting for the general locations of wind plants. Table 5‑18 shows the assumptions for the integrator systems. The integrator systems were assumed to be in service by 2025 in anticipation of the assumed amounts of wind resources for 2030. 
[bookmark: _Ref476829600][bookmark: _Toc497735270]Table 5‑18
Integrator System Assumptions
	
	 Scenario 1
RPSs + Gas
	Scenario 2
ISO Queue
	Scenario 3
Renewables Plus
	Scenario 4
No Retirements beyond FCA #10
	Scenario 5
ACPs + Gas
	Scenario 6
RPSs + Geodiverse Renewables

	2030 Maine nameplate wind injection (MW)
	2,955 MW
	12,872 MW
	3,652 MW
	308 MW
	308 MW
	5,959 MW

	Integrator system (description)
	1 AC parallel or 2 AC parallel 345 kilovolt (kV) paths
	Bypassed—assumed exclusive reliance on congestion-relief system
	1 AC parallel or 2 AC parallel 345 kV paths
	Not needed
	Not needed
	Bypassed—assumed exclusive reliance on congestion-relief system

	Integrator system cost ($ billion)
	$1.5 to $3.0
	---
	$1.5 to $3.0
	---
	---
	---

	Integrator system cost + 50% margin
($ billion)
	$2.25 to $4.5
	---
	$2.25 to $4.5
	---
	---
	---


Notes: Differences in the integrator system high-order-of-magnitude costs between Scenarios 1 and 3 may be nonexistent because the physical injections of wind resources are approximately the same in both scenarios. More detailed transmission planning and design studies would be required to further refine these cost estimates.
Figure 5‑10 shows the congestion-relief systems for wind development in Maine. The congestion-relief systems remove 100% of the transmission congestion that otherwise would prevent full energy production from the renewable resources during the summer and the winter peak hours. It also removes most of the congestion at all hours of the year. The basis for developing high-order-of-magnitude costs assumes high-voltage direct-current (HVDC) facilities tying the integrator system to Millbury, MA. This is equivalent to connecting renewable plants directly to the Hub for scenarios with extremely large additions of renewable resources. 
[image: ][image: ]
[bookmark: _Ref485891390][bookmark: _Toc497811996]Figure 5‑10: The congestion-relief system. 
In each scenario, the congestion-relief needed for wind development in Maine was first based on the difference in simultaneous interface flows between the constrained and unconstrained scenarios during the summer and winter peak hours. The ISO then examined the highest simultaneous congestion-relief need across all northern interfaces and used it to size the congestion-relief system. Finally, the congestion-relief need was compared with the highest flow on each individual interface (non-simultaneous flow) over all hours of the year to ensure that the congestion-relief system would be adequate over most hours of the year. Table 5‑19 shows the congestion-relief transmission capacity assumed for the scenarios. For the unconstrained cases, the congestion-relief systems were assumed in service by 2025 in anticipation of the assumed amounts of wind resources for 2030.
[bookmark: _Ref476831138][bookmark: _Toc497735271]Table 5‑19
Congestion-Relief Transmission Capacity Assumed for the Scenarios (MW)
	
	 Scenario 1
RPSs + Gas
	Scenario 2
ISO Queue
	Scenario 3
Renewables Plus
	Scenario 4
No Retirements beyond FCA #10
	Scenario 5
ACPs + Gas
	Scenario 6
RPSs + Geodiverse Renewables

	2030 Maine nameplate wind injection (MW)
	2,955
	12,872
	3,652
	308
	308
	5,959

	Needed congestion- relief capacity (MW)
	1,471
	9,043
	1,839
	None
	None
	3,596



A number of high-level assumptions were made with regard to the design and cost of the congestion-relief system. The system was assumed to be composed primarily of an HVDC portion (parallel HVDC ties) and also include AC ancillary upgrades. Table 5‑20 shows the detailed components of the main DC portion and AC ancillary upgrades, the assumed cost of each component, and the aggregated totals in each scenario.
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[bookmark: _Ref480807975][bookmark: _Toc497735272]Table 5‑20
Detailed Congestion-Relief System Components and Their Assumed Costs for Scenarios 1, 2, 3, and 6
	Congestion-Relief System
	Scenario 1
RPSs + Gas
	Scenario 2
ISO Queue
	Scenario 3
Renewables Plus
	Scenario 6
RPSs + Geodiverse Renewables

	
	1,471 MW
(2 HVDC Ties)
	9,043 MW
(8 HVDC Ties)
	1,839 MW
(2 HVDC Ties)
	3,596 MW
(3 HVDC Ties)

	Equipment
	$ per unit
	Quantities
	Total $
(Billions)
	Quantities
	Total $
(Billions)
	Quantities
	Total $
(billions)
	Quantities
	Total $
(Billions)

	DC portion

	HVDC overhead lines
	$3.5 million/
mi
	2 × 200 = 400 mi.
	$1.40
	(5 × 400) + (3 × 300) = 
2,900 mi.
	$10.15
	2 × 200 = 400 mi.
	$1.40
	(2 × 400) + ( 1 × 300) = 
1,100 mi.
	$3.85

	Converters
	$300 million/
converter
	4
	$1.20
	16
	$4.80
	4
	$1.20
	6
	$1.80

	Misc. DC additional equipment
	$200 million/tie
	2
	$0.40
	8
	$1.60
	2
	$0.40
	3
	$0.60

	Total DC portion
	
	
	$3.00
	
	$16.55
	
	$3.00
	
	$6.25

	AC portion

	Sending end—
reactive devices
	$0.25 million/MVAR
	(included in integrator system)
	--
	Approx. 1/3 × 9,000 = 
3,000 MVAR
	$0.75
	(included in integrator system)
	--
	Approx. 1/3 × 3,600 = 
1,200 MVAR
	$0.30

	Sending end—
AC terminations
	$10 million/
terminal expansion
(assumed two terminal expansions per tie)
	2 x 2 = 4
	$0.04
	--
	--
	2 x 2 = 4
	$0.04
	--
	--

	Sending end— 
New AC substations
	$40 million/AC substation
	(included in integrator system)
	--
	8
(to connect POI to converter station at each tie)
	$0.32
	(included in integrator system)
	--
	3
 (to connect POI to converter station at each tie)
	$0.12

	Receiving end—reactive devices
	$0.25 million/MVAR
	Approx. 1/3 × 1,500 = 500 MVAR
	$0.13
	Approx. 1/3 × 9,000 = 
3,000 MVAR
	$0.75
	Approx. 1/3 × 1,800 = 600 MVAR
	$0.15
	Approx. 1/3 × 3,600 = 
1,200 MVAR
	$0.30

	Receiving end—
AC terminations
	$10 million/
terminal expansion
(assumed two terminal expansions per tie)
	2 × 2 = 4
	$0.04
	8 × 2 = 16
	$0.16
	2 × 2 = 4
	$0.04
	3 x 2 = 6
	$0.06

	Receiving end—additional upgrades on AC network
	Assumed generic cost for each scenario
	--
	$0.50
	--
	$1.50
	--
	$0.50
	--
	$1.00

	Total AC portion
	
	
	$0.71
	
	$3.48
	
	$0.73
	
	$1.78

	AC and DC portions: $B

	Total—
Congestion-relief system
	
	
	$3.71
	
	$20.03
	
	$3.73
	
	$8.03

	Total cost + 50% margin
	
	
	$5.57
	
	$30.05
	
	$5.60
	
	$12.05
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[bookmark: _Ref483556968][bookmark: _Ref483557546][bookmark: _Toc497812782]High-Order-of-Magnitude Cost Estimates for Integrating Renewable Resources
High-order-of-magnitude cost estimates for integrator and congestion-relief systems formed the basis of the transmission-development costs for the individual scenarios. Because the costs are not transmission plans, and the cost estimates are rough, margins were then applied to account for additional costs, recognizing that actual costs would likely be considerably higher. Also, the margin represents costs of actual transmission plans that would likely require several additional transmission system improvements. Finally, an annual carrying charge rate of 15% was applied to all the high-order-of-magnitude transmission-development costs to integrate renewable resources. 
Table 5‑21 summarizes the high-order-of-magnitude transmission-development costs assumed for integrating renewable resources under all scenarios. The costs summarized in the table could be off by several billion dollars, but they provide a framework for stakeholder discussions. They show the relatively high transmission costs associated with the large-scale development of onshore wind resources in Maine compared with other scenarios. The low-order-of-magnitude transmission costs for the offshore wind development assumed carefully planned points of interconnection split among Connecticut, Rhode Island, and southeastern Massachusetts that would eliminate the need for any integrator or congestion-relief systems. These points of interconnection are assumed as part of the offshore wind total overnight generator costs and annual carrying charges.[footnoteRef:69]   [69:  Although the costs to develop offshore wind resources may be less than the assumed overnight generator costs used in this study, “new technology costs” were used to capture additional costs associated with optimally interconnecting the offshore wind to Millstone, Montville, Brayton Point, Canal, and Pilgrim, which would eliminate the need for a congestion-relief system in SEMA/RI.] 

[bookmark: _Ref483496696][bookmark: _Toc497735273]Table 5‑21
Summary of High-Order-of-Magnitude Costs to Integrate Renewable Resources under All Scenarios
	
	 Scenario 1
RPSs + Gas(a, b)
	Scenario 2
ISO Queue(b, c) 
	Scenario 3
Renewables Plus(a, b,  c)
	Scenario 4
No Retirements beyond FCA #10
	Scenario 5
ACPs + Gas
	Scenario 6
RPSs + Geodiverse Renewables(b, c)

	2030 Maine nameplate wind injection (MW)
	2,955
	12,872
	3,652
	308
	308
	5,959

	Needed congestion-relief capacity (MW)
	1,471
	9,043
	1,839
	---
	---
	3,596

	Integrator system (description)
	1 AC parallel 345 kV path
	---
	2 AC parallel 345 kV paths
	---
	---
	---

	Integrator system cost ($ billion)
	$1.50 to $3.00
	---
	$1.50 to $3.00
	---
	---
	---

	Integrator system cost + 50% margin
($ billion)
	$2.25 to $4.50
	---
	$2.25 to $4.50
	---
	---
	---

	Congestion-relief system (description)
	Connecting Larrabee 345 kV to the Hub
	Connecting POIs directly to the Hub
	Connecting Larrabee 345 kV to the Hub
	---
	---
	Connecting POIs directly to the Hub

	Congestion-relief system cost
($ billion)
	$3.71
	$20.03
	$3.73
	---
	---
	$8.03

	Congestion-relief system cost + 50% margin
($ billion)
	$5.57
	$30.05
	$5.60
	---
	---
	$12.05

	Total cost 
+ 50% margin 
($ billions)
	$7.82 to $10.07
	$30.05
	$7.85 to $10.10
	---
	---
	$12.05


 (a) 	With the assumption made, the differences in the costs of the integrator systems for Scenarios 1 and 3 exclusively drive the differences in the costs between these two scenarios. Because Scenario 1 and the Scenario 3 injections are not drastically different, more-similar upgrades for both scenarios are possible, resulting in a similar total price. A more refined transmission design would be needed to further refine these estimates.
(b) 	Because of the absence of an integrator system for wind development in Maine for Scenarios 2 and 6, the method used to size of the congestion-relief system may have resulted in a slightly undersized system (i.e., the method assumed the full use of the existing system transmission capability, which may not be possible without an integrator system). The resulting estimates for Scenarios 2 and 6 may be slightly optimistic compared with those for Scenarios 1 and 3. 
(c)  Interconnection points for the SEMA/RI offshore wind additions would avoid the need for associated congestion-relief transmission upgrades but could require the addition of long POI HVDC interconnections, the cost of which was assumed as part of the offshore wind annual carrying charges. 
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[bookmark: _Toc162779961][bookmark: _Toc163032830][bookmark: _Toc163032957][bookmark: _Toc162779963][bookmark: _Toc163032832][bookmark: _Toc163032959][bookmark: _Toc162779965][bookmark: _Toc163032834][bookmark: _Toc163032961][bookmark: _Toc162779967][bookmark: _Toc163032836][bookmark: _Toc163032963][bookmark: _Toc162779969][bookmark: _Toc163032838][bookmark: _Toc163032965][bookmark: _Toc162779970][bookmark: _Toc163032839][bookmark: _Toc163032966][bookmark: _Toc162779971][bookmark: _Toc163032840][bookmark: _Toc163032967][bookmark: _Toc162779975][bookmark: _Toc163032844][bookmark: _Toc163032971][bookmark: _Toc162779976][bookmark: _Toc163032845][bookmark: _Toc163032972][bookmark: _Toc162779977][bookmark: _Toc163032846][bookmark: _Toc163032973][bookmark: _Toc162779978][bookmark: _Toc163032847][bookmark: _Toc163032974][bookmark: _Toc162779979][bookmark: _Toc163032848][bookmark: _Toc163032975][bookmark: _Toc162779980][bookmark: _Toc163032849][bookmark: _Toc163032976][bookmark: _Toc162779981][bookmark: _Toc163032850][bookmark: _Toc163032977][bookmark: _Toc162779982][bookmark: _Toc163032851][bookmark: _Toc163032978][bookmark: _Toc162779983][bookmark: _Toc163032852][bookmark: _Toc163032979][bookmark: _Toc162779984][bookmark: _Toc163032853][bookmark: _Toc163032980][bookmark: _Toc162779985][bookmark: _Toc163032854][bookmark: _Toc163032981][bookmark: _Toc162779986][bookmark: _Toc163032855][bookmark: _Toc163032982][bookmark: _Toc162779987][bookmark: _Toc163032856][bookmark: _Toc163032983][bookmark: _Toc162779989][bookmark: _Toc163032858][bookmark: _Toc163032985][bookmark: _Ref166224567][bookmark: _Toc173682303][bookmark: _Toc497812783]
Results and Observations
This section summarizes and compares some of the key results for each scenario’s set of assumptions and year of study in constrained and unconstrained conditions.[footnoteRef:70] The results of the metrics studied provide information about how different public policies and subsequent mix of resources could affect overall system and consumer costs, system reliability, generator capacity and fuel use, the environment, and transmission expansion. Detailed and summary tables and charts showing additional results and comparisons are available on the ISO’s website.[footnoteRef:71] The ISO encourages interested parties to compare the results for the different scenarios and reach their own conclusions about the various outcomes. [70:  See ISO New England, 2016 Economic Studies Draft Results—Part II and 2016 Economic Studies Draft Results—Part II Appendix, PAC presentations (September 21, 2016), https://iso-ne.com/static-assets/documents/2016/09/a6_2016_economic_study_draft_results_part_2.pdf and https://iso-ne.com/static-assets/documents/2016/09/a7_2016_economic_study_part_2_appendix.pdf. Also, 2016 Economic Studies Draft Results—Executive Summary (and Next Steps) and 2016 Economic Studies Draft Results, PAC presentations (August 17, 2016), https://www.iso-ne.com/static-assets/documents/2016/08/a6_2016_economic_study_draft_results.pdf and https://www.iso-ne.com/static-assets/documents/2016/08/a6_2016_economic_study_draft_results_appendix.pdf.]  [71:  See the results posted on September 16, October 14 and 25, and December12, 2016, at https://www.iso-ne.com/committees/planning/planning-advisory/?document-type=Economic Studies.] 

[bookmark: _Toc497812784]Economic Results
This section discusses several main results from the production cost simulations, which are driven by the assumptions for resource additions and retirements, costs of fuels and emissions, the growth of net demand, and high-order-of-magnitude transmission-development costs used to integrate renewable wind resources and relieve system congestion. The results for 2030 are emphasized because the differences among the six scenarios are more evident. 
[bookmark: _Toc497812785]Total Energy Production by Resource (Fuel) Type, Including Imports
Examination of the metric for total systemwide energy production by resource (fuel) type explains many of the differences in the overall results. Figure 6‑1 and Figure 6‑2 present the results for 2025 and 2030 (in terawatt-hours; TWh), showing consistency with the study’s assumptions for both study years. Table 6‑1 shows the data behind these figures.
[image: ]
[bookmark: _Ref480813490][bookmark: _Toc497811997]Figure 6‑1: Total systemwide production by fuel type for each scenario, 2025 (TWh).
[image: ]
[bookmark: _Ref485894979][bookmark: _Toc497811998]Figure 6‑2: Total systemwide production by fuel type for each scenario, 2030 (TWh).

[bookmark: _Ref483824785][bookmark: _Toc497735274]Table 6‑1
Total Systemwide Production by Fuel Type for Each Scenario, 2025 and 2030 (TWh)
	Transmission and Year
	Scenario
	Coal
	NG
	Oil
	Wood
	EE/DR
	Nuc
	PV
	Misc
	Wind
	Hydro
	Imports
	EV

	2025 Constrained

	RPS + Gas
	0.19
	54.65
	0.00
	4.54
	24.58
	27.26
	4.59
	3.12
	11.72
	3.92
	16.15
	0.00

	
	ISO Queue
	0.13
	52.29
	0.01
	4.24
	24.58
	27.26
	5.26
	2.99
	14.82
	3.68
	15.45
	0.00

	
	Renew Plus
	0.11
	31.04
	0.00
	4.26
	37.21
	27.26
	10.70
	2.67
	17.56
	3.87
	23.81
	−7.45

	
	No Retire
	5.06
	53.55
	0.01
	4.93
	24.58
	27.26
	4.59
	3.13
	6.49
	3.98
	17.16
	0.00

	
	ACP + Gas
	0.18
	58.33
	0.00
	4.94
	24.58
	27.26
	4.59
	3.21
	6.49
	3.98
	17.17
	0.00

	
	RPS + Geo Renew
	0.18
	48.68
	0.00
	4.57
	24.58
	27.26
	6.54
	2.93
	15.52
	3.96
	16.49
	0.00

	2030 Constrained
	RPS + Gas
	0.15
	58.73
	0.00
	4.48
	25.86
	27.26
	5.49
	3.29
	13.19
	3.89
	15.72
	0.00

	
	ISO Queue
	0.04
	46.86
	0.00
	3.64
	25.86
	27.26
	8.32
	2.95
	25.73
	3.34
	13.94
	0.00

	
	Renew Plus
	0.05
	17.04
	0.00
	3.50
	54.08
	27.24
	16.03
	2.26
	22.43
	3.68
	24.83
	−12.52

	
	No Retire
	5.23
	58.32
	0.01
	4.93
	25.86
	27.26
	5.49
	3.30
	6.49
	3.98
	17.16
	0.00

	
	ACP + Gas
	0.15
	63.33
	0.00
	4.94
	25.86
	27.26
	5.49
	3.37
	6.49
	3.98
	17.17
	0.00

	
	RPS + Geo Renew
	0.05
	28.77
	0.00
	3.00
	25.86
	27.26
	13.72
	2.05
	41.65
	3.50
	12.09
	0.00

	2025 Unconstrained

	RPS + Gas
	0.19
	52.82
	0.00
	4.98
	24.58
	27.26
	4.59
	3.06
	12.12
	3.98
	17.14
	0.00

	
	ISO Queue
	0.19
	47.99
	0.00
	4.78
	24.58
	27.26
	5.26
	2.88
	16.79
	3.98
	16.99
	0.00

	
	Renew Plus
	0.12
	27.91
	0.00
	4.59
	37.19
	27.26
	10.70
	2.58
	19.08
	3.98
	25.07
	−7.45

	
	No Retire
	5.05
	53.47
	0.01
	5.02
	24.58
	27.26
	4.59
	3.11
	6.49
	3.98
	17.17
	0.00

	
	ACP + Gas
	0.18
	58.22
	0.00
	5.04
	24.58
	27.26
	4.59
	3.22
	6.49
	3.98
	17.17
	0.00

	
	RPS + Geo Renew
	0.18
	47.77
	0.00
	4.86
	24.58
	27.26
	6.54
	2.89
	15.58
	3.99
	17.07
	0.00

	2030 Unconstrained
	RPS + Gas
	0.15
	55.16
	0.00
	5.02
	25.86
	27.26
	5.49
	3.28
	14.68
	3.98
	17.16
	0.00

	
	ISO Queue
	0.09
	27.31
	0.00
	3.19
	25.86
	27.26
	8.32
	1.87
	48.04
	3.76
	12.24
	0.00

	
	Renew Plus
	0.07
	14.16
	0.00
	3.70
	53.98
	27.24
	16.03
	2.05
	24.36
	3.95
	25.60
	−12.52

	
	No Retire
	5.21
	58.24
	0.01
	5.03
	25.86
	27.26
	5.49
	3.30
	6.49
	3.98
	17.17
	0.00

	
	ACP + Gas
	0.15
	63.24
	0.00
	5.04
	25.86
	27.26
	5.49
	3.36
	6.49
	3.98
	17.17
	0.00

	
	RPS + Geo Renew
	0.08
	23.83
	0.00
	3.08
	25.86
	27.26
	13.72
	1.70
	46.65
	3.73
	12.03
	0.00



Some observations of these results are as follows:
· The amount of resources assumed for each scenario is more than adequate to meet the systemwide energy requirements, even when transmission constraints are modeled.         
· For Scenario 3, although the addition of the nighttime-charged electric vehicles and battery systems and the greater use of the pumped-storage generation plants increased total energy production for a given year compared with the other scenarios, storage flattened the net demand profile (see Sections 5.2.3 and 5.3.7).
· For a given year, the differences in production by price-taking resources simulated as $0/MWh are readily apparent: Scenarios 4 and 5 have the least amount of wind energy, and Scenarios 1, 2, 3, and 6 show much larger amounts of wind energy production. The metric also shows higher imports and higher EE and PV production for Scenario 3 than for the other cases. 
· A comparison of unconstrained and constrained scenarios shows the effect of resource development in different locations, which are part of the scenario assumptions: 
· New resources in Scenarios 4 and 5 develop predominantly near the load centers in southern New England. These scenarios have virtually no congestion, as shown by the same generation for both the constrained and unconstrained cases, which also suggests the electrical advantages of developing resources in southern New England. 
· The expansion of onshore wind resources are predominantly in northern Maine in both the constrained and unconstrained cases. Modest amounts of onshore wind expansion, such as in Scenario 1 for 2025, result in considerably less congestion than scenarios with the large-scale development of wind resources in northern New England. For example, Scenario 2 for 2030 shows a much higher wind production for the unconstrained case but much higher natural-gas-fired generation production in the constrained case because the Maine interfaces are “bottling” renewable generation in northern New England. 
· Scenario 6 has more production by offshore wind resources and central-station PV in southern New England, which results in less congestion than Scenario 2 in the constrained case. Similarly, Scenario 6 has more congestion than Scenario 3, which has more resource development near load in southern New England.
Table 6-2 shows aggregate fuel-specific capacity factors for New England resources.[footnoteRef:72] A comparison of energy production shown in Table 6-1 (in TWh) with the capacity factors shown in Table 6-2 illustrates the following:   [72:  Additional capacity-factor details are included in 2016 Economic Studies Draft Results—Part II, PAC presentation, slides 21–35 (September 21, 2016), https://www.iso-ne.com/static-assets/documents/2016/09/a6_2016_economic_study_draft_results_part_2.pdf.] 

· The capacity factor for oil-fired generation is approximately 0.0% across all cases.
· The production by coal-fired generation in Scenario 4 is relatively constant at 60% in all the “No Retire” scenarios (for 2025 and 2030 for both the constrained and unconstrained cases). This is a consequence of the assumptions for fuel costs and environmental emissions, which make the remaining coal-fired generation competitive with typical gas-fired generators. 
· The fleet average capacity factors for natural-gas-fired generation ranges from a high of 37% in Scenario 4 in 2030 to a low of 10% in Scenario 3 for 2030. The capacity factors of individual natural gas-fired generators can vary widely as a result of differences in their heat rates. 
· Nuclear generators are base loaded across all scenarios with a 97% capacity factor consistent with their dispatch assumptions. 
· The addition of renewable resources decreases the annual capacity factor of fossil units. The capacity factors decrease further when transmission constraints are assumed relieved.
· The presence of transmission constraints reduces the aggregate capacity factor of wind resources in New England. Reductions between 1% and 5% compared with the unconstrained cases are observed for the RPS + Gas, ISO Queue, and Renewables Plus scenarios in 2025. By 2030, the effect of the transmission constraints is larger and ranges between 4% and 18% for these scenarios.
[bookmark: _Ref476910628][bookmark: _Toc497735275]Table 6‑2
Annual Energy Production (TWh) and Average Capacity Factors (%) by Resource Types 
	Transmission and Year
	Fuel Type
	Scenario 1
RPSs + Gas
	Scenario 2
ISO Queue
	Scenario 3
Renewables Plus
	Scenario 4
No Retirements beyond
FCA #10
	Scenario 5
ACPs + Gas
	Scenario 6
RPSs + Geodiverse Renewables

	
	
	Energy Production (TWH)/Capacity Factor (%)

	2025
Constrained
	NG combined cycle
	54.5/38
	52.2/38
	31.0/23
	53.4/39
	58.2/40
	48.6/36

	
	NG single- cycle CT
	0.1/1
	0.1/1
	0.0/0
	0.1/1
	0.1/1
	0.1/0

	
	Nuclear
	27.3/97
	27.3/97
	27.3/97
	27.3/97
	27.3/97
	27.3/97

	
	Coal
	(a) 
	(a)
	(a)
	5.1/59
	(a)
	(a)

	
	Residual fuel oil
	0.0/0
	0.0/0
	0.0/0
	0.0/0
	0.0/0
	0.0/0

	
	Offshore wind
	1.9/46
	1.9/46
	5.8/44
	1.9/46
	1.9/46
	6.8/44

	
	Onshore
wind
	9.8/36
	12.9/32
	11.8/33
	4.6/41
	4.6/41
	8.7/42

	
	Hydro
	3.9/29
	3.7/27
	3.9/28
	4.0/29
	4.0/29
	4.0/29

	2030
Constrained
	NG combined cycle
	58.7/34
	46.8/34
	17.0/13
	58.2/43
	63.3/35
	28.8/21

	
	NG single-cycle CT
	0.0/0
	0.1/0
	0.0/0
	0.1/1
	0.0/0
	0.0/0

	
	Nuclear
	27.3/97
	27.3/97
	27.2/97
	27.3/97
	27.3/97
	27.3/97

	
	Coal
	(a)
	(a)
	(a)
	5.2/61
	(a)
	(a)

	
	Residual fuel oil
	0.0/0
	0.0/0
	0.0/0
	0.0/0
	0.0/0
	0.0/0

	
	Offshore wind
	1.9/46
	6.8/46
	9.4/43
	1.9/46
	1.9/46
	26.1/51

	
	Onshore
wind
	11.3/33
	18.9/15
	13.0/32
	4.6/41
	4.6/41
	15.5/25

	
	Hydro
	3.9/29
	3.3/25
	3.7/27
	4.0/29
	4.0/29
	3.5/26

	2025
Unconstrained
	NG combined cycle
	52.7/37
	47.9/35
	27.9/20
	53.4/39
	58.1/40%
	47.7/35

	
	NG single- cycle CT
	0.1/1
	0.1/1
	0.0/0
	0.1/1
	0.1/1
	0.1/0

	
	Nuclear
	27.3/97
	27.3/97
	27.3/97
	27.3/97
	27.3/97
	27.3/97

	
	Coal
	(a)
	(a)
	(a)
	5.1/59
	(a)
	(a)

	
	Residual fuel oil
	0.0/0
	0.0/0
	0.0/0
	0.0/0
	0.0/0
	0.0/0

	
	Offshore wind
	1.9/46
	1.9/46
	5.8/44
	1.9/46%
	1.9/46
	6.8/44

	
	Onshore
wind
	10.2/37
	14.9/37
	13.3/37
	4.6/41
	4.6/41
	8.8/43

	
	Hydro
	4.0/29
	4.0/29
	4.0/29
	4.0/29
	4.0/29
	4.0/29

	2030
Unconstrained
	NG combined cycle
	55.2/32
	27.3/20
	14.2/10
	58.1/43
	63.2/35
	23.8/17

	
	NG single-cycle CT
	0.0/0
	0.0/0
	0.0/0
	0.1/1
	0.0/0
	0.0/0

	
	Nuclear
	27.3/97
	27.3/97
	27.2/97
	27.3/97
	27.3/97
	27.3/97

	
	Coal
	(a)
	(a)
	(a)
	5.2/61
	(a)
	(a)

	
	Residual fuel oil
	0.0/0
	0.0/0
	0.0/0
	0.0/0
	0.0/0
	0.0/0

	
	Offshore wind
	1.9/46
	6.8/46
	9.4/43
	1.9/46
	1.9/46
	25.2/49

	
	Onshore
wind
	12.8/37
	41.3/33
	14.9/37
	4.6/41
	4.6/41
	21.5/35

	
	Hydro
	4.0/29
	3.8/28
	3.9/29
	4.0/29
	4.0/29
	3.7/27


(a) Legacy coal units retired. 

Table 6‑3 shows the range of capacity factors for simple-cycle natural gas, combined-cycle natural gas, and nuclear. The table shows that the lower-efficiency single-cycle natural gas combustion turbines have capacity factors ranging from 0.0% to 1.5% across all scenarios. The lowest capacity factors for this type of resource are seen in the “Renewables Plus” scenarios where they show a negligible amount of operation. In the “No Retire” scenarios, this resource type reaches the highest level of operation at approximately 1.5%. 
[bookmark: _Ref485803919][bookmark: _Toc497735276]Table 6‑3
Range of Capacity Factors for Selected Unit Types (%)
	Transmission and Year
	Scenario
	Simple-Cycle Natural Gas
	Combined-Cycle Natural Gas
	Nuclear

	2025 Constrained

	RPS + Gas
	0.0 – 1.3
	0.1 – 94.9
	96.3 – 98.7

	
	ISO Queue
	0.1 – 1.4
	0.1 – 93.5
	96.3 – 98.7

	
	Renew Plus
	0.0 – 0.0
	0.0 – 77.4
	96.3 – 98.7

	
	No Retire
	0.0 – 1.4
	0.0 – 96.1
	96.3 – 98.7

	
	ACP + Gas
	0.0 – 1.3
	0.0 – 97.7
	96.3 – 98.7

	
	RPS + Geo Renew
	0.0 – 1.1
	0.0 – 92.8
	96.3 – 98.7

	2030 Constrained

	RPS + Gas
	0.0 – 0.3
	0.0 – 98.8
	96.3 – 98.7

	
	ISO Queue
	0.0 – 1.1
	0.1 – 93.5
	96.3 – 98.7

	
	Renew Plus
	0.0 – 0.0
	0.0 – 60.6
	96.2 – 98.6

	
	No Retire
	0.1 – 1.5
	0.1 – 98.3
	96.3 – 98.7

	
	ACP + Gas
	0.0 – 0.2
	0.0 – 98.7
	96.3 – 98.7

	
	RPS + Geo Renew
	0.0 – 0.2
	0.0 – 59.2
	96.3 – 98.7

	2025 Unconstrained

	RPS + Gas
	0.0 – 1.3
	0.0 – 94.0
	96.3 – 98.7

	
	ISO Queue
	0.0 – 1.3
	0.0 – 91.8
	96.3 – 98.7

	
	Renew Plus
	0.0 – 0.0
	0.0 – 70.8
	96.3 – 98.7

	
	No Retire
	0.0 – 1.4
	0.0 – 94.8
	96.3 – 98.7

	
	ACP + Gas
	0.0 – 1.3
	0.0 – 97.2
	96.3 – 98.7

	
	RPS + Geo Renew
	0.0 – 1.1
	0.0 – 92.1
	96.3 – 98.7

	2030 Unconstrained

	RPS + Gas
	0.0 – 0.2
	0.0 – 97.0
	96.3 – 98.7

	
	ISO Queue
	0.0 – 0.4
	0.0 – 53.6
	96.3 – 98.7

	
	Renew Plus
	0.0 – 0.0
	0.0 – 53.9
	96.2 – 98.6

	
	No Retire
	0.1 – 1.5
	0.1 – 98.2
	96.3 – 98.7

	
	ACP + Gas
	0.0 – 0.2
	0.0 – 98.6
	96.3 – 98.7

	
	RPS + Geo Renew
	0.0 – 0.1
	0.0 – 51.0
	96.3 – 98.7



The natural-gas-fired combined-cycle resources have different efficiencies that result in capacity factors that range from 0.0% to 98.2%. The lowest capacity factors for NGCC resources occur in the scenarios with large amounts of renewable resources without transmission constraints. The nuclear units only exhibit a change in capacity factors in the 2030 “Renewables Plus” scenarios where both the upper and lower ends of the capacity-factor range decrease by 0.1%. 
[bookmark: _Ref487194148][bookmark: _Toc497812786]Systemwide Production Costs for Unconstrained and Constrained Transmission and Congestion Costs 
Production costs reflect operating costs (which account for fuel-related costs), dispatch and unit commitment, and emission allowances. Figure 6‑3 and Figure 6‑4 show the system production costs for the unconstrained and the constrained system for both study years. Table 6‑4 shows the data behind the figures. In general, the results reflect the same trends shown by the metric for total energy production by resource type where larger amounts of renewable or imported energy with $0/MWh production costs reduce the production-cost metric. 
[image: ]
[bookmark: _Ref480816227][bookmark: _Toc497811999]Figure 6‑3: Production costs, 2025 ($ millions). 
[image: ]
[bookmark: _Ref480816235][bookmark: _Toc497812000]Figure 6‑4: Production costs, 2030 ($ millions).
[bookmark: _Ref483829321][bookmark: _Toc497735277]Table 6‑4
Production Costs, 2025 and 2030 ($ Millions)
	Transmission and Year
	RPS + Gas
	ISO Queue
	Renew Plus
	No Retire
	ACP + Gas
	RPS + Geo Renew

	2025 Unconstrained
	2,918
	2,683
	1,667
	3,198
	3,185
	2,669

	2025 Constrained
	2,998
	2,882
	1,811
	3,198
	3,188
	2,708

	2030 Unconstrained
	3,384
	1,781
	1,086
	3,858
	3,831
	1,584

	2030 Constrained
	3,562
	2,895
	1,253
	3,861
	3,833
	1,865



The production costs for Scenarios 2, 3, and 6 are lower in 2030 than 2025 because these scenarios have more renewables and EE development in 2030 than 2025. Scenario 3 also reflects additional $0/MWh cost imports from Canada. The production costs for Scenarios 1, 4, and 5 are higher in 2030 than 2025 as a result of higher fuel costs coupled with higher energy production from fossil-fueled generation in 2030. 
As expected, the larger amounts of wind, EE, and PV resources in Scenarios 2, 3, and 6 resulted in lower production costs than the other scenarios. More expensive production by fossil generating units in Scenarios 4 and 5 caused higher production costs than for the other scenarios. 
[bookmark: _Toc458675658]The production cost metric shows the effect of transmission constraints on wind generation in Maine. Greater amounts of bottled wind generation, such as in Scenario 2, results in higher systemwide production costs due to the greater use of natural gas resources near the load center in southern New England. Table 6-5 shows the congestion cost metric for the major interfaces, which is based on the congestion component of the LMP and the amount of energy flowing across the interface. 
[bookmark: _Toc497735278]Table 6‑5
Congestion Costs, 2025 and 2030 ($ Millions)(a)
	Year
	Transmission
Interfaces
	RPS + Gas
	ISO Queue
	Renew Plus
	No Retire
	ACP + Gas
	RPS + Geo Renew

	2025
	Orrington South
	169.0
	95.5
	168.8
	3.9
	3.7
	114.4

	
	Surowiec South
	15.5
	180.6
	35.4
	1.4
	2.6
	13.5

	
	Maine-New Hampshire
	0.0
	0.0
	0.0
	0.0
	0.0
	0.0

	
	North-South
	0.1
	0.2
	0.1
	1.0
	0.0
	0.1

	
	Northern New Hampshire
	8.3
	7.9
	7.1
	8.3
	8.7
	7.4

	
	Other
	0.0
	0.1
	0.3
	1.4
	1.5
	0.1

	
	Total of above
	192.9
	284.3
	211.7
	16.2
	16.5
	135.3

	2030
	Orrington South
	254.3
	52.2
	60.7
	8.0
	4.2
	56.0

	
	Surowiec South
	5.8
	455.9
	143.8
	0.7
	0.1
	188.9

	
	Maine-New Hampshire
	1.4
	0.0
	0.0
	0.0
	0.6
	0.0

	
	North-South
	2.8
	1.4
	0.3
	1.2
	0.8
	0.1

	
	Northern New Hampshire
	8.2
	6.7
	4.9
	7.9
	8.3
	3.1

	
	Other
	0.2
	0.0
	1.5
	1.4
	1.7
	8.7

	
	Total of above
	272.6
	516.2
	211.2
	19.2
	15.6
	256.8


(a) In this table, congestion equals the difference of the LMPs in the RSP bubbles bordering the interface multiplied by the transfer limit of the interface.
[bookmark: _Toc497812787]Average Locational Marginal Prices 
Figure 6‑5 and Figure 6‑6  illustrate average LMPs for selected RSP areas and show the effects of the resource mix by location. The LMPs are generally lower for the unconstrained cases with high penetrations of renewable resources that occur in Scenarios 2, 3, and 6. LMPs remain the same across New England for the unconstrained cases, but for the constrained cases, price separation occurs for large amounts of wind development in northern Maine. For example, the constrained case for Scenario 2 in 2030 shows the lowest LMPs in BHE, slightly higher LMPs in ME, and the highest LMPs in southern New England. The constrained Scenario 2 cases resulted in higher LMPs for southern New England than for Scenarios 3 and 6 where more of the unbottled renewable energy production serves load in southern New England. 
[image: ]
[bookmark: _Ref476914329][bookmark: _Toc497812001]Figure 6‑5: Annual average LMPs by RSP area, 2025 ($/MWh).
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[bookmark: _Ref476914332][bookmark: _Toc497812002]Figure 6‑6: Annual average LMPs by RSP area, 2030 ($/MWh).
Table 6‑6 and Table 6‑7 show the LMPs in selected subareas for 2025 and 2030 for the unconstrained and constrained cases. The unconstrained cases show similar LMPs across all the subareas. For example, the average LMPs for unconstrained Scenarios 1, 4, and 5 range from $46.23 to $47.49/MWh in 2025 and from $52.41 to $53.01/MWh in 2030. The constrained scenarios show lower LMPs in the areas with the greatest wind penetration.
[bookmark: _Ref483832540][bookmark: _Toc497735279]Table 6‑6
LMPs in Selected Subareas, 2025 ($/MWh)
	Transmission
	Scenario
	BHE
	ME
	SME
	NH
	BOSTON

	Unconstrained
	RPS + Gas
	46.47
	46.40
	46.32
	46.49
	46.45

	
	ISO Queue
	44.21
	44.00
	44.02
	44.24
	44.18

	
	Renew Plus
	39.11
	39.33
	39.26
	40.04
	38.90

	
	No Retire
	46.75
	46.70
	46.61
	46.77
	46.75

	
	ACP + Gas
	47.52
	47.50
	47.38
	47.53
	47.50

	
	RPS + Geo Renew
	44.65
	44.51
	44.50
	44.68
	44.65

	Constrained
	RPS + Gas
	31.47
	46.12
	46.92
	46.91
	47.10

	
	ISO Queue
	24.31
	33.72
	45.70
	46.14
	46.28

	
	Renew Plus
	24.51
	38.73
	40.56
	41.25
	40.27

	
	No Retire
	46.43
	46.73
	46.71
	46.66
	46.89

	
	ACP + Gas
	46.98
	47.28
	47.32
	47.24
	47.44

	
	RPS + Geo Renew
	34.36
	44.27
	45.05
	45.07
	45.24


[bookmark: _Ref483832542]
[bookmark: _Ref486334935][bookmark: _Toc497735280]Table 6‑7
LMPs in Selected Subareas, 2030 ($/MWh)
	Transmission
	Scenario
	BHE
	ME
	SME
	NH
	BOSTON

	Unconstrained

	RPS + Gas
	52.44
	52.47
	52.33
	52.42
	52.43

	
	ISO Queue
	33.30
	32.77
	33.20
	33.45
	33.33

	
	Renew Plus
	34.19
	34.54
	34.55
	35.56
	34.07

	
	No Retire
	53.00
	52.99
	52.89
	53.08
	53.06

	
	ACP + Gas
	52.86
	52.92
	52.75
	52.83
	52.84

	
	RPS + Geo Renew
	31.08
	30.74
	31.05
	31.27
	31.18

	Constrained

	RPS + Gas
	30.81
	52.27
	52.39
	52.38
	52.72

	
	ISO Queue
	10.96
	18.36
	49.17
	50.29
	50.45

	
	Renew Plus
	21.98
	27.72
	36.33
	37.57
	36.12

	
	No Retire
	52.30
	52.97
	52.92
	52.91
	53.14

	
	ACP + Gas
	52.57
	52.94
	52.78
	52.70
	52.94

	
	RPS + Geo Renew
	16.73
	22.65
	35.74
	36.34
	36.33



In addition to the generation resource mix, fuel prices drive average clearing prices and LSE energy expenses, which include the cost of congestion.[footnoteRef:73] Clearing prices also determine the revenues resources and imports receive for supplying electricity to the wholesale energy markets. Fossil-fuel prices were higher in 2030 than 2025, which particularly increased LMPs for Scenarios 1, 4, and 5 where natural gas typically remains on the margin. Large amounts of renewable resources reduced the amount of time that natural gas units set LMPs in Scenarios 2, 3, and 6, as shown in Table 6‑8. Scenarios 1, 4, and 5 show natural gas on the margin between 87% and 100% of the hours, while gas on the margin in Scenarios 2, 3, and 6 ranges from 50% to 94% of the hours. Renewable resources (photovoltaics, wind, hydro, and biomass), nuclear, and imports are on the margin the remainder of the time. The annual capacity factors for oil-fired units and combustion turbines remain at approximately zero percent across all scenarios. [73:  Total LSE expenses also include costs for capacity, ancillary services, transmission and distribution, and other items.] 

[bookmark: _Ref476915526][bookmark: _Toc497735281]Table 6‑8
Approximate % of Time Natural Gas-fired Generators Set the LMPs, 2025 and 2030(a, b) 
	Scenario
	Unconstrained
	Unconstrained
	Constrained
	Constrained

	
	2025
	2030
	2025
	2030

	RPSs + Gas
	87%
	99%
	90%
	99%

	ISO Queue
	79%
	53%
	87%
	94%

	Renewables Plus
	75%
	62%
	82%
	70%

	No Retirements beyond FCA #10
	90%
	99%
	91%
	99%

	ACPs + Gas
	95%
	100%
	95%
	100%

	RPSs + Geodiverse Renewables 
	82%
	50%
	85%
	62%


(a) Units burning natural gas are assumed to be within the range of $40/MWh to $70/MWh; the Boston LMP is used here. 
(b) 100% minus the percentages shown on the table are approximately equal to the amount of time renewable resources (hydro, wind, PV, and biomass), nuclear units, and imports are on the margin.  
The LMP results for 2030 show greater variation among the cases than the LMP results for 2025. This is the result of greater differences in the resource mixes among the scenarios, such as greater development of variable energy resources. LMPs are lower for Scenarios 2, 3, and 6 over many hours. In general, lower LMPs result in lower LSE energy expenses. 
[bookmark: _Toc497812788]Load-Serving Entity Energy Expenses and Congestion
 The LSE energy expense metric follows the same pattern as the LMPs across all scenarios; lower LMPs result in lower LSE energy expenses. In addition to the LSE energy expenses, Figure 6‑7 and Figure 6‑8 show “uplift” (i.e., make-whole payments) costs for 2025 and 2030, respectively. Table 6-9 shows the data for these figures. Resources receive uplift when, over the course of a calendar day, a unit’s total operating cost to produce electric energy is higher than  total revenues from the wholesale energy market, as calculated by the GridView program. Because many of the natural-gas-fired combined-cycle units have operating characteristics similar to the generators on the margin, the competition increases the likelihood that energy market revenues would be insufficient to cover all the costs of producing the energy within a particular calendar day. Uplift is relatively small compared with the LSE energy expenses for all scenarios. 
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[bookmark: _Ref476916425][bookmark: _Toc497812003]Figure 6‑7: LSE energy expense and uplift, 2025 ($ millions).
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[bookmark: _Ref476919290][bookmark: _Toc497812004]Figure 6‑8: LSE energy expense and uplift, 2030 ($ millions). 

[bookmark: _Toc497735282]Table 6‑9
LSE Energy Expense and Uplift, 2025 and 2030 ($ Millions)
	Transmission and Year
	Type
	RPS + Gas
	ISO Queue
	Renew Plus
	No Retire
	ACP + Gas
	RPS + Geo Renew

	2025 Unconstrained
	LSE energy expense
	6,990
	6,650
	6,188
	7,034
	7,148
	6,719

	
	Uplift
	113
	179
	120
	133
	88
	157

	
	Total
	7,103
	6,829
	6,308
	7,168
	7,236
	6,876

	2025 Constrained
	LSE energy expense
	7,053
	6,848
	6,362
	7,051
	7,134
	6,782

	
	Uplift
	114
	166
	126
	129
	93
	159

	
	Total
	7,166
	7,014
	6,488
	7,180
	7,228
	6,941

	2030 Unconstrained
	LSE energy expense
	8,269
	5,266
	5,866
	8,371
	8,334
	4,930

	
	Uplift
	100
	266
	117
	139
	108
	266

	
	Total
	8,368
	5,532
	5,983
	8,509
	8,442
	5,196

	2030 Constrained
	LSE energy expense
	8,268
	7,676
	6,130
	8,377
	8,345
	5,613

	
	Uplift
	109
	180
	161
	140
	106
	278

	
	Total
	8,377
	7,855
	6,291
	8,517
	8,451
	5,891



The difference between the constrained and the unconstrained LSE energy expenses is the total annual value of congestion. Figure 6‑9 and Figure 6‑10 show this congestion metric and the amounts attributable to individual interfaces for 2025 and 2030. Table 6‑1010 shows the data for these figures. Scenarios 4 and 5 show virtually no congestion because resources are well situated near the load centers in southern New England. Scenario 1 has some congestion, resulting from the expansion of wind resources whose production would result in transmission flows exceeding the export capability of the interfaces in Maine during some hours, as seen in the interface flows of the unconstrained case. This is similar to the patterns shown in Scenario 3 for 2025, but the amount of congestion in Scenario 3 decreases in 2030 because this scenario adds additional resources and imports in southern New England that have low production costs. The congestion in Scenario 6 results from the expansion of wind resources in Maine, but the congestion is relatively low because the offshore expansion of wind resources is electrically close to the load centers in southern New England. Scenario 2, which has the highest amounts of wind production in Maine, shows the largest amount of congestion.  
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[bookmark: _Ref476920008][bookmark: _Toc497812005]Figure 6‑9: GridView congestion metric by interface, 2025 ($ millions). 
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[bookmark: _Ref476920010][bookmark: _Toc497812006]Figure 6‑10: GridView congestion metric by interface, 2030 ($ millions).
[bookmark: _Ref483836014][bookmark: _Toc497735283]Table 6‑10
GridView Congestion Metric by Interface, 2025 and 2030 ($ Millions)
	Year
	Scenario
	Orrington South
	Surowiec South
	Maine–New Hampshire
	North–South
	Northern New Hampshire/Vermont
	Other
	Total

	2025

	RPS + Gas
	169.0
	15.5
	0.0
	0.1
	8.3
	0.0
	192.9

	
	ISO Queue
	95.5
	180.6
	0.0
	0.2
	7.9
	0.1
	284.3

	
	Renew Plus
	168.8
	35.4
	0.0
	0.1
	7.1
	0.3
	211.7

	
	No Retire
	3.9
	1.4
	0.0
	1.0
	8.3
	1.4
	16.2

	
	ACP + Gas
	3.7
	2.6
	0.0
	0.0
	8.7
	1.5
	16.5

	
	RPS + Geo Renew
	114.4
	13.5
	0.0
	0.1
	7.4
	0.1
	135.3

	2030

	RPS + Gas
	254.3
	5.8
	1.4
	2.8
	8.2
	0.2
	272.6

	
	ISO Queue
	52.2
	455.9
	0.0
	1.4
	6.7
	0.0
	516.2

	
	Renew Plus
	60.7
	143.8
	0.0
	0.3
	4.9
	1.5
	211.2

	
	No Retire
	8.0
	0.7
	0.0
	1.2
	7.9
	1.4
	19.2

	
	ACP + Gas
	4.2
	0.1
	0.6
	0.8
	8.3
	1.7
	15.6

	
	RPS + Geo Renew
	56.0
	188.9
	0.0
	0.1
	3.1
	8.7
	256.8


[bookmark: _Ref477165154][bookmark: _Toc497812789]Wholesale Energy Market Revenues and Contributions to Fixed Costs
The simulations calculate gross hourly resource revenues from the wholesale energy market as equal to the hourly LMP multiplied by the hourly megawatt output of the resource. Subtracting the hourly production cost for the resource from the wholesale energy market revenue determines the net hourly wholesale energy market revenue. Only positive values are included in this metric because uplift revenues to the resource are added for those hours when net energy market revenues would otherwise be negative. As a result, the resource never receives less than the cost of producing the energy. The sum of the hourly wholesale energy market revenues (accounting for uplift) over all hours of the year provides the net annual wholesale energy market revenues to resources. 
The contributions to fixed costs for various technology types are normalized by dividing the annual net wholesale energy market revenues ($/year) by the assumed kilowatt nameplate rating of the resource. Figure 6‑11 and Figure 6‑12 compare, for 2025 and 2030, the normalized annual net wholesale energy market revenues of typical new resources, including uplift (shown as solid colors) with the annual carrying charges (shown as open rectangles summarized as $/kW-year in Table 5‑17 in Section 5.7.1). 
[bookmark: _Ref476922670][bookmark: _Toc497812007][image: ]
[bookmark: _Ref498688788]Figure 6‑11: Comparison of annual energy market net revenues for various technology types with annual carrying charges, 2025, unconstrained ($/kW-year). 
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[bookmark: _Ref476922673][bookmark: _Toc497812008]Figure 6‑12: Comparison of annual net energy market revenues for various technology types with annual carrying charges, 2030, unconstrained ($/kW-year). 
Figure 6‑13 and Figure 6‑14 show the percentage of annual energy market net-revenue contributions to the annual fixed-cost carrying charge for various technology types (with Table 6‑12 showing the data). In Figure 6‑11 to Figure 6‑14, “Offshore Wind #1” and “Offshore Wind #2” represent two different locations; Offshore Wind #1 is closer to shore and less windy, and Offshore Wind #2 is further away from shore and has greater available wind energy. Under its Information Policy, the ISO cannot provide more details about these wind resources.[footnoteRef:74] Table 6‑12 shows the percentage of annual net energy market revenue contributions to fixed costs for the various technology types. [74:  “ISO New England Information Policy,” Attachment D to the Transmission, Markets, and Services Tariff (2017); https://www.iso-ne.com/static-assets/documents/regulatory/tariff/attach_d/attachment_d.pdf.] 

[image: ]
[bookmark: _Ref476925856][bookmark: _Toc497812009]Figure 6‑13: Percentage of annual net energy market revenue contributions to fixed costs (plus uplift) for various technology types, 2025, unconstrained (% of revenue requirements). 
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[bookmark: _Ref476925858][bookmark: _Toc497812010]Figure 6‑14: Percentage of annual net energy market revenue contributions to fixed costs (plus uplift) for various technology types, 2030, unconstrained (% of revenue requirements).
[bookmark: _Ref486336677][bookmark: _Toc497735284]Table 6‑11
Comparison of Annual Net Energy Market Revenues for Various Technology Types with Annual Carrying Charges, 2025 and 2030 ($/kW-year) 
	Transmission and Year
	Scenario
	Massachusetts PV
	NGCC
	Simple-Cycle Gas Turbine
	Offshore Wind #1
	Offshore Wind #2
	Massachusetts Wind
	Maine Wind

	Annual Carrying Charges, 2025 and 2030
	384
	159
	168
	974
	974
	370
	370

	2025 Constrained
Net Energy Market Revenues
	RPS + Gas
	65.7
	2.7
	0.3
	124.2
	187.3
	149.2
	69.3

	
	ISO Queue
	63.8
	3.4
	0.9
	120.9
	182.8
	145.2
	43.9

	
	Renew Plus
	50.7
	0.2
	0.0
	112.6
	168.4
	134.9
	49.3

	
	No Retire
	65.1
	2.2
	0.1
	124.3
	187.2
	149.3
	149.7

	
	ACP + Gas
	66.1
	2.0
	0.1
	126.6
	190.6
	152.0
	152.5

	
	RPS + Geo Renew
	60.6
	2.0
	0.0
	116.2
	175.1
	140.4
	84.2

	2030 Constrained
Net Energy Market Revenues
	RPS + Gas
	72.9
	0.3
	0.0
	142.2
	213.2
	170.8
	58.7

	
	ISO Queue
	64.2
	1.9
	0.8
	132.5
	197.8
	159.2
	12.2

	
	Renew Plus
	32.2
	0.0
	0.0
	104.5
	154.9
	125.4
	43.1

	
	No Retire
	72.1
	3.7
	1.0
	141.6
	213.2
	170.2
	168.4

	
	ACP + Gas
	72.9
	0.4
	0.0
	143.0
	214.4
	171.7
	174.1

	
	RPS + Geo Renew
	34.7
	0.3
	0.0
	70.9
	107.6
	94.9
	25.3

	2025 Unconstrained Net Energy Market Revenues
	RPS + Gas
	65.0
	2.3
	0.1
	121.3
	183.2
	145.5
	148.9

	
	ISO Queue
	61.8
	2.6
	0.2
	111.0
	169.4
	132.8
	134.7

	
	Renew Plus
	49.3
	0.3
	0.0
	104.3
	156.8
	124.5
	124.6

	
	No Retire
	64.9
	2.1
	0.1
	123.6
	186.3
	148.5
	152.5

	
	ACP + Gas
	66.2
	1.9
	0.1
	126.6
	190.7
	152.1
	156.5

	
	RPS + Geo Renew
	60.0
	1.8
	0.0
	112.9
	170.9
	136.5
	140.2

	2030 Unconstrained Net Energy Market Revenues
	RPS + Gas
	72.7
	0.3
	0.0
	140.5
	210.7
	168.7
	173.2

	
	ISO Queue
	44.8
	0.9
	0.0
	67.1
	104.2
	75.9
	69.1

	
	Renew Plus
	32.7
	0.0
	0.0
	90.7
	136.2
	108.2
	105.3

	
	No Retire
	72.1
	3.7
	1.0
	141.2
	212.8
	169.7
	173.9

	
	ACP + Gas
	73.0
	0.3
	0.0
	142.6
	214.0
	171.5
	176.9

	
	RPS + Geo Renew
	31.2
	0.3
	0.0
	55.5
	83.8
	71.0
	75.4



[bookmark: _Ref483908561][bookmark: _Toc497735285]Table 6‑12
Percentage of Annual Net Energy Market Revenue Contributions to Fixed Costs (Reflecting Uplift)
for Various Technology Types, 2025 and 2030
	Transmission and Year
	Scenario
	Massachusetts PV
	NGCC
	Simple-Cycle Gas Turbine
	Offshore Wind #1
	Offshore Wind #2
	Massachusetts Wind
	Maine Wind

	2025 Constrained
	RPS + Gas
	17.1%
	1.7%
	0.2%
	12.7%
	19.2%
	40.3%
	18.7%

	
	ISO Queue
	16.6%
	2.1%
	0.5%
	12.4%
	18.8%
	39.3%
	11.9%

	
	Renew Plus
	13.2%
	0.1%
	0.0%
	11.6%
	17.3%
	36.5%
	13.3%

	
	No Retire
	16.9%
	1.4%
	0.1%
	12.8%
	19.2%
	40.4%
	40.5%

	
	ACP + Gas
	17.2%
	1.2%
	0.1%
	13.0%
	19.6%
	41.1%
	41.2%

	
	RPS + Geo Renew
	15.8%
	1.2%
	0.0%
	11.9%
	18.0%
	38.0%
	22.8%

	2030 Constrained
	RPS + Gas
	19.0%
	0.2%
	0.0%
	14.6%
	21.9%
	46.2%
	15.9%

	
	ISO Queue
	16.7%
	1.2%
	0.5%
	13.6%
	20.3%
	43.1%
	3.3%

	
	Renew Plus
	8.4%
	0.0%
	0.0%
	10.7%
	15.9%
	33.9%
	11.6%

	
	No Retire
	18.8%
	2.3%
	0.6%
	14.5%
	21.9%
	46.0%
	45.5%

	
	ACP + Gas
	19.0%
	0.2%
	0.0%
	14.7%
	22.0%
	46.4%
	47.1%

	
	RPS + Geo Renew
	9.0%
	0.2%
	0.0%
	7.3%
	11.0%
	25.7%
	6.8%

	2025 Unconstrained
	RPS + Gas
	16.9%
	1.4%
	0.0%
	12.4%
	18.8%
	39.4%
	40.3%

	
	ISO Queue
	16.1%
	21.7%
	0.1%
	11.4%
	17.4%
	35.9%
	36.4%

	
	Renew Plus
	12.9%
	0.2%
	0.0%
	10.7%
	16.1%
	33.7%
	33.7%

	
	No Retire
	16.9%
	1.3%
	0.1%
	12.7%
	19.1%
	40.2%
	41.2%

	
	ACP + Gas
	17.3%
	1.2%
	0.1%
	13.0%
	19.6%
	41.1%
	42.3%

	
	RPS + Geo Renew
	15.6%
	1.1%
	0.0%
	11.6%
	17.5%
	36.9%
	37.9%

	2030 Unconstrained
	RPS + Gas
	18.9%
	0.2%
	0.0%
	14.4%
	21.6%
	45.6%
	46.8%

	
	ISO Queue
	11.7%
	0.6%
	0.0%
	6.9%
	10.7%
	20.5%
	18.7%

	
	Renew Plus
	8.5%
	0.0%
	0.0%
	9.3%
	14.0%
	29.3%
	28.5%

	
	No Retire
	18.8%
	2.3%
	0.6%
	14.5%
	21.8%
	45.9%
	47.0%

	
	ACP + Gas
	19.0%
	0.2%
	0.0%
	14.6%
	22.0%
	46.4%
	47.8%

	
	RPS + Geo Renew
	8.1%
	0.2%
	0.0%
	5.7%
	8.6%
	19.2%
	20.4%



The results show that annual net wholesale energy market revenues for new resources may be insufficient to cover their annual carrying charges. This is true even for price-taking resources, such as wind generators and PV. All new resources would thus require other sources of income, potentially from the Forward Capacity Market and markets for ancillary services. 
The simulation results also show that the revenues to storage resources barely cover their operating expenses (production costs) for most scenarios. This is because the daily LMP differences between charge and discharge cycles are relatively small after accounting for the efficiency of the storage. The scenarios with the largest economic value in terms of $/kW-year from operations are associated with a high penetration of renewables. Specifically, Scenarios 2, 3, and 6 (ISO Queue, Renew Plus, and RPS + Geo Renew) show positive economic value for storage, while Scenarios 1, 4, and 5 (RPS + Gas, No Retire, ACP + Gas) tend to show low and negative contributions to fixed costs. Refer to Table 6‑13.
[bookmark: _Ref486344164][bookmark: _Toc497735286]Table 6‑13
Energy Storage—Operational and Economic Metrics
	Transmission and Year
	RPS + Gas
	ISO Queue
	Renew Plus
	No Retire
	ACP + Gas
	RPS + Geo Renew

	Net Revenues  ($ Million)

	2025 Unconstrained
	1.9
	11.0
	12.1
	0.4
	−1.5
	6.8

	2025 Constrained
	0.6
	3.4
	3.5
	−0.1
	−1.9
	4.2

	2030 Unconstrained
	−9.5
	25.8
	61.6
	−3.3
	−9.3
	23.9

	2030 Constrained
	−9.6
	−2.9
	56.1
	−3.2
	−8.6
	17.1

	Energy Storage Capacity (MW)

	2025 Unconstrained
	1,832
	1,832
	3,152
	1,832
	1,832
	1,832

	2025 Constrained 
	1,832
	1,832
	3,152
	1,832
	1,832
	1,832

	2030 Unconstrained
	1,832
	1,832
	4,582
	1,832
	1,832
	1,832

	2030 Constrained 
	1,832
	1,832
	4,582
	1,832
	1,832
	1,832

	Net Revenue ($/kW-yr)

	2025 Unconstrained
	1.03
	6.02
	3.85
	0.19
	−0.83
	3.69

	2025 Constrained 
	0.35
	1.84
	1.12
	−0.03
	−1.01
	2.29

	2030 Unconstrained
	−5.21
	14.10
	13.45
	−1.78
	−5.08
	13.05

	2030 Constrained 
	−5.24
	−1.59
	12.25
	−1.73
	−4.70
	9.31



[bookmark: _Ref487200524][bookmark: _Toc497812790]Operation and Planning the Transmission System for High Levels of Inverter-Based Resources 
The large-scale development of PV can affect the net load shape. An example of the “duck curve” is shown in Figure 6‑15 for the New England system that occurred on May 23, 2015. The net load decreases with daylight, and the peak occurs after dusk when PV output drops to zero. Systems with “duck curve” characteristics must address a number of technical issues, such as the ability to ramp system resources to follow the net load.[footnoteRef:75]  [75:  In some systems, the shape varies even more. For example, in Hawaii the shape is called “Nessie” after the Loch Ness Monster.] 

[image: ]
[bookmark: _Ref477166881][bookmark: _Toc497812011]Figure 6‑15: Example of a daily system load in real time with and without solar power (May 23, 2015) (MW).
Figure 6‑16 shows hours in Scenario 3 where the system is operating with only three nuclear units. The net load shape peaks during night hours and ramps down during the morning and up during the evening hours, primarily as a result of high PV output. The fuel mix shows that storage resources supply the system during evening hours and charge during the daylight for this particular day. 
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[bookmark: _Ref480885500][bookmark: _Toc497812012]Figure 6‑16: Energy by source for Scenario 3 (Renewables Plus), May 7, 2030, unconstrained (MW).
Note: GT – gas turbine; IC = internal combustion; CC = combined cycle. The net demand shown = gross demand + PHEV + storage charge – EE – PV.
The large-scale addition of asynchronous resources (PV, wind, and HVDC imports) and energy efficiency requires physical improvements to the system.[footnoteRef:76] Loads, net of wind, PV, EE, hydro, and nuclear, may be exceedingly low, which presents voltage and stability issues. Special control systems may be required, especially to stabilize the system and provide frequency control, ramping, and reserves. Protection-system issues that arise, resulting from the lack of short-circuit availability, could require major capital investment. Many other technical issues must be addressed to ensure proper power quality and voltage regulation. Because of the limited scope of this part of the analysis,  the development of the high-order-of magnitude cost estimates (see Section 6.3) only partially reflected the costs of special equipment, such as synchronous condensers and flexible alternating-current transmission systems (FACTS) needed to address these technical issues. [76:  IEEE (https://www.ieee.org/index.html) provides many references, and extensive discussions took place at the PAC on October 19, 2016; see Electric Power Research Institute, Grid Impacts & Challenges Arising from the Integration of Inverter-Based Variable Resources, PAC presentation (October 19, 2016), https://www.iso-ne.com/static-assets/documents/2016/10/a3_integration_and_planning_of_large_amounts_of_inverter_based_resources.pptx. In addition, the North American Electric Reliability Corporation (NERC) Essential Reliability Services Working Group has identified similar issues; see NERC, Essential Reliability Services Task Force Measures Framework Report (November 2015), http://www.nerc.com/comm/Other/essntlrlbltysrvcstskfrcDL/ERSTF%20Framework%20Report%20-%20Final.pdf and additional materials posted at  the NERC Essential Reliability Services Working Group (ERSWG) and Distributed Energy Resources Task Force (DERTF) at http://www.nerc.com/comm/Other/Pages/Essential-Reliability-Services-Task-Force-(ERSTF).aspx.  ] 

[bookmark: _Ref480453132][bookmark: _Toc497812791]Maine Interface Flow Statistics, High-Order-of-Magnitude Cost Estimates for Transmission Development, and Implied Capital Investment
Table 6‑14 and Table 6‑15 show (for 2025 and 2030) the Maine interfaces, their maximum transfer capability, the maximum megawatt flows over the interfaces for the unconstrained cases, and the percentage of time the interfaces exceed their capability for the unconstrained cases. These metrics supplement the congested interface locations and dollar amounts (see Sections 5.3.8 and 5.5) as inputs to developing the congestion-relief transmission system, which is designed to relieve 100% of the congestion during the summer and winter peak hours.[footnoteRef:77]  [77:  Other information on interface flows was posted on the ISO’s website. See the following PAC presentation links for interface-duration curves, percentage of time that interfaces exceed 90% of the interface limit, chronological curves for interfaces above 90% of their limit, diurnal flows of interfaces, and seasonal-flow duration curves for interfaces:  (1) 2016 Economic Studies Executive Summary Supplement—Revised (December 14, 2016), slides 39–41, https://www.iso-ne.com/static-assets/documents/2016/12/a9_1_2016_economic_study_executive_summary_and_metrics_update.pdf. (2) for Scenarios 1-5—2016 Economic Studies: Preliminary High Order of Magnitude Transmission Development Costs—Rev. 1 (October 19, 2016), https://www.iso-ne.com/static-assets/documents/2016/10/2016_economic_studies_high_level_transmission_costs_rev1.pdf. (3) 2016 Economic Studies: Preliminary High-Level Order of Magnitude Transmission Development Costs—Scenario 6 update (January 18, 2017), slides 16 and 23, https://www.iso-ne.com/static-assets/documents/2017/01/a6_2016_economic_studies_preliminary_high_level_order_of_magnitude_transmission_development_costs_scenario_6_update.pdf.] 

[bookmark: _Ref480888069][bookmark: _Toc497735287]Table 6‑14
Interface Flow Statistics for 2025
	Scenarios
	Maximum Transfer Capability (MW)
	Maximum MW Flow (Unconstrained Case)
	% of Time Interface Exceeds Its Capability
	Maximum Transfer Capability
	Maximum MW Flow (Unconstrained Case)
	% of Time Interface Exceeds Its Capability
	Maximum Transfer Capability (MW)
	Maximum MW Flow (Unconstrained Case)
	% of Time Interface Exceeds Its Capability

	
	Orrington-South Interface
	Surowiec-South Interface
	Maine-New Hampshire Interface

	RPSs + Gas
	1,325
	3,197
	49.7%
	1,500
	3,461
	38.8%
	1,900
	3,537
	25.2%

	ISO Queue
	1,325
	3,911
	61.9%
	1,500
	4,693
	59.3%
	1,900
	4,740
	45.2%

	Renewables Plus
	1,325
	3,383
	53.1%
	1,500
	3,635
	42.3%
	1,900
	3,689
	24.4%

	No Retirements beyond FCA #10
	1,325
	1,569
	2.6%
	1,500
	1,818
	2.1%
	1,900
	1,974
	0.1%

	ACPs + Gas
	1,325
	1,569
	2.7%
	1,500
	1,878
	2.8%
	1,900
	2,035
	0.1%

	RPSs + Geodiverse Renewables
	1,325
	2,815
	39.9%
	1,500
	3,050
	30.1%
	1,900
	3,139
	14.7%



[bookmark: _Ref485807972][bookmark: _Toc497735288]Table 6‑15
Interface Flow Statistics for 2030
	Scenarios
	Maximum Transfer Capability (MW)
	Maximum MW Flow (Unconstrained Case)
	% of Time Interface Exceeds Its Capability
	Maximum Transfer Capability
	Maximum MW Flow (Unconstrained Case)
	% of Time Interface Exceeds Its Capability
	Maximum Transfer Capability (MW)
	Maximum MW Flow (Unconstrained Case)
	% of Time Interface Exceeds Its Capability

	
	Orrington-South Interface
	Surowiec-South Interface
	Maine-New Hampshire Interface

	RPSs + Gas
	1,325
	3,626
	56.3%
	1,500
	3,928
	43.4%
	1,900
	4,268
	42.6%

	ISO Queue
	1,325
	8,995
	86.2%
	1,500
	11,510
	88.8%
	1,900
	10,958
	81.1%

	Renewables Plus
	1,325
	3,366
	48.3%
	1,500
	4,114
	45.1%
	1,900
	4,108
	25.0%

	No Retirements beyond FCA #10
	1,325
	1,588
	5.8%
	1,500
	1,910
	3.8%
	1,900
	2,092
	0.2%

	ACPs + Gas
	1,325
	1,452
	1.0%
	1,500
	1,606
	0.3%
	1,900
	2,286
	1.6%

	RPSs + Geodiverse Renewables
	1,325
	4,853
	64.4%
	1,500
	5,903
	65.8%
	1,900
	5,504
	48.3%



An analysis of selected days simulated with GridView also informed the development of the congestion-relief transmission system for Scenarios 2, 3, and 6. More detailed examination of flows during net peak demand days helped form engineering judgment on the extent of costs required to relieve the transmission system constraints. In general, the only major New England interfaces that experienced transmission system constraints were in Maine. The assumptions of renewable development and production profiles in Scenarios 1, 2, 3, and 6 caused this congestion. 
Table 6-16 summarizes the total high-order-of-magnitude transmission cost estimates. The dollars are not associated with specific plans but rather form an equitable basis of comparison among the scenarios. However, the 2016 Maine Resource Integration Study helped inform the development of the cost estimates.[footnoteRef:78] [78:   Information about the ISO’s 2016 Maine Resource Integration Study is available at https://www.iso-ne.com/system-planning/key-study-areas/maine.] 

 
[bookmark: _Ref480889015][bookmark: _Toc497735289]Table 6‑16
Summary of Total High-Order-of-Magnitude Transmission System Costs ($B)(a)
	
	 Scenario 1
RPSs + Gas
	Scenario 2
ISO Queue
	Scenario 3
Renewables Plus
	Scenario 4
No Retirements beyond FCA #10
	Scenario 5
ACPs + Gas
	Scenario 6
RPSs + Geodiverse Renewables

	Integrator 
	2.25
	
	4.50
	
	
	

	Congestion system 
	5.57
	30.05
	5.60
	
	
	12.05

	Total
	7.82
	30.05
	10.10
	0
	0
	12.05


(a) All numbers have 50% margin. The integrator cost for Scenario 1 could be as high as $4.5 billion, and the integrator cost for Scenario 3 could be as low as $2.25 billion. 
The difference between the production cost results for the constrained case minus the unconstrained case is the production cost savings associated with transmission upgrades that would relieve congestion. The total capital cost of transmission investment that can be justified for decreasing economic dispatch costs can be estimated by dividing the production cost savings by the annual carrying charge rate for transmission investment, which was assumed at 15%. This calculation, however, does not account for the need for capacity deliverability, which is beyond the scope of this study. 
Table 6-17 compares the capital cost of economically justified transmission with the ISO’s estimate of the congestion-relief system. Consistent with the high-order-of-magnitude transmission costs to integrate renewable resources, the initial congestion-relief system dollars appearing in Table 6-16 have been increased by a margin of 50%. The results show that the congestion-relief systems may not be justified based on the production cost savings alone shown for Scenarios 1, 2, 3, and 6. 
[bookmark: _Ref485903621][bookmark: _Toc497735290]Table 6‑17
Net Economic Benefits of Congestion System
	Year
	Scenario
	Annual Production Cost Savings ($B)
	Transmission Justified by Production Cost Savings ($B)
	Congestion-Relief System ($B)(a)
	Net Benefits of Congestion-Relief System ($B)(b)

	2025

	RPS + Gas
	0.080
	0.533
	5.570
	−5.037

	
	ISO Queue
	0.199
	1.327
	30.050
	−28.723

	
	Renew Plus
	0.144
	0.960
	5.600
	−4.640

	
	No Retire
	0.000
	0.000
	0.000
	0.000

	
	ACP + Gas
	0.003
	0.020
	0.000
	0.020

	
	RPS + Geo Renew
	0.039
	0.260
	12.050
	−11.790

	2030

	RPS + Gas
	0.178
	1.187
	5.570
	−4.383

	
	ISO Queue
	1.114
	7.427
	30.050
	−22.623

	
	Renew Plus
	0.167
	1.113
	5.600
	−4.487

	
	No Retire
	0.003
	0.020
	0.000
	0.020

	
	ACP + Gas
	0.002
	0.013
	0.000
	0.013

	
	RPS + Geo Renew
	0.281
	1.873
	12.050
	−10.177


(a)	Consistent with Table 5‑21, the congestion-relief system costs reflect a margin of 50%. 
(b) 	The total amount of transmission investment justified to relieve congestion can be estimated by dividing the total annual production cost savings by the assumed 15% annual carrying charge for transmission development. This calculation, however, does not account for the need for capacity deliverability, which is beyond the scope of this study. The net benefits of the congestion-relief system equals the justified transmission cost minus congestion-relief system cost. A negative number suggests the price of the congestion-relief system is higher than would be justified. 
[bookmark: _Ref480453086][bookmark: _Toc497812792]Relative Annual Resource Costs 
The relative annual resource cost (RARC) metric compares the total costs of all six scenarios accounting for the annual systemwide production costs, which can be considered operating costs. It also captures the annual costs of capital additions by including the annualized carrying costs for new resources and high-order-of-magnitude transmission-development costs. Scenarios with lower RARCs are considered more economical because the total annualized operating plus fixed costs are lower. 
The addition of price-taking resources (simulated at $0/MWh) reduces the production cost in the simulations. For example, the larger amounts of renewable resources and imports in Scenarios 2, 3, and 6 result in lower production costs than Scenarios 1, 4, and 5 (see Section 6.1.2). However, resource additions increase capital costs to the scenarios, which can be very substantial for the large-scale addition of price-taking resources. Similarly, relieving congestion by releasing bottled generation reduces production costs but adds transmission costs.
The demand forecast, BTM PV, EE, and resource additions and retirements assumed in Scenario 4 are considered base quantities that can be compared with other scenarios that may change the amounts of the demand and resource mix. The results show that the Scenario 4 constrained case has the highest production costs but the lowest annual fixed costs across all cases.    
The RARC summaries in Figure 6‑17 to Figure 6‑20 (and Table 6‑18 and Table 6‑19) compare the annual costs of all cases with the constrained case for Scenario 4. The negative values of production costs for Scenarios 1,2, 3, and 6 show that operating costs are lower for these scenarios, which reduces their total RARC. The addition of resources in these scenarios increases annual fixed costs compared with Scenario 4, which increases their total RARC. The RARC metrics are expressed in billions of dollars and as cents per kWh. Figure 6‑17 to Figure 6‑20 support the previous observations and illustrate the larger differences among the scenarios for 2030. Additional results for 2030 are as follows:
· Scenarios 4 and 5, which require the lowest investment in new resources and transmission development, have the lowest total RARC. Although their production costs are higher than scenarios with large penetrations of renewable resources, the figures show significantly higher total RARC for Scenarios 1, 2, 3, and 6 as a result of their higher annual carrying charges for new resources and transmission development. 
· Although the production costs for Scenario 1 are higher, its total RARC is lower than for Scenarios 2, 3, and 6. This is because Scenario 1 has a lower quantity of renewable resources that require less capital investment in resources and transmission development than the other scenarios with larger amounts of renewable resources. 
· Scenario 3 has the lowest production costs. This scenario requires less transmission development than Scenarios 2 and 6 because its renewable resource development occurs closer to load centers in southern New England.
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[bookmark: _Ref480892055][bookmark: _Toc497812013]Figure 6‑17: Relative annual resource costs, 2025, compared with 2025 Scenario 4 (constrained) ($ billions).
Notes:  Energy efficiency and solar include costs resulting from individual customer investments that do not reflect benefits the owners would receive. Production costs reflect the price of carbon emissions at $19/ton.
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[bookmark: _Toc497812014]Figure 6‑18: Relative annual resource costs, 2025, compared with 2025 Scenario 4 (constrained) (¢/kWh).
Notes:  Energy efficiency and solar include costs resulting from individual customer investments that do not reflect benefits the owners would receive. Production costs reflect the price of carbon emissions at $24/ton.
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[bookmark: _Toc497812015]Figure 6‑19: Relative annual resource costs, 2030, compared with 2030 Scenario 4 (constrained) ($ billions).
Notes:  Energy efficiency and solar include costs resulting from to individual customer investments that do not reflect benefits the owners would receive. Production costs reflect the price of carbon emissions at $24/ton.
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[bookmark: _Ref480892096][bookmark: _Toc497812016]Figure 6‑20: Relative annual resource costs, 2030, compared with 2030 Scenario 4 (constrained) (¢/kWh).
Notes:  Energy efficiency and solar include costs resulting from individual customer investments that do not reflect benefits the owners would receive. Production costs reflect the price of carbon emissions at $24/ton.
[bookmark: _Ref486351116][bookmark: _Toc497735291]Table 6‑18
Relative Annual Resource Costs, 2025 and 2030 ($ Millions)
	Transmission and Year
	Scenario
	Production Cost
	15% Transm. Cost
	15% Ties
	15% Comb.  Cycle
	15% New Onshore Wind
	15% New Offshore Wind
	15% Solar
	15% Energy Efficiency
	15% Battery
	Total

	2025 Constrained
	RPS + Gas
	−200
	338
	0
	104
	695
	0
	0
	0
	0
	937

	
	ISO Queue
	−316
	1,383
	0
	0
	1,223
	0
	194
	0
	0
	2,485

	
	Renew Plus
	−1,387
	675
	450
	0
	1,046
	974
	1,815
	432
	180
	4,185

	
	No Retire
	0
	0
	0
	0
	0
	0
	0
	0
	0
	0

	
	ACP + Gas
	−10
	0
	0
	182
	0
	0
	0
	0
	0
	172

	
	RPS + Geo Renew
	−490
	550
	0
	0
	398
	1,237
	560
	0
	0
	2,255

	2025 Unconstrained
	RPS + Gas
	−280
	1,170
	0
	104
	695
	0
	0
	0
	0
	1,690

	
	ISO Queue
	−514
	4,500
	0
	0
	1,223
	0
	194
	0
	0
	5,402

	
	Renew Plus
	−1,531
	1,500
	450
	0
	1,046
	974
	1,815
	432
	180
	4,866

	
	No Retire
	0
	0
	0
	0
	0
	0
	0
	0
	0
	0

	
	ACP + Gas
	−13
	0
	0
	182
	0
	0
	0
	0
	0
	169

	
	RPSs + Geo Renew
	−529
	1,800
	0
	0
	398
	1,237
	560
	0
	0
	3,466

	2030 Constrained
	RPS + Gas
	−299
	338
	0
	659
	981
	0
	0
	0
	0
	1,679

	
	ISO Queue
	−966
	1,383
	0
	0
	4,800
	1,187
	821
	0
	0
	7,225

	
	Renew Plus
	−2,608
	675
	450
	0
	1,259
	1,948
	3,095
	980
	375
	6,174

	
	No Retire
	0
	0
	0
	0
	0
	0
	0
	0
	0
	0

	
	ACP + Gas
	−28
	0
	0
	768
	0
	0
	0
	0
	0
	741

	
	RPS + Geo Renew
	−1,996
	550
	0
	0
	2,145
	5,230
	2,367
	0
	0
	8,297

	2030 Unconstrained
	RPS + Gas
	−477
	1,170
	0
	659
	981
	0
	0
	0
	0
	2,334

	
	ISO Queue
	−2,080
	4,500
	0
	0
	4,800
	1,187
	821
	0
	0
	9,228

	
	Renew Plus
	−2,775
	1,500
	450
	0
	1,259
	1,948
	3,095
	980
	375
	6,831

	
	No Retire
	−3
	0
	0
	0
	0
	0
	0
	0
	0
	-3

	
	ACP + Gas
	−29
	0
	0
	768
	0
	0
	0
	0
	0
	739

	
	RPSs + Geo Renew
	−2,277
	1,800
	0
	0
	2,145
	5,230
	2,367
	0
	0
	9,266



[bookmark: _Ref486351122][bookmark: _Toc497735292]Table 6‑19
Relative Annual Resource Costs, 2025 and 2030 (¢/kWh)
	Transmission and Year
	Scenario
	Production Cost
	15% Transm. Cost
	15% Ties
	15% Comb.  Cycle
	15% New Onshore Wind
	15% New Offshore Wind
	15% Solar
	15% Energy Efficiency
	15% Battery
	Total

	2025 Constrained
	RPS + Gas
	−0.131
	0.222
	0.000
	0.069
	0.457
	0.000
	0.000
	0.000
	0.000
	0.616

	
	ISO Queue
	−0.207
	0.909
	0.000
	0.000
	0.804
	0.000
	0.127
	0.000
	0.000
	1.633

	
	Renew Plus
	−0.859
	0.418
	0.279
	0.000
	0.648
	0.603
	1.124
	0.267
	0.111
	2.592

	
	No Retire
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000

	
	ACP + Gas
	−0.007
	0.000
	0.000
	0.119
	0.000
	0.000
	0.000
	0.000
	0.000
	0.113

	
	RPS + Geo Renew
	−0.322
	0.362
	0.000
	0.000
	0.262
	0.813
	0.368
	0.000
	0.000
	1.483

	2025 Unconstrained
	RPS + Gas
	−0.184
	0.769
	0.000
	0.069
	0.457
	0.000
	0.000
	0.000
	0.000
	1.110

	
	ISO Queue
	−0.338
	2.958
	0.000
	0.000
	0.804
	0.000
	0.127
	0.000
	0.000
	3.552

	
	Renew Plus
	−0.948
	0.929
	0.279
	0.000
	0.648
	0.603
	1.124
	0.267
	0.111
	3.014

	
	No Retire
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000

	
	ACP + Gas
	−0.009
	0.000
	0.000
	0.119
	0.000
	0.000
	0.000
	0.000
	0.000
	0.111

	
	RPS + Geo Renew
	−0.347
	1.183
	0.000
	0.000
	0.262
	0.813
	0.368
	0.000
	0.000
	2.278

	2030 Unconstrained
	RPS + Gas
	−0.186
	0.211
	0.000
	0.413
	0.614
	0.000
	0.000
	0.000
	0.000
	1.053

	
	ISO Queue
	−0.606
	0.870
	0.000
	0.000
	3.018
	0.747
	0.516
	0.000
	0.000
	4.545

	
	Renew Plus
	−1.483
	0.384
	0.256
	0.000
	0.717
	1.109
	1.762
	0.558
	0.213
	3.516

	
	No Retire
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.002

	
	ACP + Gas
	−0.016
	0.000
	0.000
	0.481
	0.000
	0.000
	0.000
	0.000
	0.000
	0.465

	
	RPSs + Geo Renew
	−1.253
	0.346
	0.000
	0.000
	1.349
	3.289
	1.489
	0.000
	0.000
	5.219

	2030 Unconstrained
	RPS + Gas
	−0.297
	0.732
	0.000
	0.413
	0.614
	0.000
	0.000
	0.000
	0.000
	1.463

	
	ISO Queue
	−1.306
	2.830
	0.000
	0.000
	3.018
	0.747
	0.516
	0.000
	0.000
	5.804

	
	Renew Plus
	−1.578
	0.854
	0.256
	0.000
	0.717
	1.109
	1.762
	0.558
	0.213
	3.891

	
	No Retire
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000
	0.000

	
	ACP + Gas
	−0.017
	0.000
	0.000
	0.481
	0.000
	0.000
	0.000
	0.000
	0.000
	0.464

	
	RPSs + Geo Renew
	−1.430
	1.132
	0.000
	0.000
	1.349
	3.289
	1.489
	0.000
	0.000
	5.828



[bookmark: _Toc497812793]Environmental Results
The results for the metrics that assessed the environmental impacts associated with the different scenarios provide some insight on future emission trends. The levels of SO2, NOX, and CO2, emissions associated with the different scenarios are directly tied to the type and amount of fossil fuels the different scenarios and cases use to generate electricity.[footnoteRef:79] CO2 allowance prices assumed based on the Regional Greenhouse Gas Initiative are key drivers of production costs, and CO2 emissions pose a potential regulatory constraint during the study years.  [79:  The ISO reported annual systemwide SO2 and NOX emissions as part of 2016 Economic Study Draft Results, PAC presentation (August 17, 2016), https://www.iso-ne.com/static-assets/documents/2016/08/a6_2016_economic_study_draft_results_appendix.pdf.] 

[bookmark: _Toc497812794]Ability of the System to Meet Renewable Portfolio Standards 
The assumptions for Scenarios 1, 2, 3, and 6 were developed to physically meet the regionwide Renewable Portfolio Standards for the unconstrained cases. As shown in Figure 6‑21 and Figure 6‑22 (and Table 6‑20), Scenarios 1, 2, 3, and 6 physically meet RPS targets for both the constrained and the unconstrained cases for 2025 and 2030. By design, Scenarios 4 and 5 do not physically meet the RPS but are assumed to comply through use of alternative compliance payments.
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[bookmark: _Ref480893311][bookmark: _Toc497812017]Figure 6‑21: The scenarios’ renewable energy production, 2025 (unconstrained and constrained cases) (GWh).
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[bookmark: _Ref480893324][bookmark: _Toc497812018]Figure 6‑22: The scenarios’ renewable energy production, 2030 (unconstrained and constrained cases) (GWh).
[bookmark: _Ref483930638][bookmark: _Toc497735293]Table 6‑20
Assumed Source of RPS Energy and Goal, 2025 and 2030 (GWh)
	Transmission and Year
	Scenario
	Offshore Wind
	Onshore Wind
	Solar (New)
	Total
	RPS Goal

	2025 Constrained
	RPS + Gas
	1.926
	6.396
	0.906
	9.228
	8.609

	
	ISO Queue
	1.926
	9.499
	1.581
	13.006
	8.609

	
	Renew Plus
	5.772
	8.387
	5.350
	19.509
	8.609

	
	No Retire
	1.926
	1.168
	0.906
	4.000
	8.609

	
	ACP + Gas
	1.926
	1.168
	0.906
	4.000
	8.609

	
	RPS + Geo Renew
	6.815
	5.306
	2.859
	14.980
	8.609

	2025 Unconstrained
	RPS + Gas
	1.926
	6.795
	0.906
	9.627
	8.609

	
	ISO Queue
	1.926
	11.466
	1.581
	14.973
	8.609

	
	Renew Plus
	5.772
	9.910
	5.350
	21.032
	8.609

	
	No Retire
	1.926
	1.168
	0.906
	4.000
	8.609

	
	ACP + Gas
	1.926
	1.168
	0.906
	4.000
	8.609

	
	RPS + Geo Renew
	6.815
	5.363
	2.859
	15.037
	8.609

	2030 Constrained
	RPS + Gas
	1.926
	7.861
	1.170
	10.957
	10.806

	
	ISO Queue
	6.789
	15.864
	4.021
	26.674
	10.806

	
	Renew Plus
	9.426
	9.635
	8.014
	27.075
	10.806

	
	No Retire
	1.926
	1.168
	1.170
	4.264
	10.806

	
	ACP + Gas
	1.926
	1.168
	1.170
	4.264
	10.806

	
	RPS + Geo Renew
	26.145
	12.117
	9.418
	47.680
	10.806

	2030 Unconstrained
	RPS + Gas
	1.926
	9.351
	1.170
	12.447
	10.806

	
	ISO Queue
	6.789
	37.898
	4.021
	48.708
	10.806

	
	Renew Plus
	9.413
	11.562
	8.016
	28.991
	10.806

	
	No Retire
	1.926
	1.168
	1.170
	4.264
	10.806

	
	ACP + Gas
	1.926
	1.168
	1.170
	4.264
	10.806

	
	RPS + Geo Renew
	25.176
	18.077
	9.418
	52.671
	10.806



[bookmark: _Toc497812795]Carbon Dioxide Emissions and RGGI Goals
The potential RGGI targets for total CO2 emissions  in the New England states for 2025 range from an approximate amount of 21.2 million short tons (5.0% reduction) to a total of 23.9 million short tons (2.5% reduction). The total target CO2 emissions for 2030 range from 14.4 million short tons (5.0% reduction) to 20.5 million short tons (2.5% reduction).[footnoteRef:80] RGGI currently permits the use of allowances, regardless of source or issuing state, and offsets to meet compliance obligations in any state. Allowances may be available from primary or secondary markets or neighboring states, or they may be banked and used in future compliance periods. The states also may release cost-containment reserves, which are additional CO2 allowances issued if auction prices exceed certain thresholds. RGGI excludes generators smaller than 25 MW and municipal solid waste units. Figure 6‑23 and Figure 6‑24 compare the total CO2 emissions for the scenarios with the potential annual RGGI emission limits for the New England region. [80:  RGGI, Inc., “Program Overview,” webpage (n.d.), http://www.rggi.org/design/overview. The RGGI CO2 budget (cap) is equal to the total number of CO2 allowances issued by RGGI states in a given year. A CO2 allowance represents a limited authorization to emit one short ton of CO2 from a regulated source, as issued by a participating state.] 
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[bookmark: _Ref477173503][bookmark: _Toc497812019]Figure 6‑23: CO2 emissions, 2025 (millions of short tons, %).
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[bookmark: _Ref477173504][bookmark: _Toc497812020]Figure 6‑24: CO2 emissions, 2030 (millions of short tons, %).
Table 6-21 shows more detailed CO2 emission results for 2025 and 2030 and compares New England CO2 emissions with the total annual emission targets for New England and for the entire RGGI region. The scenarios with the large-scale development of zero-emitting resources result in lower CO2 emissions. Scenario 3 results in the lowest overall emissions.



[bookmark: _Ref483931477][bookmark: _Toc497735294]Table 6‑21
CO2 Emissions Compared with RGGI Targets, 2025 and 2030 (Millions of Short Tons and %)
	Transmission and Year
	Scenario
	All Sources New England (Short Tons)
	RGGI Sources New England (Short Tons)
	New England RGGI Sources Percentage of   New England 2.5% Reduction (%)
	New England RGGI Sources Percentage of   New England 5.0% Reduction (%)
	New England RGGI Sources Percentage of 9 RGGI States 2.5% Reduction (%)
	New England RGGI Sources Percentage of  9 RGGI States 5.0% Reduction (%)

	2025 Unconstrained
	RPS + Gas
	32.8
	28.3
	121%
	142%
	41%
	50%

	
	ISO Queue
	30.3
	26.1
	112%
	131%
	38%
	46%

	
	Renew Plus
	20.8
	16.9
	73%
	85%
	25%
	30%

	
	No Retire
	38.4
	33.9
	146%
	170%
	50%
	60%

	
	ACP + Gas
	35.3
	30.6
	131%
	154%
	45%
	54%

	
	RPS + Geo Renew
	30.2
	26.0
	112%
	131%
	38%
	46%

	2025 Constrained
	RPS + Gas
	33.0
	28.6
	123%
	144%
	42%
	51%

	
	ISO Queue
	31.5
	27.3
	117%
	137%
	40%
	48%

	
	Renew Plus
	21.7
	17.9
	77%
	90%
	26%
	32%

	
	No Retire
	38.4
	33.8
	145%
	170%
	49%
	60%

	
	ACP + Gas
	35.2
	30.6
	131%
	154%
	45%
	54%

	
	RPS + Geo Renew
	30.3
	26.1
	112%
	131%
	38%
	46%

	2030 Unconstrained
	RPS + Gas
	34.0
	29.3
	147%
	220%
	50%
	75%

	
	ISO Queue
	18.2
	15.4
	77%
	116%
	26%
	39%

	
	Renew Plus
	13.1
	10.1
	51%
	76%
	17%
	26%

	
	No Retire
	40.9
	36.2
	182%
	272%
	62%
	93%

	
	ACP + Gas
	37.6
	32.8
	165%
	247%
	56%
	84%

	
	RPS + Geo Renew
	16.3
	13.8
	69%
	104%
	24%
	35%

	2030 Constrained
	RPS + Gas
	34.8
	30.3
	152%
	228%
	52%
	77%

	
	ISO Queue
	28.1
	24.1
	121%
	181%
	41%
	62%

	
	Renew Plus
	14.3
	11.1
	56%
	83%
	19%
	28%

	
	No Retire
	40.8
	36.1
	181%
	271%
	62%
	92%

	
	ACP + Gas
	37.5
	32.7
	165%
	246%
	56%
	84%

	
	RPS + Geo Renew
	18.6
	15.8
	79%
	119%
	27%
	40%



2016 NEPOOL Scenario Analysis						     page 93
ISO-NE PUBLIC USE
[bookmark: _Toc497812796]Other Emissions 
In Scenario 4, coal is competitive with natural gas combined-cycle units, which lowers the use of natural gas but increases emissions. SO2 emissions are approximately 8,000 short tons for Scenario 4 and under 2,500 short tons for all other cases. 
[bookmark: _Toc497812797]Spilled Renewable Resource Energy 
Table 6-22 shows the total amount of spilled renewable resource energy, including photovoltaics, onshore wind, offshore wind, New England hydro, and imports on existing and new ties from Québec and the Maritimes assumed to be supplied by hydroelectric energy. The highest amount of renewable spillage occurs in Scenario 2 (transmission constrained) at 29,913 GWh, or 37% of all renewable production. Most of the spillage is the direct result of transmission constraints in Maine, especially north of the Surowiec South Interface. Relieving the Surowiec South and Orrington South interfaces allows the delivery of renewable energy to the load centers in southern New England. A small amount of renewables, however, are spilled when renewable plus nuclear supply exceeds load consumption in the unconstrained transmission cases, especially Scenario 3 in 2030. 
Table 6-22
Total Amount of “Spilled” Renewable Resource Energy, 2025 and 2030
(Unconstrained and Constrained Cases) (GWh, %)
	Transmission and Year
	Scenario
	Renewable Energy Profile (GWh)
	Total Spilled (GWh)
	% of Total Renewable Spilled (%)
	Total Spilled Due to Transmission Constraints (GWh)
	Total Spilled North of Surowiec South (GWh)
	Total Renewable Spilled North of Surowiec South (GWh)
	% of Total Renewable Spilled North of Surowiec South (%)

	2025 Constrained
	RPS + Gas
	36,256
	1,481
	4.09%
	1,451
	1,475
	1,454
	99.61%

	
	ISO Queue
	39,022
	3,996
	10.24%
	3,811
	3,968
	3,842
	99.29%

	
	Renew Plus
	55,748
	3,329
	5.97%
	2,897
	3,136
	3,043
	94.21%

	
	No Retire
	32,119
	9
	0.03%
	4
	8
	4
	90.88%

	
	ACP + Gas
	32,121
	7
	0.02%
	4
	6
	4
	80.73%

	
	RPS + Geo Renew
	42,379
	764
	1.80%
	662
	722
	654
	94.61%

	2030 Constrained
	RPS + Gas
	38,152
	3,035
	7.96%
	3,026
	3,033
	3,028
	99.93%

	
	ISO Queue
	50,649
	29,821
	58.88%
	21,128
	29,717
	24,885
	99.65%

	
	Renew Plus
	66,776
	20,103
	30.10%
	2,974
	5,030
	3,480
	25.02%

	
	No Retire
	33,013
	8
	0.03%
	3
	7
	3
	84.98%

	
	ACP + Gas
	33,017
	5
	0.01%
	2
	3
	2
	74.32%

	
	RPS + Geo Renew
	70,638
	13,928
	19.72%
	5,174
	11,254
	6,456
	80.80%

	2025 Unconstrained
	RPS + Gas
	37,707
	31
	0.08%
	Unconstrained reference
	21
	Unconstrained reference
	68.72%

	
	ISO Queue
	42,833
	185
	0.43%
	Unconstrained reference
	126
	Unconstrained reference
	68.05%

	
	Renew Plus
	58,645
	432
	0.74%
	Unconstrained reference
	93
	Unconstrained reference
	21.52%

	
	No Retire
	32,123
	5
	0.02%
	Unconstrained reference
	5
	Unconstrained reference
	86.64%

	
	ACP + Gas
	32,125
	3
	0.01%
	Unconstrained reference
	2
	Unconstrained reference
	66.54%

	
	RPS + Geo Renew
	43,041
	102
	0.24%
	Unconstrained reference
	68
	Unconstrained reference
	67.34%

	2030 Unconstrained
	RPS + Gas
	41,178
	10
	0.02%
	Unconstrained reference
	5
	Unconstrained reference
	49.51%

	
	ISO Queue
	71,777
	8,693
	12.11%
	Unconstrained reference
	4,833
	Unconstrained reference
	55.59%

	
	Renew Plus
	69,750
	17,129
	24.56%
	Unconstrained reference
	1,550
	Unconstrained reference
	9.05%

	
	No Retire
	33,016
	5
	0.02%
	Unconstrained reference
	4
	Unconstrained reference
	70.49%

	
	ACP + Gas
	33,019
	3
	0.01%
	Unconstrained reference
	1
	Unconstrained reference
	57.56%

	
	RPS + Geo Renew
	37,707
	31
	0.08%
	Unconstrained reference
	21
	Unconstrained reference
	68.72%



The results show that the large-scale development of remote resources requires transmission additions to avoid spillage. Conversely, the development of resources near load centers in southern New England avoids spillage of renewable energy and diminishes the need for transmission development to avoid congestion. 
Table 6-22 also shows the need for control systems to spill renewable energy from wind, hydro, and import resources for the unconstrained cases (see Section 6.2; Figure 6‑16 ). Storage may operate differently than in the past system. The large-scale development of variable energy resources also poses operating challenges for regulation, ramping, and reserves. As discussed in Section 7.2, Phase II of this Scenario Analysis will analyze these issues. 
[bookmark: _Ref166224595][bookmark: _Toc173682315][bookmark: _Ref462056355][bookmark: _Ref476319046][bookmark: _Toc497812798]
Summary, Conclusions, and Next Steps 
This section summarizes some of the main results and conclusions of the 2016 NEPOOL Scenario Analysis Phase I that assessed the effects of different resource-expansion mixes on the future electric power system in New England. This section also provides an overview of supplemental studies assessing several market and operational issues, a sensitivity analysis of the price of carbon emission allowances, and a transmission analysis on interconnection clustering. 
The stakeholder process provided valuable input to the Scenario Analysis, including the review of the scope of work, assumptions, methodology, and draft and final results. This report, plus posted data, tables, and spreadsheets, should assist stakeholders in developing their own conclusions. 
[bookmark: _Toc497812799]Key Observations
The NEPOOL Scenario Analysis provides many insights into system performance. Disparities of results among the cases appear more evident in 2030 as result of the larger differences in the resource mixes than for 2025. Key observations are as follows: 
· In many ways, the results for Scenarios 1, 4, and 5 (RPSs + Gas, No Retirements beyond FCA #10, and ACPs + Gas) are similar to each other. Scenario 1, however, can physically meet regional RPS goals even without major transmission expansion to relieve congestion.
· Scenarios 2, 3, and 6 (ISO Queue, Renewables Plus, and RPSs + Geodiverse Renewables) are very different from Scenarios 1, 4, and 5 because they reflect significantly more expansion of renewable resources. The large-scale addition of renewable resources and energy efficiency presents a number of technical and market issues that would need to be addressed. 
· The large-scale development of renewable resources decreases production costs, LSE energy expenses, and emissions. However, the total relative annual resource cost would be considerably higher for Scenarios 2, 3, and 6 than for Scenarios 1, 4, and 5. The higher costs result from higher capital costs for resource expansion and transmission development for integrating wind resources in northern New England. 
· Across all scenarios, resource revenues from the energy market are insufficient to cover the fixed costs of new resources, and they would require other sources of income to remain economically viable. Adding the large-scale development of renewable resources to the system resource mix, which have zero or near-zero energy production costs, would further depress energy market revenues to all resources. 
· The retirement of resources and the large-scale development of renewable resources in northern New England could trigger investment in the transmission system and special controls. More generally, the large-scale development of inverter-based resources throughout the system poses major technical and economic issues that must be addressed. 
· Across all scenarios, natural gas remains on the margin most of the time. 
· Meeting regional RGGI targets may depend on its compliance flexibility and the large-scale development of renewable resources within or deliverable to New England.
· Resource development near New England’s load centers in southern New England, including renewable resources and energy efficiency, reduces the need for transmission expansion. For example, potential offshore wind resources are in electrically favorable locations and their interconnection to strategic locations in southern New England would reduce the need for other transmission expansion. 
· The increased use of storage tends to reduce the temporal differences of LMPs but also the revenues to storage resources from energy price arbitrage under the current market structure. The large-scale development of variable energy resources could change the historical times of net system peak and off peak, which changes the traditional times that storage resources would charge and discharge.
[bookmark: _Toc497812800][bookmark: _Ref480889374]Phase II of Scenario Analysis
Supplemental studies of the Phase I NEPOOL Scenario Analysis assess several market and operational issues. For each of the Phase I scenarios, the Phase II Scenario Analysis examines the following: 
· Representative Forward Capacity Auction clearing prices
· The ability of the natural gas system to supply fuel to generators
· Changes in the amounts of regulation, ramping, and reserves
The FCA analysis considered energy market revenues from the Phase I simulations and then determined FCA clearing prices and revenues consistent with market rules. Because resources could retire and develop in the intervening years, the FCA pricing results do not capture the effect of transitions in the resource mix. All resources in the scenarios were considered “existing resources,” and the results provide relative FCA clearing prices across scenarios rather than absolute FCA prices. Key results of the FCA analysis are as follows:[footnoteRef:81] [81:  Analysis Group, Capacity Market Impacts and Implications of Alternative Resource Expansion Scenarios: An Element of the ISO New England 2016 Economic Analysis (July 3, 2017), https://www.iso-ne.com/static-assets/documents/2017/07/final_analysis_group_2016_economic_analysis_capacity_market_impacts.pdf. ] 

· Scenarios with retirements and new entry approximately meeting net ICR result in the highest FCA prices, which are slightly above the net cost of new entry (CONE) (i.e., the prices are the same as for existing-resource offers).[footnoteRef:82] [82:  The CONE is a pricing threshold derived from the capacity clearing prices established in an FCA used to (1) establish the starting price for each FCA, (2) set thresholds for reviewing delist bids to deter the exercise of market power, (3) set initial pricing for reconfiguration auctions when the ISO or a market participant that does not meet its commercial operation date submits demand bids or supply offers, and (4) determine pricing when the supply is inadequate and competition is insufficient. The net CONE was assumed at $8.70//kW-month in 2025 and $9.61/kW-month in 2030. ] 

· The scenario with no retirements and no major new resources beyond FCA #10 has lower FCA prices. 
· The scenario with retirements with substantial new clean and distributed resources results in the lowest FCA prices because the scenario added large quantities of capacity supply obligations in excess of net Installed Capacity Requirement. 
· All scenarios show the need for additional revenue streams outside the wholesale electricity markets for capacity and energy. Scenarios that added renewables resulted in the greatest revenue shortfalls for all resource types given the higher cost of new entry for renewables and depressed energy market revenues.
The second Phase II study examined natural gas system deliverability issues by considering six scenarios for natural gas supply to the region compared with the seasonal fuel requirements of natural-gas-fired generation, recognizing that the local distribution company loads must be served first.[footnoteRef:83] The analysis examined the ability of the spare capacity of the natural gas system to serve the installed seasonal claimed capability of natural-gas-fired generation and the amount of gas-fired generation dispatched in the production simulations. But the study did not consider maintenance conditions or forced outages on the natural gas system, which would reduce its capability to serve gas-fired generation across scenarios. [83:  ISO New England, 2016 Economic Study Results: Peak-Gas-Day/Hour Capacity and Energy Analysis, PAC presentation (May 25, 2017 and reposted as final August 2, 2017),  https://www.iso-ne.com/static-assets/documents/2017/08/a3_2016_economic_study_natural_gas_capacity_and_energy_analysis_rev1.pdf. ] 

Even for maximum assumed natural gas supply to the region, the results show insufficient spare natural gas system capacity to satisfy the installed capacity of all natural-gas-fired generating units across the six resource-expansion scenarios for the 2024/2025 and 2029/2030 winters.[footnoteRef:84] Although not all natural-gas-fired generating units will necessarily run during the winter peak, the results show vulnerability to electric power system contingencies, such as reductions in non-natural-gas-fired resources (e.g., nuclear units) and disruptions of electric energy imports, all of which could require the additional use of natural-gas-fired units. The study also concludes the region will need to rely on the large-scale addition of energy efficiency and resources that use fuels other than natural gas, such as renewable resources, to supplement the natural gas supply to meet electric system energy needs during the winter operating season.  [84:  The maximum assumed natural gas supply to the region was 6.703 billion cubic feet per day (Bcf/d) in 2025 and 6.874 Bcf/d in 2030, which was assumed to be sufficient to meet LDC growth and allow for some surplus capacity to serve some generating units burning natural gas. For the full assumptions and results, see the above-mentioned Peak-Gas-Day/Hour Capacity and Energy Analysis presentation. ] 

Phase II results also showed that, assuming its full capability, the existing pipeline capacity has sufficient spare natural gas system capacity to serve the natural-gas-fired generating units and their energy requirements for the six resource-expansion scenarios during the summers of 2025 and 2030.[footnoteRef:85] The analysis accounts for the reduction in LDC consumption during the summer operating period but did not consider pipeline maintenance conditions that typically occur during the summer.  [85:  The assumed current pipeline capacity is 4.697 Bcf/d during the summer.] 

The third Phase II study is examining intrahour ramping, regulation, and reserve requirements of the system for the six scenarios. The final results will be quantified through simulations, which are expected by late 2017. 
[bookmark: _Toc497812801]Sensitivity Analysis and Other Related Studies
The ISO completed a sensitivity analysis on the price of carbon emission allowances based on the other assumptions used in the Phase I Scenario Analysis study. As a separate effort, the ISO performed a transmission analysis on interconnection clustering. The ISO is also performing an analysis in response to the 2017 Economic Study request.  
[bookmark: _Toc497812802]Carbon Emission Price Sensitivity Study
As requested by stakeholders, the ISO performed sensitivity analyses that varied the parameters used for the costs of CO2 emission allowances.[footnoteRef:86] The simulation results discussed in Section 6.4 that used $24/short ton (2015$) for 2030 were compared with a carbon allowance price of $64/short ton (2015$) for 2030, with and without transmission constraints.[footnoteRef:87] The sensitivity study produced a limited set of metrics that showed the following: [86:  ISO New England, 2016 Economic Study Carbon Allowance Cost Sensitivity, Draft Results, PAC presentation (April 19, 2017), https://www.iso-ne.com/static-assets/documents/2017/04/a6_2016_economic_study_carbon_cost_.pdf.]  [87:  Carbon allowance prices were assumed for all generating units in all Scenario Analysis simulations. Applying carbon prices only to units greater than 25 MW (i.e., RGGI units) could increase emissions because high-emitting small units, such as biomass units, would be in merit more frequently.] 

· Natural gas remains on the margin a significant portion of the time independent of carbon prices. LMPs increase approximately 30% across all scenarios. 
· Across all scenarios, increasing the CO2 emission costs increases the production costs and LSE energy expenses but does not change the quantitative ranking of the scenarios.
· Higher CO2 allowance costs may lower total annual New England emissions by up to a few million short tons, but New England’s CO2 emissions from RGGI sources as a percentage of the total RGGI cap continue to be in the 50% to 81% range for Scenarios 1, 4, and 5 (RPS + Gas; No Retirements; and Gas + ACPs).[footnoteRef:88]  [88:  Historically, New England’s annual RGGI CO2 annual emissions have averaged approximately one-third of the total emissions for all RGGI states.] 

· Increasing the CO2 allowance adder increases congestion for Scenarios 1 (RPS + Gas), 2 (ISO Queue), 3 (Renewables Plus), and 6 (RPS + Geodiverse Renewables). The higher allowance price had little effect on the amounts of congestion for Scenarios 4 and 5. 
[bookmark: _Toc497812803]Strategic Transmission Analysis and Clustering of the ISO’s Interconnection Queue
In support of resources in its Interconnection Queue, the ISO also will identify transmission infrastructure that can be added for interconnecting generation in Maine requesting to interconnect to the system as part of the 2016 Maine Resource Interconnection Study.[footnoteRef:89] The study will assess the following metrics but not for any wind plant collection systems: [89:  ISO New England, Maine Resource Integration Study, PAC presentation (September 21, 2016), http://www.iso-ne.com/static- assets/documents/2016/03/a2_maine_resource_integration_study_scope_of_  work.pdf.] 

Quantity of generation (MW) that could interconnect
Order-of-magnitude cost of the transmission infrastructure
Expected time to construct
FERC approved a set of clustering revisions to the interconnection procedures for resolving the queue backlog in Maine and elsewhere on the New England transmission system should similar conditions arise.[footnoteRef:90] The revised methodology allows two or more interconnection requests to be analyzed in the same system impact study and to share costs for certain interconnection-related transmission upgrades. The development of the methodology was informed by extensive research, including a review of cluster study approaches that other ISOs and RTOs in North America have implemented, including specific “targeted” study approaches for addressing situations similar to those observed in Maine, as well as stakeholders’ experiences with these processes.  [90:  FERC, Order Accepting Tariff Revisions, Docket No. ER17-2421-000, 161 FERC ¶ 61,123 (October 31, 2017), https://www.iso-ne.com/static-assets/documents/2017/11/er17-2421-000_order_accept_interconnection_queue_clustering.pdf.] 

In parallel with this review, the ISO also initiated a strategic infrastructure study—the Maine Resource Integration Study—under the OATT Attachment K planning process to identify the transmission upgrades necessary for interconnecting proposed resources in Maine. This work informed the new clustering revisions and will form the basis for the ISO’s first cluster system impact study now that FERC has approved the clustering revisions.
[bookmark: _Toc497812804]2017 Economic Study
The ISO received one request for an economic study in 2017 that will be based on the Phase I of the 2016 Economic Study. The study will examine three combinations of large-scale renewable wind, PV, and EE resources, as well as plug-in electric vehicles and distributed storage. The study will show several economic metrics typically provided in economic studies:
· Total energy production by resource/fuel type
· Systemwide production costs
· Average locational marginal prices
· Load-serving entity energy expenses and congestion
· High-order-of-magnitude cost estimates for transmission development
· Relative annual resource costs for the addition of new resources
· Environmental emissions 
· “Spillage” of renewable resource energy production due excess systemwide production or transmission constraints that bottle economical resources  
The 2017 Economic Study is scheduled for completion the first half of 2018.
[bookmark: _Toc497812805]Next Steps
Similar to the 2016 NEPOOL Scenario Analysis, stakeholders can develop their own assumptions and analyze results. For example, stakeholders can develop annual carrying charges, which can be reflected in the generation cost metrics to obtain total investment costs. 
The ISO has engaged with NEPOOL and the New England states to investigate the better integration of markets and public policy (IMAPP). The ISO has put forward a framework for competitive auctions with sponsored policy resources (CASPR), which is designed to maintain competitively based forward-capacity price signals while, over time, accommodating the entry into the FCM of new resources sponsored by public entities. The CASPR proposal will be reviewed with regional stakeholders during the remainder of 2017.
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